
• 

• 

• 

ALT/COM/OV/rtb/cgm ... 

Decision 87 12 039 

,. 
Item 1a 
Agenda 12/9/87 

~iC 9.1987 
.". BEFORE THE PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 

Order Instituting Investigation 
on the Commission's motion into 
implementing.a rate design for 
unbundled gas utility services 
consistent with policies adopted 
in Decision 86-03-057. 

) 
) 
) 
) 
) 
) 

----------------------------------) 

And Related Matters. 

) 
) 
) 
) 
) 
) . ) 
) 
) 
) 
) 
) 

------------------------------) 

- 1 -

In1m~q@nrn i~ f1 
@j ruU\.2ju uuwtb 

1.8&-06-005 
(Filed June S, 1986) 

R.86-06-006 
(Filed June 5, 1986) 

Application 87-01-033 
(Filed January 20, 1987) 

Application 87-0l-037 
(Filed January 27, 1987) 

Application 87-04-040 
(Filed April 20, 1987) .,:" 

;",: 
II· 

",ro' 
" ... 

.. t.~~ 



• 

• 

• 

TABLE OF CONTENTS 

SUbject 

OPINION ..................................................................................................... .. 

I • Ba.ckgro'UIld/Historry-. • • .. .. • • • .. .. .. .. .. .. .. .. .. .. .. • .. .. .. .. .. .. .. .. .. .. .. .. .. .. .. 2 
A. Reserved Issues ••••••••••.••..••...•............•• 6 

1. Procurement Issues ••••••••••••••.••••••••••• 6 
2. System Reliability Issues ••••••••••••••••••• 7 

B. Basic Policies •••••••••••••••••••••••••••••••••••• 7 
1. The Interpretation ot the Baseline Statute.. 7 
2.. Allocation Factors ................................................... g. 
3. Cost-based rates •••••••••••••••••••••••••••• S 

xx. Major Xssues .~ •• _ •• ~ •• _~ •••••• ______ ••••••• _ ••••••••. 10 
A. Transition Costs ••••••••••••••••••••••••••••••••• 11 

1. The Concept ••••••••••••••••••••••••••••••••• 11 
2. ~he calculation ••• _e •• __ •••••••••••••••••••• lS 
3. Accountinq and Ratemakinq Treatment ••••••••• 28-

B. Industrial Sales Forecastinq ••••••••••••••••••••• 36 
c. Priority Cbarqe •••••••••••••••••••••••••••••••••• 38 
D. Core/Noncore CUstomer Definition ••••••••••••••••• 41 

III. Tbroughput Forecast/COSt of Gas •••••••••••••••••••••• 43 
A. Forecast of Sales/Deliveries ••••••••••••••••••••• 44 

1. UEG Forecast •••••••••••••••••••••••••••••••• 45 
2. Forecast ot sales versus Transport Only ••••• 47 
3. Alternate Fuel Prices ••••••••••••••••••••••• 47 
4. Price Premium tor Gas ••••••••••••••••••••••• 48-
5. Core-elect/Noncore Procurement Forecast ••••• 48 
6. Definition of a cold Year ••••••••••••••••••• 48-
7. EOR Forecast •••••••••••••••••••••••••••••••• 49 
8-. Cogeneration Forecast ••••••••••••••••••••••• SO 
9. Interutility Volumes •••••••••••••••••••••••• SO 

10. Wholesale Forecast •••••••••••••••••••••••••• 5l 
ll. Future Noncore Throughput Forecasts ••••••••• 5l 
12. Adopted sales and Throuqhput Forecasts •••••• 52 

B. Gas Costs and Porttolio Prices ••••••••••••••••••• 52 
1. SUpply Prices .................................. '.. 53 
2. Demand Charqes •••••••••••••••••••••••••••••• 53 
3. Supply Volumes (Sequencing) ••••••••••••••••• 54 
4. Core Weighted Averaqe Cost ot Gas (WACOG) ••• 54 
5. Noncore WACOG ••••••••••••••••••••••••••••••• S4 
6. SOG&E ••••••••••••••••••••••••••••••••••••••• 54 
7. Adopted Cost ot Gas •• : ....................... 54 

rv. Allocation and Revenue Requirement Issues ............. 54 
A. Allocation of Embedded Costs ..................... 55 

1. EOR Revenue Treatment/Cost Allocation ••••••• 56 

,M 



A. 

• 

• 

• 

AL:J/ /jt ., 

2. Weiqhted CUstomer Allocation Factors •••••••• 57 
3. CUstomer Related Transmission Costs ••••••••• S7 
4. Allocation of Conservation Costs •••••••••••• 58 
5. calculation of Noncoineident Peak Factors ••• 59 
6. Allocation of Franenise Fees and 

TJneolleetio,les ................................ 59 
7. Lost and. unaccounted-tor Gas (L'O'AF) and. 

Company Use •••••••••••••••••••••••••••••••• S9 
8. Noncore Transmission/Distri~ution Split ••••• 60 
9. Distribution-Related Expenses •••••••••••••• 61 

10. Abandoned LNG Amortization •••••••••••••••••• 62 
11. Interutility Revenues ••••••••••••••••••••••• 62 
12. Storage Costs ••••••••••••••••••••••••••••••• &3 
13. Balancinq Account Balances (CAM, GCBA,. and 

PGA/SAM) ••••••••••••••••••••••••••••••••••• 63 
B. Revenue Requirement Issues ••••••••••••••••••••••• 64 

1. Balancing Account AmortiZation •••••••••••••• 64 
2. Sal~cing Account Forecast •••••••••••••••••• 6~ 
3. GEOA •••••••••••••••••••••••••••••••••••••••• 65 
4. Lost Revenue •••••••••••••••••••••••••••••••• 6S 
5. Adopted cost Allocations and Revenue 

Requirements ••••••••••••••••••••••••••••••• 6S 

v. Core Market Rate Design ••••••••••••••••••••••••••••••• 66 
A. Residential Rate Design •••••••••••••••••••••••••• 66 

1. CUstomer Charge ••••••••••••••••••••••••••••• 66 
2. Baseline Rates/Allowances ••••••••••••••••••• 67 

B. Core Commer~ial Rate Design •••••••••••••••••••••• 69 
1. Large/Small CUstomer Differentials •••••••••• 69 
2. Seasonal Differentials •••••••••••••••••••••• 70 
3. Availability of Core Transportation ••••••••• 71 
4. Special New Rates •••••••••••••••••••••••.•.. 7~ 

VI. Noncore Rate Design - P2B- and Industrial ............... 72 

VII. 

A. CUstomer Sub-classes ••••••••••••••••••••••••••••• 73 
B. Detault Rate Structure in General •••••••••••••••• 74 
C. Detault Rate Components •••••••••••••••••••••••••• 7S 

1. CUstomer Charqes •••••••••••••••••••••••••••• 75 
2. 0-1 Demana Charqe ••••••••••••••••••••••••••• 7S 
3. 0-2 Demand Charqe ••••••••••••••••••••.••• _~. 7~ 
4. Volumetric Rate ••••••••••••••••••••••••••••• 76 

D. Start Date for Demand Charges Calculation •••••••• 78 

OEG Rate Design •••••••••••••••••••••••••••••••••••••• 79 
A. UEG Rate structure ••••••••••••••••••••••••••••••• 80 

1. Demand Rate Structu:t;'e ........................ SO 
2. 'O'EG Vol'Ulnetric Rate ........................... 80 

B. UEG O"trerrun Rate ................... ___ ..... _.... .... ........ •• 8·2 
c. cogeneration Shorttall ••••••••••••••••••••••••••• 83 
O. Iqniter Fuel Status •••••••••••••••••••••••••••••• S3· 

- ii -



• 

• 

• 

A • AL'1/ /jt 

VJ:II .. Cogeneration Rates ••••••••••••••••••••••••••••••••••• 83 

IX. 

x. 

XI:. 

XII. 

Wholesale Rate Desi9'll .. .............................................. .. 
Non-Rate Related Items .. ............................................... .. 
A. 
B. 
c. 
0., 
E. 
F. 
G. 
H. 
I. 
J. 

Wholesale Proeurement Flexibility •••••••••••••••• 
Termination Fees for Core Elect •••••••••••••••••• 
Noncore WACOG True-up . .......... -.... -..- ............... ~ .. . 
EOR Revenues ............................................................... 
Pipeline Oemand Charges . .......................................... . 
Rate Oiscountinq at the NRSA Limits •••••••••••••• 
Line Extension Allowances .. ................................... .. 
Oemand Charqes - Foree Majeure ••••••••••••••••••• 
One-Year Obligation for Demand Charges ••••••••••• 
Meter Aggregation ..................................................... '" 

Existing Lonq-Ter.m Contracts 
A. Priority Level •••••••••••••••••••.••••••••••••••• 

. ...•...•............•... 
B. Transition Charges ........••..••.••......•....... 
Implementation . Stl::'lLt~ ......... __ •••• __ ................. ' ... .. 

.•..•.......•.•.•..•..••.••...•.•....•.......• Findinqs of Fact 
Conelusions of Law .- ... --..... --.- ...... -.. -.-.-..... ~ ....... . 
ORDER -.. -....... -•..•.•..• -.. -... ----~--.- .. -...•..•..••..•.... 

iii -

87 

88 
88 
89 
89 
90 
90 
91 
91 
91 
92-
92 

93 
94 
96 



• 

• 

• 

.. 
I.S6-06-00S et al. RTB/cqm ALT-CO~-DV 

OPINION' 

The issues presented for resolution in this proceeding 
are numerous and complex. An extensive record has been developed. 
Over 30 days of hearings were held before Administrative Law Judge 
Kenneth Henderson. Although most of the hearings were held in san 
Francisco, hearings were also conducted within the territory ot 
each of the three respondent utilities. During the hearing phase 
of this proceeding over 4,500 transcript pages were compiled; over 
150 exhibits were received into evidence; and, in addition to the 
19 parties that presented witnesses, a number of other parties 
participated actively throughout the proceedings. Finally, briefs 
were submitted by over :3 0 parties. 

The ALJ's proposed decision was served on November 5, 
1987. Following the ALJ's proposed decision ,comments and/or 
replies to comments on the AtJ's proposed decision were filed by 22 
parties. In addition, we received a very large volume of 
correspondence primarily concerning the proposed decision's 
resolution of the Nsmall coqeneration* issue. We have carefully 
reviewed these comments/replies but will not summarize them in this 
order. To the extent that we have relied on the comments of a 
party in changing the ALJ's proposed decision, we have attempted to 
provide the proper attribution in the body of this order. 

Tod.ay's decision is intended to. implement in rates the 
major poliey decisions which we made in December, 1986, in 
Decisions CD.) 86-l2-009 and D.S6-l2-0l0. TQ assist the reader in 
understanding the issues which we decide below, we will review the 
foundations of these orde~s -- especially the rate design 
principles -- and the significant changes which we made in our 
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program in a series of modifying deeisions last spring. We will 
also discuss the types of issues whieh this order will ~ address. 

The first prineiple of the conceptual approach to rate 
design which we adopted in 0.86-l2-009 is that "economic efficiency 
dictates that rates be based on marginal cost, not embedded cost" 
(p. l3). We examined a number of approaehes to a marginal cost
based rate design, and recognized that all the methods presented 
either conceptual or implementation pro~lems. The approach we 
finally adopted was intended to preserve, to the greatest extent 
possible given the state of the art, the benefits of marginal cost 
pricing. The utilities were allowed substantial flexib;lity to 
negotiate transmission rates with noncore customers--those ~sers 
with viable options to utility service. We accepted the ORA's 
replacement cost method, which the ORA advanced as a proxy for 
long-run marginal costs, as the ceiling for the range o,f rate 
flexibility. The floor was set at the short-term variable cost of 
transporting gas_ Within this broad range, we expeeted that the 
utilities would be able to negotiate' rates tailored to the 
individual demand elasticity of particular customers. In this way, 
we hoped to approximate the efficiency benefits of marginal cost 
pricing. In exchange for the broad rate flexibility which we have 
granted the utilities, we have placed them at risk for the recovery 
of the non-gas costs allocated to the noncore market. 

In this case, we have heard many arguments about whether 
a particular proposal is consistent with our alleged movement 
toward a "cost-based" rate design. The term "cost-based" is 
unfortunately vague, as it conveys no information about what sort 
of costs (marginal? embedded? replacement?) are the basis. We 
stated in 0.86-l2-009, and have since reiterated, our intent to 
base our rate design on marginal cost principles. In 0.86-l2-009 
we used embedded costs only for the initial step of allocating non
gas costs between the core and noncore markets. In the absence of 
a viable marginal cost method for performing this allocation, we 
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deeid.ed. to use the relatively simple, understand.a~le e~ed.ded. cost 
method. We chose to use relatively Htlat" factors in making this' 
allocation, reflecting our ~elief that all customers should 
contribute to the costs of the excess capacity in today's system, 
until the exc~ss is reduced and the current period of transition to 
an unbundled rate structure is complete. We e~phasized that our 
use of embedded costs will be temporary, until the application of 
marginal cost principles to natural gas rate design is. further 
developed. Moreover, the rate flexibility in the new rate design 
will allow some of the efficiency benefits of marginal cost pricing 
to be realized .. 

We received numerous requests for rehearin~ ana/or 
mod.ification of this rate design framework. In D.87-03-044 and. 
D.87-0S-046 we made two important modifications to this structure. 
In response to petitions for rehearing of 0.86-12-009 filed. by the 
California Industrial Group (CIG) and the city of Pasadena, 
1:).87-03-044 ch.anged the ceiling of the band. of rate flexibility, 
which will be the "aefault" rate in the absence of a negotiated 
rate. 0.86-12-009 established the default rate based on 
replacement costs, without scaling those costs back to meet the 
revenue requirement; D.87-03-044 lowered the default rate to the 
level of embedded costs, which by definition are scaled to the 
revenue requirement. This change resulted. from our concerns that a 
default rate which was not scaled to collect just the revenue 
requirement might not be just and reasonable; and that a high 
default rate might encourage the utilities to discriminate unduly 
amonq noncore customers. ~he utilities and TURN immediately asked 
us to reconsider D.87-03-044. The utilities argued that ~efault 
rates set at the embedded cost level would not provide them with a 
reasonable opportunity to recover their revenue requirement; TURN 
agreed, and expressed the fear that if the utilities could not 
maintain noncore throughput, the Commission would reallocate costs 
to core customers. We addressed these concerns in 0.87-0S-045, by 
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making a series of "fine tuning" adjustments to our program, 
addressing those situations in which it is clear that present 
contractual rates or economic circumstances dictate that the 
utility cannot recover the embedded cost of service from certain 
customers. These adjustments included: 

1. Spreading equally among all other customers 
the shortfall below embedded costs from 
existing long-term. transportation contra~ts-' 
with non-EOR customers. 

2. Allocating to the UEG default rate the 
shortfall resulting from the statutory 
requirement that industrial customers with 
cogeneration equipment receive rate parity 
wi~h the utG class. 

3. Removin~ tOR revenues from the cost 
allocat~on process, in recognition that the 
rate to this class is constrained by their 
bypass alternatives. 

4. Reducing the risk to Socal Gas that it may 
not recover the non-gas costs alloca~ed to 
the large utG elass, by in~luding in the 
'O'EG volumetrie rate only 25% of socal's 
return on equity and taxes allocated to- the 
utG class. 

We emphasized that these adjustments will allow the utilities to 
start off our new requlatory pro~r~ without the prospect of a 
N):)uil t-inN revenue deficiency, yet they stop short o,f measures 
which would virtually guarantee revenue recovery. We noted that 
the utilities have a number of options if ~ompetitive pressures 
for~e them to discount their transmission rates below the default 
r,~te. The first is to pressure the upstream. pipelines and 
p:l:'oducers to absorb a portion of the discount necessary to meet the 
market. A second is for the utilities to cut costs, which would 
benefit all ratepayers. Finally, the utilities have the safety net 
of the NRSA mechanism which the Commission approved in D.86-12-010. 
Our con~lusion was that the modified program fully meets our legal 
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obligation to provide the utilities with a reasonable opportunity 
to earn their authorized rate of return. 

A. ~ex:ved Issues-

The purpose of this proceeding has been to produce rates 
which implement this new rate design program. There are a number 
ot aspects of our Dece~er, 1986, gas· policy decisions which are 
not being implemented or reviewed in this case. However, at times 
these issues have surfaced in this proceeding, because they somehow 
have an impact on, or are affected by, the ratesetting process. We 
will review these issues briefly here, in order to make clear at 
the outset the bounds we will place on our consideration of what 
has been presented to us in this proceeding, and to indicate where 
we will address those matters that fall outside the rate design 
focus of this case .. 

1. Procurement Issues 
0.86-12-0l0 contained an extensive discussion of our 

policies on the utilities' gas procurement activities under the new 
regulatory structure, in both the core and noncore markets. In 
this case our consideration of gas procurement was limited to 
constructing core and noncore portfolios based upon the utilities' 
current purchasing policies and mix of contracts, and to 
determining what portion of current gas costs should be treated as 
transition costs for ratemaking purposes. The presiding AtJ 

correctly exclUded testimony directed at revising current 
sequencing guidelines. We instituted I.87-03-036 to examine 
procurement issues whieh remain following 0.86-12-010, and recently 
issued D .. 87-l0-043 in that inquiry. 1).87-10-043 asks for comments 
on a broad range of core and noncore procurement issues, including 
the sequencing concerns which parties tried to advance in this 
case. I.87-03-036 will be the appropriate vehicle for the further 
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consideration of the procurement issues which our new requlatory 
framework raises. 

2. system Reliability Issues 
We recognize that issues remain regarding how the 

utilities will operate their systems to provide reliable service 
uncier the new regulatory regime. For example" an issue which 
Hadson raised in this case is whether the utilities will use their 
storage capacity to provide core-elect customers with more reliable 
service than noncore transport-only users. The possibility that 
the utilities might relinquish some of their firm interstate 
pipeline capacity wa~ also raised in this proceeding. We have 
decided to consider such issues in I.S7-03-036, due to' their close 
connection with other procurement issues. 0.87-10-043 set hearings 
on storage issues as the first order of business in I.87-03-035. 

s. ~sic Policies 

We want to stress up front that 'the intent of this case 
has been to implement rates based upon the policies decided in 
0.85-12-009, 0.86-12-010, and subsequent modifying orders. 
Throughout this proceeding' we have received a steady stream of 
petitions for modification of the basic policies set forth in these 
orders, and a number of parties have proposed chang'es in our basic 
program in the course of their''''implementation''' testimony_ As an 
aid to the efficient discussion and disposal of many of these 
requests" we will indicate here those policies Which we strongly 
feel are properly beyond the scope of this implementation 
proceeding'_ 

1. 'tbe Iotex:pretatioD or the 'Ba$$l ine Staty,te 
In recent years, we have seen extensive litigation in g'as 

rate design cases of the interpretation of the baseline statute CPU 
Code Section 739). ABo. 2764 required the Commission to' study the 
effectiveness of Section 739 and to report to the Legislature our 
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findings, conclusions, and recommenQations for the baseline 
program. That report supportec:1 the goals of the program,. as well 
as the current inverted two-tier resiQential rate c:1esign, but 
recommendeQ that the Legislature grant the Commission greater 
flexibility in setting the baseline rate for the first tier. We 
also askeQ for the authority to implement an energy assistance 
program targeted to low-income ratepayers. With the ball now 
clearly in the Legislature"s court, this order will not break new 
ground in interpreting the baseline statute. 

2. Allocation Factors 
0.86-l2-009 aQopted allocation factors to Qivide nongas 

costs among the core, noncore, and wholesale markets. We 
explicitly chose relatively *flatw factors which tend to spread 
these costs more evenly over all markets. These factors recognize 
that the current system was built to serve all customer classes, 
and that all users should contribute to paying for the current 
excess capacity in the system. We have been asked on several 
occasions since 0.S6-12-009 to revise those allocation factors, and 
in both 0.87-03-044 and D.87-05-046 we have firmly refused. We 
reiterate today our intention not to revisit this issue until, as 
stated in D.86-12-009, such time as the present excess capacity is 
red.uced. 

3. CoS;-based ra~~ 

Throughout this proceeding we have emphasized our 
commitment to cost-based gas rates, believing that rates basec:1 on 
cost provide customers the best possible Signals regarding how much 
gas to use and when to use it. This commitment to weost-based" 
rates, however, does not settle the question. We have had to 
examine the costs themselves, concluding that although we prefer 
marginal costs, embedded costs are sufficient to use in 
implementing the new industry strueture while we await completion 
of marginal cost studies. We have considered the methods of 
allocating these costs, concluding that some costs are best 

- s -



• 

• 

. .... 
I.S6-06-00S et al. RTB/cqm ALT .... COM-:DV 

allocated by annual throughput, some by peak season throughput, and 
, -so on. In deciding both which costs to use and ~ to allocate 

them, we have exercised our best judgment based on our r~temaking 
philosophy and the expert testimony we have received. 

In establishing a default rate design, and most 
particularly in deciding which cost components to assign to which 
rate design component, we have continued our commitment to cost
based rates. Although some would have us consider demand charges 
the proper place for all NfixedN costs and the volumetric rate the 
proper place for all "variableN costs, we realize that this 
formulation is too simplistic. 'We have learned in our electric 
rate de~igns the economic principle of long-run marginal cost, 
which considers all costs variable, differing only in the time it 
takes them to vary. What are often called fixed costs are in fact 
just variable costs that happen to vary over long periods of time. 
It no throughput (a NvariableN item) existed, we would have no need 
for transmission facilities (a NfixedN item); in fact, the size of 
a transmission system dePends finally on the amount of throughput 
demanded. 

We choose not to limit our gas rate design to a 
straitened definition of which costs are fixed and which are not; 
instead, we adopt a rate design based on a mix of short- and long
term cost in~rrcnce, assigning some NfixedN costs to the 
volumetric rate and recognizing that, ultimately, All costs depend 
somewhat on the efficiency of the gas utilities' operations and 
management. This latter understanding has led us to consider risk . 
management strategies, for instance, as an appropriate part of our 
cost-based rate design. 

We have also wrestled with the complicated question of 
assigning costs to customers who, though not perhaps historically 
causing the incurrence of a cost, nevertheless ~neti~ from the 
existence of what the cost buys. It has been argued -- for 
example, in the comments of Transwestern -- that assigning costs on 
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the basis of benefit represents a departure from cost-of-service, 
and a move toward value-of-service, ratemaking. We find this 
argument incorrect. 

The v~lue of a product is what customers are willing to pay 
for it; in the case of natural gas for non-core customers, this is 
presumably no more than the price of oil. Value-of-service 
ratemaking would therefore price gas equal to- the price of oil, as 
we'have done in the past. As used in this proceedin~, the ~~nefit 
something (e.g., storage) brings to a customer class is the part it 
plays in the availability to that class of an ultimate product -
natural gas. For instance, the existance of gas storage systems 
allows non-core customers the possibility of gas service during 
peak seasons. Value-of-service ratemaking would iqnore the 
utility'S costs and set the peak season gas rate at whatever the 
oil price happened to be. Cost-of-service ratemaking measures the 
costs of storage and allocates them to each class according to a 
wide variety of criteria, including the benefits each class 
receives from storage. The fact that we ~ind the concept of 
benefits received useful in cost allocation in noway contradicts 
our commitment to cost-based rates. 

II. Major Issues 

Certain major issue$ are of such importance that we think 
it l>est to bring their discussion and resolution to the forefront 
of this decision. Combined with our discussion above, which 
indicated that certain issues will not be addressed in this 
proceeding, resolution of these major issues of general policy will 
simplify the discussion of the more detailed questions that will 
follow. These major issues are listed below in the order that they 
will be discussed: 

1. Transition Costs 
2. Industrial Sales Forecasting 
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3. Priority Charge Mechanism 
4. Core/Noncore CUstomer Definition 

A. TX:atls;ij:ism Costs 

1. l'he Concept 
D. 86-12-009 and D. 86-12-010 discussed the concept of 

transition costs, without attempting to quantity them or to define 
them more specifically than providing several examples of the type 
of cost that we considered to tit the concept. We stated the 
essential idea of transition costs on page 23 of D. 86-l2-009: 

The basic concept is founded upon our recognition 
that there are certain costs that result from the 
past structure and practices o,t the gas industry, 
whiCh are today in excess of a reasonable level, 
given today's gas market and the new, still 
evolving industry structure. 

These costs date from the era when the utilities bought gas and 
built their systems with the obligation to serve all types of 
customers. ~he purpose of identifying these costs now is to enable 
them to be shared equally among all current gas users. If the 
existence of these costs means that all customers cannot enter the 
newly competitive gas market with a Nclean slateN, at a minimum, 
out of a sense of fundamental fairness, we can ensure that everyone 
carries a slate that is equally dirty. 

The December 1986 orders noted that one class of 
transition costs could be associated with the excess fixed costs of 
the utilities' intrastate transmission systems and their interstate 
pipeline demand rights. We chose to reflect suc~ *fixed costN 

transition costs in our choice of relativelY."flat* allocation 
factors. The other class of transition costs which we discussed 
are related to gas commodity purchasing practices. As examples of 
"commodity-related" transition costs we cited the possJ.l:)le excess 
gas commodity costs in current long-te~ supply contracts, producer 
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take-or-pay costs passed through the pipelines t~ California 
utilities, and premiums paid t~ meet minimum operating 
requirements. The issue presented in this case is to, take the 
utilities' current mixes of suppliers, and to calculate the current 
amount of "commodity-related" transition costs. 

The parties presented calculations which generally 
followed one of two predominant views of the transition cost 
concept. One common view was the stringent perspective of SOCal 
Gas, supported and/or expanded upon by most of the producer, 
pipeline, and industrial customer representatives that participated 
in this discussion. PG&E, TORN, and ORA advanced calculations 
:based upon a broader view of transition costs. ~he Canadian 
Producer Group was perhaps the only party t~ suggest a view 
somewhere between the two major positions. 

The more stringent definition 0: transition costs, 
advanced by SoCal Gas and others, would limit them to costs 
incurred: 

1. During the' present period of chanqe in 
re9'Ulation, 

2. Due to specific requlatory action during 
the transition to the new requlatory 
environment, and 

3. Not attributable to a particular class of 
customers. 

SoCal arques~hat cost items which do not fit anyone of these 
criteria should not :be treated as transition costs. Thus, costs 
which result from shifts in the marketplace, rather than from 
specific requlatory actions, would not be considered transi~ion 
costs. From this perspectiVe, SoCal would treat as transition 
costs only limited producer take-or-pay costs (of which there are 
none at this time for SoCal) and a portion of the settlement costs 
pertaining to the El Paso liqllids problem. Other parties -- for 
example, Shell Canada -- have calculated transition costs under 
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... this definition to be non-existent, and have urged us not to qive 
transition cost treatment to commodity costs which the utilities 
could avoid by not purchasing a particular supply. 

... 

... 

The broader definition, favored by PG&E, TORN, and the 
nRA, holds that transition costs are those costs: 

1. ~hat are related to the past practices and 
structure of the industry which are in 
excess of a reasonable level, and 

2. That should not be borne by a single class 
of ratepayers. 

~he emphasis in this broader definition is on the current 
reasonableness of these costs, rather than, as in the SOCal 
approach, on the past reasons for their incurrence. 

The brief of the Canadian Producer Group contained a 
third concept of transition costs. This concept differs from the 
Socal pOSition in that it does not require a causative relationship 
between cost incurrence, on the one hand, and a past re9Ulatory 
action, on the other. Specifically, CPG states that: 

N~he fundamental issue in allocating prudently 
incurred costs among California's ratepayers 
ought to be nothing more than the question of 
whether the costs were incurred on behalf of 
all ratepayers, with a reasonable expectation 
that they would be recovered from all 
ratepayers." 

~hus, the residual costs of past gas purchase 
arrangements which were undertaken for the benefit of all 
ratepayers, and were intended to be recovered from all ratepayers, 
should now be recovered from all ratepayers. TORN frames this 
"equitable" approach to transition costs in another way, one that 
looks ~orward to finding a fair basis for all ~as consumers to 
begin a new era in the gas industry: 

"In its simplest terms, the question here is merely 
one of cost allocation--in the process of dividing 
up the existing qas supplies into two separate 
portfolios (the key *change in regulation" that has 
occurred), who should pay for the high-cost 
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contracts and commitments that n~ither portfoli~ 
would reasonably purchase today if given the 
ehoiee?" . 

We believe that·the "equitable" concept of transition 
costs expressed in the two quotes,above best captures the ~ntent 
which the Commission expressed in the December 1986 decisions. We 
disa9ree with SoCal and its supporters that a cost item must ~e 
directly linked t~ a specific requlatory action in order to quality 
as a transition cost. Nothing in the Dece~er 1986 d.ecisions 
indicates that we expected such a linkage, and We concur with the 
testimony of Transwestern's witness Smith concernin9 the 
impossibility of separating the impact of market forces from the 
effeets of regulatory change: 

It is all but impossible to quantity those costs that 
were caused by re~latory changes versus those 
changes in cost s~mply ~casioned by normal market 
forces. There does not appear to be any rationale 
means available for isolating the effects ~f 
regulatory change and market change or to compare gas 
costs today with what they would have been in the 
abscence of re~latory changes. 

For example, the regulatory changes in California which have 
culminated in this decision both responded to market forces (gas
to-oil competition) and have released new market f~rces Cgas-to-gas 
competition), resulting in a web of influences which seems futile 
to attempt to unravel. 

Rather than attempting to untangle the past, we prefer to 
adopt a more forward-looking approach to transition costs. We 
concur with the CPC; that in exhuming the past, our inquiry should 
extend no further than whether a pa~icular cost was incurred for 
the benefit of all ratepayers, and was meant to be recovered from 
all ratepayers. Then in calculating and allocating the transition 
costs to be born by today's ratepayers, we will use the equity 
prineiple which TURN states simply in the above quote. O~r goal is 
to start all ratepayers oft on an even footing in our new 
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regulatory framework, with all customers carryinq an equal loa<i of 
the baqqaqe of the past. 

Based on this <iiscussion, we can state a simple definition 
of transition eosts. A cost item will be considered a transition 
cost if it resulted from a qas purchase contract, tariff, or 
arranqement which: 

1. Took effect before the· division o,f the supply 
portfolio in the December 3, 1986, decisions; 

2. Was initiated for the benefit of all ratepayers; 

3. Was intended to be recouped from all ratepayers; 
and 

4. Now results in costs in excess of a currently 
reasonable level. 

2. :x:ru: calsCYlatioD 
With the above definition in mind, we may now develop a 

method of ealculatinq transition costs and then consider specific 
cost items that were raised durinq the course of this proceedinq • 
In doinq so, we are mindful of the legitimate concerns of many 
parties that our definition ot transition costs could result in an 
excessive and, worse, unpredictable burden ot transition costs upon 
the noncore market and the utilities that must compete to serve it. 
Indeed, it appears that such worries were the prime motivation that 
led many part~es to support Socal's strinqent concept of transition 
costs. Such a concern motivated CMk to propose a cap on the 
allocation of transition costs to the noncore -- either as a 
restriction on their size or a limit on the time that they can be 
incurred, bi~led, or paid. We cannot completely assuage these 
fears, qiven the prospect of hundreds of millions of dollars in 
producer take-or-pay costs which might reach California utilities, 
but we will certainly consider the need for stability and 
predictability in our review of the possible transition cost items 
which are before us at this time • 
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~he showings of the parties presented tWQ qeneral methods 
ot calculating transition costs. TORN characterized these methods 
as (l) N})ottoms-up'" and (2) "'tops-down"'. ~h.e bottoms-up method 
involves the comparison of actual qas costs with a "benchmark" 
price -- any costs above the benchmark are transition costs. This 
method was followed by both TURN and PG&E. the chief attribute of 
this ~ethod is its simplicity. Its major shortcominq is the 
difficulty in setting a benchmark price. 

The tops-down methQd relies on looking at the gas 
portfolio, considering every detail of gas cost, then makinq a 
judgement as to whether or not a particular detail tits the 
definition of transition costs. The main virtue of this approach 
is that the setting of a benchmark price can be avoided for many, 
but not all, of the cost items. The main drawback is the 
comple~ity o~ reviewing numerous cost items •. 

a. )3ottoms-,Yp 
~he key step in the ]:)ottom~-up approach is the setting of 

the benchmark price. Both PG&E anel ".tORN argue that the commodity 
price of PGt's Canadian supplies represents the proper benchmark 
tor PG&E. This is a single large supply whose price is 
redetermined periodically in accordance with market conditions. 

.. ' 

The current price is $l.826l per MMBtu. There is no directly 
comparable source of supply for SoCal. TORN reviewed a "market 
basket" of SoCal's long-term supplie$ and concluded that the 
benchmark for SoCal should be $l.99 per MMStu. The ALJ's draft 
order chQOses the first tier of SoCal's Pan Alberta gas, also at 
$l.99 per MMBtu, on the ~rounds that this supply comes the closest 
to the characteristics of PG&E's PG~ supply. 

Having chosen the benchmark, the next question is whether 
to apply the benchmark price t~ each in~ividual source of supply in 
the core portfolio or to the entire core portf~lio WACOG. TORN· and 
PG&E would apply the benchmark to individual supply sources priced 
above the benchmark, disreqar~ing in the calculation supplies 
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• • cheaper than the benchmark. The ALJ arques that we should apply 

• 

• 

the benchmark to the entire portfolio WACOG r because the bottoms-up 
concept establishes a benchmark for a portfolio under Nclean slate" 
conditions and the price of this clean slate is represented by the 
benc~ark price. This approach implicitly recognizes the e~istence 
of Nnegative transition costsN i.e., that some individual sources 
of supply will be below the benchmark and will carry negative 
transition costs. It thus produces a lower level of e~cess gas 
costs. 

Numerous parties criticized the bottoms-up approach. The 
critique focused on the problems inherent in the choice of a 
benchmark price which accurately represents a reasonable price 
level for long-term supplies in today's market. Many commenters 
noted that the ALJ chose two Canadian supplies as benchmarks, 
supplies whose commodity price is based upon a different rate 
design than the commodity prices of the domestic pipelines. ThUS, 
the use of these benchmarks would result in an unfair Napples-to
orangesN comparison among gas supplies. In addition, parties noted 
that, at any particular time, gas prices can be expected to vary 
above or below a benchmark for reasons that do not necessarily mean 
that the underlying costs of particular supplies are either 
e~cessively expensive or cheap. ~or example, El Paso notes that 
the commodity-only price of its gas at the California border, after 
removing fixed costs and balancing accounts, is $1.72 per MMBtu, 
below both of the benchmarks. A related problem is the apparent 
volatility of the Nbottoms-upN calculation. The A!J's draft order 
calculates excess gas costs of $14.8 million tor SoCal. Using the 
same methodology, with updated gas costs to reflect the latest 
pipeline filings, e~cess gas costs would exceed $90 million. The 
following table shows these calculations, including the other 
transition cost items (GEOA and the El Paso liquids settlement) 
adopted by the ALJ • 
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TRANSITION Q9STS -- S9CAL CAS 

(Bottoms-u~ Approach) 
----~-----~--~---~-~-----------~----~--~~--~----~-----------~--~--

Core Cost of Gas 
Bench:mark 

soc~ CALI dra tt) 

MDTher.ns 

468:,921 
468,921 

Cost of Gas Transition Costs 
GEDA 
El Paso Liquids 

Total Transition Costs 

SIDth 

2 .. 0243 
1 .. 9928 

M$ 

949,257 
934,466 

1.4,8"01 
18,42::' 
72,333 

lOS, 555 

---------~~-----~--~--------~--~--~----------------~--~--~------

S~l (wjth updated gas costs) 

Core Cost of Gas 
Benchmark 

Cost of Gas Transition Costs 
GEOA 
El Paso Liquids 

Total Transition Costs 

MO'l'berms 

470,1.66 
470,1.66 

SlOth 

2 .. 099 
1..906 

986,906 
896,1.90 .. --~ ...... -

90,716 
1.8,421. 
72,333 

These problems with the benchmark price convince us that 
we cannot aQopt a H~ottoms-upH approach to transition costs at this 
time •• The recent chanqes in qas costs were not particularly 
d'ramatic, yet the hU9'e resultinq increase in the ALJ's calculation 
of excess qas costs would have a dramatic effect on our rate 
design. Responding- to the valid concern of noncore customers that 
they not be burQened with transition costs that are unpredictable 
and unstable, we cannot adopt a method that is subject to- such 
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evident volatility. We are also sJ:'lnpathetic to the '''apples-to-
oranges" criticism of attempting to compare gas supplies with 
disparate rate designs. However" we will not preclude the use of a 
"bottoms-up" method in the future: as the competitive qas 
proeurement market continues to develop, it may be possible to 
resolve the problems we have identified" and to identify a 
benc~rk qas price that accurately reflects the current market. 

Therefore, for quantifyinq transition costs we will use 
the item-by-item review of a "tops-down" approach. 

b. XOpS-PO'joll) .?\pproa£b, 
The ORA quantified transition costs using a tops-down 

approach. The DRA described its method as follows: 
"This methodology starts with the lono/ term 
supplies assigned to the core portfollo and 
analyzes the various cost components of each 
supply. Those elements that meet the 
definitional test for a transition cost such as 
excess costs associated with minimum operating 
requirements (MOR) are then removed. The 
remaining long term supply costs are then used 
in constructing the core portfolio WACOG" 

The DRA identified a number of cost items that meet its 
definition of transition costs. Although we do not concur 
completely with the ORA's transition cost definition or its 
analysis of the transition cost items which it identified, we will 
follow the ORA's list in our discussion of the adopted transition 
cost caculation •. The DRA's list contains: 

1. 

2. 

3. 

4. 

s. 
6. 

El Paso Liquids Settlement. 

Directly Billed Costs. 

FERC Acct. 191 costs. 

TaKe-or-pay costs. 

GEDA costs. 

Demand charge component of gas withdrawn 
from storaqe • 
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7. Excess gas costs associated with Minimum 
operating Requirements (MORs). 

8. Excess gas costs associated with Minimum 
PUrchase Obligations (MPOs). 

In addition to these particular items, TORN has proposed that the 
costs of the abandoned LNG project also be considered a transition 
cost. 

El PaS9 Liquids 

nRC established a revenue requirement for El Paso in its 
last general rate case that contained a revenue requirement offset 
which consisted of revenues earned fro-m the production of "liquids" 
on its system. However, the precipitous drop- in petroleum prices 
which followed the F'ERC decision reduced El Paso-' s liquids revenues 
substantially below the forecast. Under traditional ratemaking 
rules, the undercollection was recorded in a balancing account 
(Account 191). Recently FERC has approved a mechanism to recover 
this undercollection which involves the direct billing to El Paso's 
customers tor the amounts both presently undercollected and also 
for the amounts forecasted to be undercollected until the next 
qeneral rate case. This cost ite-m clearly is associated with a 
source of supply that was taken for the benefit of all customers, 
and whose costs were intended to be recovered from all customers. 

The CPG questions whether the forecasted portion of the 
settlement should be spread to- noncore customers, arguing that at 
the time the settlement was negotiated, all parties were on notice 
that noncore customers would not have to bear the costs of new 
long-term supply arrangements. Essentially, CPG maintains that the 
prospective portion of the settlement dates from atter the 
effective date of the division of the supply portfolio. We 
disagree, because the crucial part of our definition is when the 
obligation was incurred. The obligation to' purehase gas from El 
Paso· under rates assuming a high level of liquids revenues was 
incurred when we acquiesced in El Paso's last general rate ease ' 
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settlement, and will not ~e extinquished until the pipeline's 
general rates are revised in its upcoming rate case. All customers 
should share in the full cost of settling this obliqation. 

SoCal attempted to esta~lish that only 25% of the liquids 
problem was caused by the growth of gas transportation: SoCal 
argued that the remainder was due ~o the fall in energy prices. As 

we have c3.iscussec3. above, we are skeptical of such attempts to 
separate the impact of regulatory changes from the effect of market 
forces, and we did not incluc3.e such a distinction in our definition 
of tran~ition costs. We will not ~dopt SoCal's arqument. 

~he liquids settlement will be recognized as a transition 
cost. 

Qrd¢r 94/279 Costs 
These costs are commodity-related costs that were held in 

a separate account until all contested issues surrounc3.ing them 
could ~e resolved by FERC. When FERC resolved the issues, it also 
decided that the costs were too old to be placed in a current 
volumetric rate and instead provided tor their direct billinq • 
These costs clearly fit our definition and will be considered 
transition costs. 

As<count 191 

Other than the Order 94/270 costs, there are presently no 
costs in this account that are likely to be direct billed. This 
account is essentially a balancing account, but occasionally other 
items are placed it. We cannot agree with the staff that all costs 
that are directly billed shoulc3. be treatec3. as transition costs. 
Rather, we agree with the majority of other parties that cost items 
to be included in Account 191 should be judged individually. 

Take-or-Pax 
Take-or-pay costs are those costs which pipelines pay to 

their producer-suppliers unc3.er contracts which require the pipeline 
to take a given amount of gas or prepay the costs of such gas if it 
is not taken .. In practice, pipelines. frequently have taken less 
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4It gas than called tor in their contracts, pri~arily due to 
displacement of pipeline sales by transportation. As a consequence 
pipelines must either pay prepayments to the producers and attempt 
t~ make up the takes of gas at a later time, or more likely, reach 
a negotiated settlement with the producer to extinguish the take
or-pay liability tor a payment which is some fraction of the 
clai~ed liability under the contract. In addition, such costs may 
also be incurred to reform the take-or-pay or price provisions of 
the pipeline's contract. These costs are referred to as buy-out or 
buy-down costs. 

• 

4It 

We view take-or-pay buy-out and buy-down costs related to 
pipeline purchases over the last tew years as classic transition 
costs. ~hey result from gas purchase contracts which signed betore 
our division of the utilities' gas portfolios. They are associated 
with sources of gas that were taken for the ~enefit of all 
customers. In addition, such costs would clearly have been 
recovered from all customers prior to the restructuring of the gas 
industry which supplies California and the advent ot open access 
transportation. Finally, take-or-pay costs have the potential to 
produce gas costs which greatly exceed a reasonable level in 
today's market. 

The only take-or-pay costs to be given transition cost 
treatment at this time are those associated with PG&E's Canadian 
and Rocky Mountain supplies. We will discuss the recovery of take
or-pay transition costs in greater detail below. 

GEDA Q2sts 
The Gas Exploration and Development Adj~stment program 

was initiated to develop new so~rces of supply for all ratepayers. 
The program has been terminated. At issue here are the reven~e 
requirements for the forecast period associated with the remainin~ 
costs of the program. ~he' revenue requiremen~ is $50 million for 
PG&E and $18 million for SoCal. Once again, this cost fits within 
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our adopted definition of transition costs and will be recognized 
as such. 

Storags Related transition CQ§t§ 
On PG&E's system an average cost method is used to 

calculate the cost of storage gas. This means t.~at all past gas 
purchases are re~lected in the withdrawal price, and this price 
includes pipeline demand charges. Since our previous policy 
decisions provide that all customers will share in the recovery of 
pipeline demand charges, we need some method t~ isolate the demand 
charge component'in the storage withdrawal price. PG&E proposed a 
method which compares the storage price of withdrawn gas to the 
core WACOG. The difference is considered to be a transition cost. 
This is a reasonable way to estimate the amount of the pipeline 
demand charges included in the price of storage gas. 

Unlike PG&E, SoCal uses LIFO accounting for its storage 
costs. As a result, it is impossible to forecast similar 
transition costs for SoCal, because we cannot predict when SoCal 
might withdraw storage layers containing such costs. If SoCal 
does withdraw gas with demand charges attached, it should track 
such costs for future allocation as a storage-related transition 
cost. 

IXansition Costs ass~iated with MOB~ 
This is perhaps the sinqle most troublesome cost item to 

analyze. The concept is that certain minimum takes are required 
from supplier pipelines in order to maintain their existence in the 
marketplace. The DRA and others contend that all ratepayers 
l>enefit from the existence of the pipelines, and therefore all 
ratepayers should contribute to the cost of these minimum operating 
requirements. 

SoCal views the issue differently. SoCal analyzes the 
issue by showing that the supplier pipelines perform two functions 
-- transportation and supply (the merchant fUnction). SOCal argues 
that the MORs advanced by DRA. serve the function of maintaining the 
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~ merchant function, and that this benefits only the core. The 
pipelines continue to transport large amounts of gas even though 
they are selling little. 

~ 

~ 

The operation of the pipelines in performing the 
transportation funetion versus the merehant fUnetion is 
sufficiently different to allow us to agree that there is a certain 
level of sales riecessary to maintain the pipeline. The only 
pipeline that has a sales level low enough to approach the MOR is 
El Paso. Both PG&E and E1 Paso have shown that there is a MOR 
level for sales required to maintain the viability o·f the pipeline. 
The MOR amounts are 100 mmefd for PG&E and 268 mmcfd for SoCal. 

The costs associated with this amount of gas are no~ 
necessarily transition costs. First, to the extent that pipeline 
sales gas would be purchased above the MOR level, notwithstanding 
the existence of a MOR~ there would be no transition costs. In 
other words, there would be transition costs only to the extent 
that purchases from the pipeline would otherwise be below the MOR 
level. 

The DRA urges us to measure MOR-related transition costs 
using as a benchmark the system average cost of gas without fixed 
costs. The DRA finds this benchmark to represent a reasonable 
replacement cost for the MOR volumes. 

There are several troubling aspects with the concept of 
MOR-related transition costs. The first is that they result from 
an operational problem that exists independent of the nature of the 
current qas supply arranqements, a problem that can be expected to 
continue even after the portfolios have been split and these 
arrangements have been reformed. To this extent they may not fit 
within our definition of transition costs, although we might view 
them as resulting from the service agreements between the pipelines 
and the California utilities-which existed on the date of the 
portfolio split. Another problem is their volatility -- these 
costs would be zero if the utilities purchase slightly more than 
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the MOR volumes, but could rise s~stantially if the takes then 
fall somewhat. We might thus provide the utilities with a perverse 
incentive to keep their purchases of pipeline system supplies above 
the MOR level. These problems convince us not to treat MOR-related 
costs as transition costs. However, we will note that the 
utilities must justify the reasonableness of any MOR-related 
purchases of pipeline system supplies. In today's gas ma:r;-ket it.· 
may be possible for the utilities to meet the pipelines' MOR 
requirements with firm gas purchases not necessarily from the 

. pipelines' system supplies, at prices cheaper than pipeline sales 
gas. We urge the utilities to consid.er this possibility, and ask 
the 'ORA to review their efforts in upcoming reasonableness reviews. 

Minimum Pur£has¢ Obligations 
The 'ORA explained this issue as arising from the FERC 

exempting certain pipeline suppliers from the elimination of 
minimum bills. During an earlier period the California utilities 
entered. into gas purchase contracts that carried minimum. purchase 
obligations (minimum bills). When the FERC s~stantially reduced 
the minimum commodity bills of most pipelines in order No. 380, 
certain pipelines were exempted. In addition, there are certain 
non-FERC jurisdictional supplies to which Order No. 380 has not 
been applied. Furthermore, when the FERC completely eliminated the 
minimum bills of El Paso and Transwestern, these exemptions were 
retained. Specifically, two affiliates of SOCal, Pacific 
Interstate Transmission Company (PITCO) and Pacific Offshore 
Pipeline Company (POPCO) and an affiliate of PG&E, Pacific Gas 
Transm.ission Company (PG'r) were exempted from all or a portion of 
the FERC's ruling in Order No. 380. In addition, substantial 
numbers of California producer contracts contain minimum purchase 
obligations, but are not subject to FERC jurisdiction. Thus, it 
appears likely that POPCO and certain California supplies will 
continue to be taken by the utilities under contractual provisions 
which WOuld not likely be tolerated in today's competitive market • 
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It is important to note that what we consider uncompetitive is the 
combination of high minimum purchase obligations and higher-than
market commodity prices. 

To the extent that the utility must purchase any supplies 
of gas from these sources at prices above a "reasonable level", 
the excess cost above that level can be considered an excess gas 
cost. Theretore, the selection of the comparison price is the next 
point of decision. In searching for a proxy for the price which 
the utility would pay for gas in an industry already completely 
transformed into a competitive marketplace, an infinite numl::>er of 
suggestions could be considered without producing a result which 
could confidently be called "the right one". Given the limitations 
of such an exercise it seems to us most practical to utilize as the 
standard the core portfolio's weighted average commodity cost of 
gas, "less the supplies from which. excess costs are to be extracted. 
Here we note that using the adopted standard the average commodity 
cost of qas from both PITCO and POT is competitive with market 
responsive supplies and thus not excessive under our definition • 
For SoCal, there are MPO-related transition costs associated with 
POPCO and California supplies. The POPCO" and California gas 
supplies will all be incorporated into the core portfolio, anc':. we 
are reasonably satisfied that the sum total of all other gas 
supplies asseml::>led by SoCal to serve the core is a useful proxy tor 
the competitive price of gas. This proxy is relatively stable, 
easy to caleulate on a continuing basis, and is not based upon any 
partieular rate design method. Because the supplies to which these 
transition costs are attached are a relatively small part of 
Socal's overall purchases, we do not expect great swings in the 
calculation of these costs. Th.us, the calculation avoids the 
concerns that led us to reject at this time the "bottoms-up" 
approach t~ excess gas costs. 

While it is true that a number of the supplies which 
carry minimum purchase o~ligation$ also have significant demand 
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charges, some of which are extremely high, we will not at this time 
consider such charges in the calculation of excess gas costs. This 
d.oes not mean that we do, not actively encourage the reduction of 
such charges as soon as possible. 

It remains tor us to address the specific comparisons 
between POPCO and California supplies and the core portfolio WACOG. 
POPCO purchases gas from its producer-supplier under two price 
tiers as a result of a two-year amendment to its contract. The 
first tier (which is the supply subject to the minimUl'll. purchase 
obligation) is clearly excessive (31.253 cents per therm) while the 
second is priced to match the spot market (17.5 cents per therm). 
We believe that it is most appropriate to use an average price for 
POPCO reflecting both tiers, because the second tier will likely 
always be purchased, in spite of the lack of a minimum purchase 
obligation, in order to lower the average cost of gas from the 
supplier. The use of an average price is also appropriate in order 
to avoid complicating any renegotiation of the price by POPCO when 
the two year amendment concludes. . 

With respect to California domestic supplies, we note 
that the large number and. variety of contracts makes it virtually 
impossible to consider separately those contracts which have 
minimum purchase obligations or which·contain tiered pricing 
arrangements. Thus we conclude that California production must be 
compared to the price standard on an average commodity cost basis. 
The average commodity price of all California production for each 
utility will be compared to the core porfolio WACOG. 

Aggpted transition Cos~s 
The taDle below illustrates the quantification of 

transition costs following our adopted approach: 

Aoomp TRNfSI'tXON COSTS: 

----------------~------~-------------------------~~-------~~------
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COG WACOG Transition 
Supplier M-therms C/ther:m c/therm M$ 

~-------~----------------------~------~-~----~~-~-----------------California 
POPCO Hondo 

Subtotal MOR/MPO 

GEDA 
El Paso Liquids 

643,8-20 
98-,790 

22.838-
24.377 

20.717 
20.717 

TOTAL ~~S1TION COSTS 

13,655 
3,616 

17,.271 

18,421 
72,333 

108,025 

-------------------------------------------~-------------~-~-------

Supplier 
COG WACOG Transition 

M-therms C/therm c/therm M$ 

-------------------------~-----~-~---------------------~----------GEDA 
El Paso Liquids 
Take-or-Pay 

FERC 270/94 
Storage Demand Charges 

Canadian 
Rocky Mountain 

TOTAL TRANSITION COSTS 

3. AQgounting and Ratemating Treatment 

50,000 
27,300 

5,.000 
1,476 
3, SOO 

87,276 

As. indicated in our policy decisions (D.86-12-009 and. 
D.86-12-010), and. consistent with the wequitablew approach we have 
adopted. today to calculating these costs, transition costs will be 
allocated to the core and noncore classes on an equal cents per 
therm basis. The one exception to this allocation method will be 
storage-related transition costs; because these costs are 
essentially woldW demand charges, they will be allocated in the 
same manner as pipeline demand charges, on the basis ot co-ld year 
throughput. 

The remaining issues regarding the accounting and 
ratemaking treatment of transition costs involve how much risk of 
cost recovery we should place on the utilities through our new rate 
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design. This risk allocation question was a focus of controversy 
in this case. The ORA and all the representatives of gas consumers 
urged us to place a significant amount of risk-on the utilities, as 
a strong incentive for cos~ reauction. The utilities warn us that 
our program must allow them a reasonable opportunity to recover 
their fixed costs and to earn their authorized return. The
accounting and rate treatment of transition costs were an important 
part of the risk allocation controversy, because our prior orders 
were silent on the recovery of transition costs. 

As we have already recognized, CMA and others maae a 
strong argument for some certainty surrounding transition costs, so 
that a noncore customer can have a firm idea of the size of the 
transition costs into the future. This knowledge is crucial in 
order for noncore customers to make their fuel choice decisions. 
Thus, CMA argues for either a cap on the size of transition costs 
or a limit on the time that they be incurred, billed or paid. The 
ORA and many noncore customers oppose balanCing account treatment 
of any transition cost item except.GEDA, whiCh has always been 
subject to balanc1ng account recovery. The ORA argues that we have 
removed balancing account protection from the utilities' recovery 
of their fixed operating costs allocated to the noncore market, and 
that there is no reason to treat transition costs any differently 
from thOse fixed costs. The utilities have the protection of the 
NRSA account for the next tw~ years, to guard against a severe 
underrecovery. ORk, CMA, and others also strenuously oppose 
allowing the utilities to discount a transition cost balancing 
account. Permitting such discounting could diminish cost-cutting 
pressure on the utilities, who would then have the option to meet 
competitive pressure by discounting the balancing account before 
discounting fixed operating costs. The DRA notes that this 
discounting of a balancing account, when combined with our 
incorporation of discounting in the sales forecast, could allow the 
utilities to recover twice the discounted amount. The ORA also 
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points out that balancing account treatment removes any cost
cutting incentive that might be provided by placinq transition 
costs in the volumetric portion ot noncore rates. 

The utilities ask tor balancing account treatment o~ 
transition costs, ~or no limit on the amortization period of these 
costs, for the unlimited ability to discount the balalncing 
account, and for demand charge recovery of transition costs in 
noncore rates. In his draft order the ALJ adopts a flexible 
amortization periOd capped at two years, allows transition cost 
items to reside in a balancing account for a maximum of two years, 
and permits uniform discounting of the account within customer 
classes. He also places most transition cost items in the noncore 
volumetric rate. In their comments on the ALJ draft, the utilities 
criticize the time-limited balancing account, while the 'ORA and 
customer groups point out the potential tor double recovery, the 
lack of real cost recovery risk, and a number of confusing 
inconsistencies in how the proposal would work. 

What this controversy has bro.ught home to· us is the need 
to tailor the accounting and rate treatment to the characteristics 
of each particular cost item. We believe that the ALJ's proposed 
decision errs in placing too many disparate cost items into too 
large of a balancing account. Therefore, we will discuss in detail 
below the accounting and rate making treatment for each of our 
adopted transition cost items. Generally, we will not allow 
discounting of items which receive guaranteed recovery: we agree 
with the 'ORA and others that this could lead to· the double recovery 
of the discounts. Moreover, we want discounts in the noncore 
market to come from the utility'S fixed cost margin, not from a 
balancing account; in our program, this direct risk of margin 
recovery has always been the quid pro quo· for the rate flexibility 
which we have granted the utilities in the noncore market. At this 
late date, we will not alter such a fundamental premise of our rate 
design • 
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Generally, we will allow the utilities to establish an 
amortization account to provide for recovery of those transition 
costs which we will assign to the noncore demand charge. These 
items are those whose magnitude and reasonableness has already been 
established and which are basically beyond the influence of utility 
management. The cost items assigned to the amortization account, 
following a reasonableness review in a cost re-allocation 
proceeding, will be recovered in noncore rates through a uniform 
transition cost surcharge applied to the demand charges of all 
noncore customers. Revenues from this surcharge will flow into the 
amortization account. This surcharge will change in future re
allocation proceedings as new transition costs enter the 
amortization account or as old costs are fully recovered. The 
surcharge may also be adjusted to rec9ncile forecasted and 
actually-incurred transition costs. The utilities can maintain ~~e 
surcharge until the amortization account is paid ott. As discussed 
above, the utilities may not discount this surcharge, because the 
'ulti~te recovery of these transition costs is assured. We also 
recognize the need for some flexibility in the amortization periods 
for various transition cost items included in the demand charge. 
For example, the GEOA stipulation calls tor a tive-year recovery of 
remaining GEOA costs: the EL Paso liquids settlement costs will be 
paid over two years. We will adopt specific amortization periods 
in the detailed discussion which follows. 

Finally, we will not allow such treatment for transition 
costs assiqned to the noncore volumetric rate. We stronqly aqree 
with ORA and CMA that to allow guaranteed recovery of such costs 
would dilute the incentive that we wish to create with that 
assiqnment. Volumetric transition costs will be treated just as 
any other non-gas cost allocated to the noncore market -- the 
utility will be at risk for their recovery. As with the other 
transition cost items, we may vary the amortization period, 
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depending upon the ~aqnitude and characteristics of any particular 
cost item.. 

Take-or-pay costs 
At the present time, the PERC require~ pipelines to use 

one of several specific ratemaking treatments for take-or-pay 
costs. These treatments include lOO% commodity sales rate 
treat~ent; an equal percentage of take-or-pay costs directly billed 
to customers and absorbed by the pipeline's shareholders; or a 
combination of the three in which the pipeline's shareholders 
aDsorb between 25 and 50% of the take-or-pay costs, an equal amount 
is dire~tly billed, while the remainder is inclUded in volumetric 
sales or tr~nsportation rates. All of these ~echanisms involve 
substantial risk of cost absorbtion on the part of pipelines. Not 
surprisingly, pipelines have not rushed to utilize such rate 
mechanisms and are appealing the PERC orders mandating such 
treatment. As a consequence, today we are faced with only a small 
~ount of take-or-pay transition costs -- slightly less than $~.S 
million in total -- which have been incurred by PG&E • 

However, take-or-pay costs have the potential to be the 
single largest item of transition costs which California will face. 
The claimed liability of Transwestern and El Paso to their 
suppliers will reach nearly $2 billion by the end o-f 1985, 
according to testimony filed by the pipelines in recent proceedings 
at the FERC. Even it such liablities are extinguished tor 10-20 
cents on the dollar, California's share of such costs could be 
substantial. Accordingly, we take seriously our decision to 
allocate such take-or-pay buy-out and buy-down costs to volumteric 
rates. We believe that this treatment is necessary so that take
or-pay co~ts will be placed under competitive pressure. It take
or-pay costs become too- excessive, the non-core market can be 
expected to switch to· alternative fuels. ~o prevent this~ the 
pipelines and their producers must attempt to minimize such costs, 
and the utilities must vigilantly resist pipeline attempts to pass 

- 32 -



• 

• 

• 

I.S6-06-00S et ala RTB/cgm 

through imprudently incurred costs or unreasonable amounts of take
or-pay costs·. 

We view take-or-pay costs as excess inventory costs~ 
which, whatever their standing in past industry practice, could not 
be recovered by sellers i·n a truly free market economy, in the face 
of competition from sellers ~urdened by such costs. Volumetric 
rate treatment of such costs will ~ost clearly send signals to· the 
sellers of such gas when take-or-pay costs make gas a less 
competitive resource. 

We note that 'I"C'RN has suggested that the California 
utilities be provided the same options as FERC-regulated pipelines 
with respect to the recovery of take-or-pay, that is, such costs 
could be at least partially directly billed, reducing the pressure 
on the utility's volumetric rates, in exchange for the agreement of 
the utility to absorb a portion of such costs. Given the small 
amount of ta~e-or-pay costs at issue in this proceeding, we decline 
·to adopt such a suggestion. The impact of take-or-pay costs as a 
proportion of PG&E's total transition costs is quite small. We do 
reserve judgement on whether or not to adopt such an option for the 
recovery of take-or-pay costs in the future, particularly because 
the amount of dollars actually charged to California utilities is 
so uncertain at this time. The actual magnitude of such costs is a 
significant factor to consider in any such decision. 

Clearly, at some point, after pipelines have had a 
reasonable time to reform their old contracts to conform to 
competitive markets, transition treatment of take-or pay costs must 
end. We also reserve judgment on the rate treatment tor the so
called gas reservation charges which the FERC is considering as a 
means to prevent the incurrence of take-or-pay in the future. 

Ihe El Paso Liguids Settlement 
Recently, the FERC approved a settlement, with the 

support of this Commission, to approve the direct billing of the 
liquids undercollection to El Paso's customers as well as the 
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undercollection which would have ~uilt up before the effective date 
of El Paso's next rate ease. As discussed above, these costs 
clearly fit within our definition of a transition cost. They were 
incurred prior to the portfolio split, were associated with a gas 
supply destined for all eustomers, and under FtRC rules, would have 
been recovered from all pipeline sales customers. Because the 
amount of liquids costs to be directly billed in this fashion is 
fixed, and thus cannot ~e affected by competitive pressures, we 
deem it appropriate to place such costs in the utilities' demand 
charges. No objective of our restructuring plan would be served by 
assigning such costs to the volumetric rate. The utilities should 
amortiZe this item over the same length of time over which they are 
being billed by El Paso: two years. 

Excess Gas C9sts A~sociateg with Hin~ Pyrehase 
9bligatiQDs 
We have discussed. at length the problems associated 

with evaluating "excess gas costs". These costs might best be 
characterized as those gas costs in excess of a reasonable amount 
which would be paid in a competitive market, which are still being 
paid by some of the utilities' customers. The underlying theory is 
that to the extent some customers are "stuck" with such costs 
during the transition to a competitive market, all customers should 
share the ~urden of the costs of the transition by bearing a 
portion of such excess gas costs. Without question this is a 
diffieult type of cost to calculate precisely. In particular, the 
choice ot the "reasonable cost of gas" against which the excess 
costs are measured is subject to a substantial amount of jUQgement 
and discretion, especially at a time when the future "structure of 
gas purehase arrangements is so uncertain. As a result, we have 
been reluctant to de!ine as a transition cost any excess gas costs 
other than those Which appear clearly to be a high-eost remnant of 
the previous regulatory environment. As we have diseussea above, 
this is the ease with respect to the high eOmInodity costs of 
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certain gas supplies which also continue to carry high minimum 
purchase ocligations. 

With respect to the rate treatment of these excess gas 
costs, we conclude that volumetric rate treatment is appropriate. 
These gas costs are clearly expenses which the utilities do have 
the ability and indeed the responsicility to manage. To the extent 
that volumetric rate treatment provides an incentiVe for the 
utility to minimize th~se costs, it sends precisely the co::rect 
signal. During this transition period, the utilities should be 
actively engaged in shedding or renegotiating supplies which are 
priced siqnificantly above what can be obtained in the competitive 
market. In, particular supplies such as the POPCO and California 
gas purchased by SoCal are troubling because they will be allocated 
to .the core portfolio. We wish to make it clear that the core 
portfolio was never intended. to be a Hpurchaser of last resortH for 
uncompetitive supplies which the utility's other customers will not 
buy. ,Therefore, it is appropriate for the utility to bear the risk 
associated with including a portion of these excess gas costs in 
the volumetric rate for non-core customers, until the costs of 
those supplies can be reduced. We will allow a two-year 
alnortization of these costs; SoCal should establish a traeking 
account to reconcile the forecasts of these costs with those which 
are actually incurred between cost re-allocation proceedings. 

The length of time this treatment will continue is also 
of concern, especially to those customers who have to 
bear these costs. We will not decide the exact length of time such 
treatment will continue at this time, ~ut will reexamine this item 
of transition costs during future reallocation proceedings. We 
will indicate, however, that such treatlnent will continue to serve 
as a useful incentive to the utilities so long as the cost of these 
hi9h priced supplies is not renegotiated. 

other Transition cost ISgms 

- 35 -



• 

• 

• 

I.86-06-005 et al. RTB/cqm 

The remaining transition cost items are GEOA, Order 
94/270 costs, and storage-related transition costs. These cost are 
already established and arqua~ly are beyond the control of the 
utilities. Consistent with our general approach, they will be 
assigned to the demand charge. GEOA costs should be amortized over 
five years, consistent with the ORA/utility stipulation; the other 
items should be recovered over one year. 

B. Ind~rial Sales Forecasting 

In the past, the forecasting of sales was an exercise of 
little controversy because of the presence of the SAM balancing 
account. Now that the utility will be at risk for recovery of the 
fixed costs allocated to the noncore, the sales forecast has become 
a critical and hotly contested issue. The stakes were raised even 
more when we set a ceiling rate equal to· embedded costs. without 
the flexibility to charge rates above embedded costs, there was an 
incentive for the utility not to o·ffer discounts below embedded 
costs. However, if rates were set on the basis of no discounting, 
and the utility later did offer discounted rates, then the utility 
would have had an opportunity to gain large windfall profits. 

Socal produced a forecast for industrial sales that 
contained a no-discounting assumption. However, the scrutiny given 
to the SoCal forecast in the record shows that the utility actually 
estimated that there would be very little load lost. The parties 
generally agreed that the SOCal forecast could be used for this 
proceeding. We will use the SoCal forecast for this proceeding 
because it produces a result likely·to be close to the one which 
would result from the method which we will adopt today for use in 
tuture re-allocation proceedings. In the future, all three 
utilities will use the same method -- the method adopted for PG&E 
in this decision • 
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PG&E on the other hand took the no-discounting assumption 
to the limit and as a result estimated very large lost loads. ~he 

ORA, on the other hand, forecast sales as i! all discounts were 
made but did not account for the lost revenues--the other extreme~ 
These lost revenues could be as great as $43 million. 

The ORA method appears to be unlawful and the PG&E ~ethoe 
unreasonable. Into the controversy entered TORN. TORN put forth a 
forecasting methodology for PG&E that recognized that rates would 
have to be discounted to certain customers and that the discounts 
would result in decreased reVenues. The TORN method in essence 
estimates the amount of sales that can be retained by discounting 
and then allocates costs in the amount of the discounted rates to 
those sales; as a result, the larger sales base is retained and the 
utility does not suffer an automatic revenue shortfall~ In their 
final comments PG&E and the DRA expressed conceptual support for 
the TURN method. the TURN method is adopted for PG&E. Because 
TURN's method appears t~ capture accurately the impact of 
discounting on the sales forecast, we will also require the 
utilities and other parties to use it in future re-allocation 
proceedings. 

The one element of controversy in the TURN method is the 
judqmental decision regarding the percentage of potential lost load 
that can be retained. Using the PG&E model which recognizes the 
effects of rate design on sales, the method produces a market 
retention of the load in question of about 60%. the ALJ's proposed 
order raised the retention percentage to 75% on the grounds that 
PG&E's rate desiqn effect model has not been used before this 
proceeding nor verified by·DRA. PG&E in its Co~ents complained 
that there was no record evidence that its model was defective. 
Actually, TORN's testimony suggests a more persuasive rationale for 
such an adjustment: the upstream pipelines and producers could be 
assumed to bear a portion of the burden of discountinq. The OAA 
storngly supports this reasoninq. However, in the abscence o,! any 
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e~erienee with a flexible rate desi~, we tind no, basis for making 
or quantifying such an assumption at this time. We agree with PG&E 
that to make such an arbitrary adjustment to the sales forecast 
would deny the utility a reasonable opportunity to meet its revenue 
requirement. We do urge the parties to study the quantification of 
such an adjustment as a possible refinement to theT'O'RN method for 
use in future cost re-alloeation proceedings. 

c. Priority Charge 

SoCal and PG&E produced two different conceptual 
approaches to implementing a priority charge. The other parties in 
turn generated a nwnber of different suggestions for the details of 
how each of these approaches should work. 

PG&E asks us to define the priority charge as the 
difference between the average gas transport rate a customer pays 
for a given period and its average rate calculated on the default 
tariff :or the same period. Presumably, the g.reater this 
difference, the lower the priority a customer would receive. The 
highest priority would go to customers who agree to pay ~ than 
the default rate, with the increment above the default rate 
constituting the priority payment. PG&E believes that their 
approach has the benefit of reflecting the cost to serve the 
customer (the default rate) as well as the va'lue of the service to 
the customer (the actual transport rate paid). PG&E thinks that 
its method has the benefit of placing noncore eustomer classes with 
different defaurt rates on an equal footing with respect to 
priority charges. ·PG&E's approach is supported by the DRA and by 
CMA and SCMunis, who suggest the modification of basing ~e 
priority ranking on the ratio of the negotiated rate to the default 
rate. 

SC>Cal proposes to have customers bid priority charges for 
. each season. The results of this ~idding would determine the 
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priority ranking for the next season. An inquiring~ustomer woul~ 

be shown this ranking, with other customers i~entified by SIC code 
and with the inquirer's rankin~ shown on the list. A user could 
split his load into at most two parts in order to bid different 
priority charges for each part. T~~ supports the SoCal proposal. 
Shell canada, .Long Beach, and esc suggested minor mo~ifieations to 
the Socal plan. 

Even PG&E admits that the SoCal proposal is the method 
which we described in D. 86-12-009 (pp. 46-47): a separately
stated, "unbundled" charge whose function would be to ration short
term capacity on the utility'S system. PG&E's approach essentially 
produces a charge that remains Wbundled" with the overall 
transportation rate; for a customer t~ improve his priority, he 
must rene~otiate upward his entire transportation rate. Because 
the priority charge is thus bundled into the overall contract, we 
agree with TORN that the PG&E approach will not retlect the value 
of short-term capacity as well as the So cal system. PG&E also 
argues that SoCal's method could curtail customers with higher 
overall rates but lower priority charges before those paying. lower 
overall rateS with hi~her priority charges. But under the PG&E 
method as we understand it, this result is also possible: for 
example, a customer who pays her full ~efault rate of 10 cents per 
therm would have a higher priority than a user with a 12 cents per 
therm default rate who pays a negotiated rate of 11 cents per 
therm.. Finally, we also agree with 'I"O'RN's comment that the l?G&E 
method does not rea~ily accommodate the highly elastic customer 
with very competitive options to utility gas service, who may also· 
desire a nigh priority of service. It we believe its 
representations, the EOR market provides the classic example ot 
such customers; industrial customers with low-priced alternate fuel 
capability may also tit this description. Such a customer may 
require a signitieant discount in the transportation rate to'retain 
him on the system, yet may be willing to pay a priority charge to 
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insure reliable service when capacity constraints develop. SoCal's 
Wunbundled~ priority charge seems the best way to ~eet the needs ot 
such customers. 

For these reasons, we will adopt SoCal's priority charge 
proposal. The adopted mechanism is described below in a quote from 
the SoCal brief: 

NSoCalGas proposes to have customers bid 
priority char~es for each season. A listing' of 
noncore prior~ty ranking (and the amount of the 
priority charge paid) and assoeiated volumes 
(but without customer names) would be 'provided 
to any noncore customer on request. The 
listing would identify each customer by 
Standard Industrial Code (SIC), and would also 
identify the priority ranking of the inquiring 
eustomer. SoCalGas would require the bids for 
each season to be sUbmitted 60 days before they 
are to be effective. SoCalGas would permit a 
customer to split his noncore load into a 
maximum of two parts for purposes of bidding' 
different priority cnarges for each part. H 

Finally, several parties, principally CMA and Shell 
Canada, urge us to address the unanswered question of the 
disposition of priority charge revenues. We concur with Shell 
Canada that priority charge revenues represent a transfer of 
capacity among noncore users. There is no additional service 
provided by the utilities in exchange for t.~e priority payment, 
except perhaps the minor administrative service of supervising the 
priority system. We agree with CMk and Shell Canada that the 

• priority charge is intended to ration capacity and to provide an 
e.fficient signal of the need for capacity expansion, not to provide 
the utilities with an additional value-of-service-oased revenue 
source. Rebating priority charge revenues to noncore customers 
would ensure that the utilities do not collect noneore capacity 
costs twice, and, as Shell canada notes, would reduce the 
possibility that a utility might agree to restate a total 
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transportation rate in order to increase artificially the priority 
rate. Thus, the utilities should track priority charge revenues 
when they begin to receive them, and in the next cost allocation 
proceedinq we will use the accumulated revenues t~ offset 
intrastate capacity-related costs assiqned to the noncore market. 
The exact mechanism for this rebate can be decided at that time. 

O. ,CQl"e/HOncore <:Ustomer O¢tini3;ion 
In Oecision 86-12-009, we defined the core class as 

customers with end-use priorities Pl, P2A, and P2B, while other 
retail customers were defined as noncore. Later, in 0.87-02-029, 

we expanded the definition of noncore service to inclUde large l?2B 
customers--those usinq in exceSs of 250,000 therms annually, or 
20,800 therms per month. The end use priority definitions are 
shown below: 

Pl 

P2A 

P2-B. 

All residential uSe regardless of size. 

All other service to customers with peak
day demands of ~oo mcf or less • 

All service where primary use is as a 
feedstock or other non-residential use in 
excess of 100 mmcf per day where the use of 
an alternate fuel is not feasible. 

Other uses Where specific CPUC 
authorization has ~een granted. Electric 
utilities' start-up, and igniter fuel fuel 
use. 

All service t~ customers with LPG or other 
gaseous fuel standby facilities where 
conversion to alternate fuel is not 
feasible. 

Other uses where specific CPUC 
authorization has been granted. 

During the evidentiary hearinqs in this phase issues 
concerning the core definition were raised at our invitation. The 
first issue is Whether Pl customers with alternative fuel 
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capability should be classified as core or noncore. These 
customers can use a fuel other than natural gas but receive core 
desiqnation ~ecause they use less than 100 mct on a peak day. 
Reclassification is also an issue for small P28 who might fuel 
switch rather than pay core rates. There is also the issue o,t 
whether or not a customer must have the alternate fuel facilities 
actually on site rather than a mere technical feasibility of 
alternate fuel use. 

PG&E, supported by TURN and to a limited extent ORA, 
proposed that the utilities be, allowed to reclassity as noncore 
certain small core customers with the technical capa~ility to use 
alternate fuel. To qualify for this reclassification, the customer 
would have to meet certain conditions, as follows: 

IIThese requirements should include customer 
demonstration, to the utility'S satisfaction, 
of the ability to use alternative fuel on a 
sustained basis. They should also include a 
demonstration that such alternative-fuel use 
would be an economic alternative to core 
service. Finally, the customer must be 
willing to accept the lower transport and 
procurement priority associated with noncore 
service. If a customer meets all of the 
requirements, the utility should be allowed to 
reclassity the customer as noncore. 1I 

SOCal argues for the retention of the present definition 
because for many customers only a small portion of this load. is 
capable of alternate fuel use, and is infrequently subject to fuel 
switching. Regarding the requirement that actual stand-by 
facilities be in place, both SCE and SOG&E argue for the retention 
of the requirement because it is a primary distinction of noncore 
customers. Also, without this requirement they believe that there 
may be a large exodus of core customers into the noneore. 

We will adopt the PG&E proposal tor the small alternate 
fuel eapaDle customer, based. primarily on our belief that the 
core/noneore distinetion should be based on the alternate fuel 
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capability and not on the size of the customer. If the customer 
passes the tests adopted (including PG&E's economic test) then the 
utility may reclassify the customer as noncorei we think that it is 
wasteful to create the incentive for a customer to invest in 
unneeded facilities in order to be afforded noncore status. 

III. Throughput FoxecastLCost or Gas 

The resolution of the issues discussed earlier now 
permits a more orderly consideration of the remaining issues. 
During the course of the proceeding, a Hdecision matrixH was 
developed. This matrix is an orqanization of the issues in this 
case that allows the development of rates in a linear fashion. 
Simply put, the issues raised by the parties were reorganized in 
order to facilitate the step-by-step determination of the revenue 
requirement, revenue allocation, and then rate desiqn. This matrix 
was the foundation of filed briefs, the subsequent ALJ rulinq, and 
the ALJ's draft decision. To the extent possible, we will continue 
to use the matrix as the outline for the remainder of this 
decision. 

In arr~v~ng at the rates we will implement through this 
decision, we will follow the logical progression from sales 
forecast throuqh cost allocation and finally to rate design. Each 
of the issues which we will resolve individually in the sections 
that follow will relate ultimately to one or more of these three 
major steps. 

We first resolve the issues involvinq sales forecasts. 
Until recently, virtually all deliveries ~y California gas 
utilities have been of utility-owned gas. Transportation of 
customer-owned gas was a relatively rare occurrence and we could 
speak of HsalesH as the measure of how much gas was being consumed . 
by end-users in California. This is clearly n~ longer the case, 
and we draw a distinction in this decision between HsalesH 
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(delivery of utility-owned gas) and "throughput" (all. gas 
deliveries, whether utility- or customer-owned). 

The throygbput forecasts we adopt become a major input 
into a subsequent ratemaking step -- the allocation of the 
utilities' fixed cost revenue requirements. The sales forecasts we 
adopt will be used to construct the pro~rement portfolios we 
develop in the next section. The distinction is important: 
throughput tells us how much gas the utilities will move, and sales 
tells us how much gas the utilities will buy. 

Because our adopted gas industry structure eliminates 
balancing account protection tor non-core throughput, our 
throughput forecast is the first step in assiqninq risk tc the 
utilities. The more throughput we forecast for the non-core 
relative to the core, the more risk we place on the utilities. Our 
task has been made doubly difficult by two factors: the potential 
for some throughput to be captured by discounting (either by the 
utilities, the pipelines, or the producers), and the forecast-rate
forecast "feedback" effect • 

We discussed the discounting problem in Section II.A 
above, adopting TURN's method for capturing the potential impact of 
discounting on the sales forecast. The feedback effect requires 
some explanation. One important variable in a forecast of the 
consumption of any product is the price of that product. If the 
result of the forecast is then used in designing rates, the rates 
developed may not be the same as were assumed in doing the forecast 
in the first place. Short of indefinite iterations of our 
forecast-allocation-rate process, the best we can do is to ensure 
that reasonable rates are as~umed in the beginning, and then 
remain mindful of the effect throughout the rate design process. 

We now resolve the specific issues regarding our 
throughput and sales forecasts. 

A • FOrecast or SaleS/Deliveries 
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l. PEG;Fotccast 
The primary issue surrounding the forecast of gas 

deliveries for powerplant use is how to achieve both fairness and 
consistency. We want to adopt a throughput forecast that the 
utility has a fair opportunity to realize. In addition, the gas 
utilities desire that the sales forecast be consistent with the 
adopted gas prices. Other parties propose that the UE~ sales for 
the gas utilities simply reflect the forecasts of the amounts 
purchased by th~ electric utilities, as adopted in a recent 
electric rate offset proceeding. Use of the ECAC forecasts would 
be consistent with our traditional practice in gas offset cases. 
therefore, the issue is: should there be internal consistency 
within the gas decision or shoul~ there be consistency between the 
forecasts that we adopt in two different decisions made within the 
same time frame? the ALJ's draft order· adopts the forecasts which 
are consistent with the most recent electric rate offset cases. 

For SoCal Gas, we. believe that the forecast of utG ga. 
use developed in SCE's electric offset proceeding, adjusted for the 
slightly. differing time periods, is reasonable for use in this 
proceeding. We recognize SoCal's concern, expressed strongly in 
its comments on the ALJ's draft, that the forecast utG sales must 
be consistent with the adopted prices. Based on our review of the 
record, we feel that the incremental UEG gas price (the noncore 
portfolio rate plus the ~G volumetric rate) is consistent with the 

incremental gas price used in the SCE ECAC casel • In addition, 
we have more confidence in the treatment the electric fuel mix 

1 D. 87-11-0l3 in seE's most recent ECAC case adopted a forecast of $1 
per MMBtu for SCE's incremental gas purchases for the June, 19S7, through 
198a, forecast period (see table B-1). this is equivalent to a spot gas 
forecast of $1.15 per MMBtu, as adopted in this order, plus a UEG volumet 
rate of $O.Zl per MMBtu, which is very close to the rate actually adopted 
tOday • 
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questions received in the electric o.ffset case than, for instance,. 
in SoCal's UEG forecast. SCE pointed out that SoCal's forecast is 
~ased upon a CEC filing that was not intenQed to be used for short
term forecasting. We view this resolution as appropriate for this 
case alone: later we will discuss a more systematic approach to 
forecasting UEG and other noncore demand which we would like to see 
followed in future re-allocation proceedings. 

The PG&E UEG forecast presents a more difficult 
situation, due to the dramatic effect which hydro conditions can 
have upon gas use on the PG&E system. The ORA forecast, based on a 
dry year scenario consistent with the most recent PG&E ECAC case, 
is roughly sot higher than the average year PG&E estimate. For the 
future, we believe that fairness dictates that PG&E's (and SoCal's) 
UEG forecast should be based eonsistently upon an average hydro· 
year. We expect that all parties should accept this practice, 
especially if the PG&E cost re-allocation case is held in the fall, 
~efore the next year's hydro conditions are known. The problem 
with using an average year in this case has been that all parties 
have known that the beginning of the forecast period would be a dry 
year. That has made it difficult to rejeet the ORA's forecast. 
However, PG&E does have a valid point when it notes that the 
forecast period will ~e almost concluded when the rates approved in 
this order take effect. Unfortunately, there appear to be several 
problems with PG&E's averaqe year forecast; cross examination 
revealed that the forecast assumes the return to operation early in 
1988 of the Rancho Seco nuclear power plant. It would be indeed 
ironic tor PG&E's Gas Department to profit from a forecast assuming 
Rancho Seco's early resswnption of operations, when the company is 
pursuing vigorously an effort to purchase SMOD,. a campaign whose 
centerpiece is the permanent elosin~ of HThe Ranch. N In this 
situation, we feel that it would be inequitable to either 
ratepayers or shareholders to adopt either extreme of the PG&E or 
ORA forecasts • Therefore, tor the purposes of this case only, we 

- 46 -



• 

• 

• 

I.86-06-005 et ala RTB/cg-m 

will adopt the average ot the PG&E and the ORA forecasts as an 
equitable estimate of PG&E'$ powerplant gas use. 

In adopting this forecast, we are rejecting the 
proposition put torth by SDG&E that the tixed costs associated with 
UEG gas purchases should be included in establishing a gas 
forecast. Powerplant dispatching decisions should tollow the 
incremental rate. 

2. 12recast or Sales veQus 1rMS"Q9rj: Only 
The split of the total throughput torecast into sales and 

transport-only portions impacts estimates of total revenue. This 
issue is significant because one proposal for allocating balancing 
account balances is to use an equal-percent-o!-total-revenues 
basis. Total revenues can vary substantially based on the amount 
of utility gas sold. 

There was no s~stantial disagreement with the utilities' 
methods of determining the split between transport-only and sales; 
therefore,. the utilities' methods are adopted .•• 

3. hlt,rnate ntel Prices 
The price for alternate fuels--although not crucial for 

rate desiqn--is still an important input for the sales forecasting 
m04els. The testimony indicates that the sales forecasting models 
are not extremely sensitive to small difterences in alternative 
fuel prices. These fuel prices are likely to be very unstable and 
are therefore difficult to forecast with any degree of reliability. 

The ORA and the utilities were not far apart on this 
issue. 'ro'RN supported a higher set of prices. The prices that we 
will adopt are as follows: 

1. #6 high sulphur - 26.78 cents per therm. 
2. #6 low sulphur - 29.67 ". " " 
3. #2 - 33.98 ". ." " 
4. propane - 27.00 It' " " 
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'l'hese prices for #6 are :based on the testimony of PG&E, #2 on the 
testimony of SoCal, and the propane on the cross examination and 
arCJUlnent of CMA. 

4 • Price ?rem ium for Gas 
A price premium for gas versus alternative fuels will 

lead ,to a higher noneore forecast than without one. 'l'here is no 
general agreement among the parties over the existence of a 
premium. PG&E assumes a Z cents per therm premium over alternate 
fuels. SoCal assumes a high :but unquantifiable price premium. 
Others, namely CMA and the Food Processors, testify that the 
existence of a price premium is dependent on the particular 
circumstances of each customer and that no general position can be 
adopted. We do :believe that it is possi:ble and worthwhile to 
choose an average premium for the limited purpose of forecasting 
industrial throughput. PG&E's testimony convinces us that such a 
premium does exist and that 2 cents per therm is a reasonable value 
for the premium, especially in light of the fact that we have 
chosen rather low alternate fuel prices as model inputs • 

S. Core-elcct/NOncore Procurement Eoreea~ 
'l'he testimony has shown that the core portfolio cost of 

gas is rather insensitive to the amount of core election. Also,. 
with no experience under the new system no party had a strong basis 
for their projections. Based primarily on the '~estimony of PG&E 
and ORA,. we will adopt the following amounts core election: 

6 • 

1. PG&E - an amount equal to its UEG sales. 

2. SoCal - an amount equal to 25% of its 
noncore, nonOEG sales, including 
cogeneration sales. 

3. SOG&E - an amount equal to 25% of its 
noncore, nonOEG sales, including 
cogeneration sales. 

oetini;ion of a Cold Year 
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~he definition of a cold year has an impact on the 
allocation of various components of the e%nDedded cost of service. 
Since the core market is more temperature sensitive than the 
noncore, a more extreme definition has the effect of allocating 
more costs to the core. 

~he definitions to choose from are: 
l~ One standard deviation from the mean. 

(One year in seven) 

2. Two standard deviations from the mean. 
(One year in 3S) 

3. 2.46 standard deviations from the mean. 
(One year in a hundred) 

TURN supports one standard deviation from the mean based 
upon the concept that we wanted flatter allocation factors and also 
so that this decision is consistent with the Commission's FERC 
testimony in the EOR Pipeline cases. The Co~~ission's testimony 
utilized one standard deviation from the mean. In any event, TORN 
proposes that all three utilities use the same definition • 

~he PG&E proposal of two standard deviations from the 
mean is consistent with the filings that it makes with other state 
aqencies such as the CEC. This definition is also more reasonable 
for systeln. planning purposes. The SOCal and SOG&E proposals are 
sliqhtly more conservative and generally based on the same 
reasoning. ORA took no position on this issue. 

We will adopt the two standard deviations from the mean 
dGfinition of a cold year based on the testimony of the utilities. 
The definition will ~e consistent for all three utilities as TURN 
proposed. It is also our intention that the definition that is 
used for cost allocation purposes ~e close to the definition that 
the utilities use for system planning purposes. 

7. EPR Forecast 

We will adopt the PG&E estimation xnethodoloqy which was 
supported by ORA and was not contested ~y other parties • 
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SoCal does not ooject to the ORA estimate as long as the 
current ratemakinq and ac~ounting treatment for EOR throughput is 
maintained. The ORA estimate is adopted ~or SoCal. 

8. Cogene;t'ation F2,reca$j;. 

The staff and the utilities are in ~eneral aqreement on 
the cogeneration sales forecasts. These foreeasts were not 
contested by other parties. Each utility's f~recast will be 
adopted. 

9. lDtcrut:i,lity Volumes 
~his issue was hotly contested, with the utilities 

refusing to forecast any significant volumes of interutility 
transportation,' and with the canadian producer interests proposing 
very large volumes. It is elear that there is a large supply of 
gas avail~le and also a large demand for cheap gas (in eXcess of 
300 1nl'I\cfd through :the PG&E system). What is unclear is the amount 
of room in the pipe that will be available. 

PG&E makes a substantial· case regarding the difficulty of 
making these initial forecasts. Nonetheless, we feel that the DRA 
and the Canadian parties have adequately established that there is 
a substantial potential for interutility transportation during the 
forecast period. Due to the uncertainties inherent in this initial 
forecast for this new service, and because interutility 
transportation will be served at the lowest priority, we will adopt 
conservative numbers at this time. The ORA estimate of 100 mmcfd 
is the basis for our adopted number of 127 mmcfd of third party gas 
to be moved in interutility transportation at ceiling rates over 
the PG&E system. The addition~l 27 mmctd is the ~ount of excess 
PITCO volumes which SoCal itselt expects to receive through 
interutility transportation. The CPG asks us to at least double 
the ORA estimate of 100 mmcfd, on the qrounds that A&S gas will not 
be able to compete with third-party Canadian gas. Because our 
procurement and off-system sales policies are under review in I. 
$6-03-036, we will not prejudge the outcome of that inquiry by 
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forecasting that A&S qas will not be competitive in southern 
california. 

SoCal continues to forecast that there will be no 
interutility transportation based upon its estimate that 
Transwestern will be at capacity for the forecast period. ORA 
forecasts 40 mmcf4. It estimates that Transweste:n will have some 
excess capacity durinq the forecast period. The SoCal argument is 
based on their showing that the Transwestern capacity will be used 
to buy gas for storage for the remainder of 1987 and then will be 
used for spot purchases. Given these arguments, we will adopt a 
fiqure equal to sot of the ORA estimate, or 20 mmcf/day, to be 
transported at the ceiling rates. 

10. Whol~sal~ Fo~Cast 

There is no disagreement over the PG&E wholesale 
forecast, which includes Palo Alto's estimate of its purchases. 
The PG&E forecast will be adopted. 

F~r Socal, we will adopt the $oCal's estimate, modified 
to reflect the sales and throughput forecast adopted for SOG&E • 
Any differences among the parties are not substantial. 

11. Future Noncore Throughput Forecast~ 
In providing demand forecasts for the noncore market in 

future cost allocation proceedings, utilities shall give explicit 
consideration to the impact of natural gas supply prices and 
transmission rates on the demand for natural gas. We have adopted 
the TURN forecasting method to capture the impact of competition 
with alternate fuels. The utilities shall present showings that 
indicate the manner in which price elasticities are included in 
their forecastinq methodologies. These showings shall incluQe a 
description of the Qata used, how it was obtained, and the 
~ethodology used to develop price elasticities or alternative price 
response estimates from the basic data. utilities should show how 
these price elasticities combine with their assumed gas and 
alternative fuel prices to determine the noncore forecasts • 
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In addition, the forecasting utilities should validate 
the models used tor noncore forecasts pursuant to P.~ Code Sections 
1821 to 1824. This will reduce the need tor litigation of gas 
forecast models in future proceedings and bring us more in accord 
with the requirements of those sections. 

12. ~opted Sales and Ihrougbput Forecasts 
At this point we ~ve resolved the issues that affect the 

forecast of sales and throughput. The tables ~low are the result_ 

B. GM C2sj:s and Portf21io Prices 
Now that we have adopted specific sales forecasts for 

each utility, the next step in developin9" rates is constructing the 
two gas procurement portfolios we have established for our new gas 
industry structure -- the core portfolio and the non-core 
portfolio. It is important to reme~er that the portfolio, prices 
we adopt apply to the procurement function only and not to the 
transmission func.tion. That is, customers who have the option to 
move gas they already own need never face the portfolio. price • 

In our new industry structure, as established in D.86-12-
010), non-core customers have the option of (1) buying their own 
gas and using the utilities only for transmission, (2) being served 
from the non-core portfolio, or (3) electing to be served from the 
core portfolio. Very large core customers may also choose between 
service from the core portfolio or transm.ission of their own gas, 
but most core customers must purchase both procur~ment and 
transmission in a bundled rate that includes the core portfolio 
price. 

D. 86-12-010 set forth qeneral quidelines tor the type of 
supplies which we expect the utilities. to procure for the core 
portfolio. These guidelines include 1) the certainty of supply 
availability to meet core peak requirements, 2) greater price 
security than can be obtained on the spot market~ and 3) meeting 
the first two objectives at the lowest cost. In the same eecision, 
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we directed that the non-core portfolio be constructed of spot gas. 
We recoqnize that gas procurem.ent practices are changing rapidly in 
the newly-competitive gas industry, and we are conducting a 
separate investigation (I. 87-03-036) to consider turther changes 
in the general policies f9r gas procurement which we outlined in D. 
86-12-010. The intent of this order is not to undertake a 
significant discussion of procurement policies: its purpose is to 
implement an unbundled rate design. Therefore, at this time we 
will construct the core and noncore portfolios using the utilities' 
current mix ot supplies and generally following the companies' 
current practice for sequencing purchases from these suppliers. In 
doing this, we acknowledge -- as we have discussed at great length 
above -- that our treatment of transition costs, especially the 
potential excess gas cost component, can have an influence on the 
utilities' procurement practices. 

1. ~pply Prices 
We have updated our gas supply prices from those used in 

the ALJ's draft decison. The update reflects El Paso's and 
Transwestern's latest price filing'S at the FERe, and the changes 
which have occurred in the California utilities' forecasted 
purchases as a result of these price changes. 

The most controversial issue in the area of gas prices 
involves the estimate of spot prices. DRA estimated 17.S cents per 
therm and PG&E l7.8 cents per thermo SoCal on the other hand 
forecast 19.0 cents per thermo SoCal's estimate is based on its 
analysis that the so-called gas bubble will go away over the 
forecast period. ORA and PG&E base their estimates on the recorded 
prices and trends over the last year. Neither forsee the 
likelihood of dramatic spot price increases over the forecast 
period. We will adopt the ORA estimate of 17.S cents per thermo 

2. Demand Charges 

The utilities' forecasted demand eharg'es were virtually 
uncontested. The one element under question was the demand eharge 
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that PG&E pays to PGT. FERC has allowed the PGT demand charge to 
be reduced from $43.9 million to $35.1 million. We will recognize 
the FERC authorized demana. charges ot $35.1 million. 

3 • SY»Ply Vohunes CSeauen<;ing) 
As we indicated in our introductory re~arks, this 

proceeding was not intended to. decide the reasonableness of the 
utilities' ~ec:ruencing practices. We have requested comments in I. 
86-03-036 on whether we should revise our sequencing policies. 
This decision requires a reasonable estimate of gas costs over'the 
forecast period. We will adopt the methods used by the utilities 
to forecast their qas takes from various suppliers. We are 
satisfied that their forecasted takes accurately follow current 
sequencinq practices, and we decline to prejudge I. 86-03-036 by 
forecasting a change in policy at this time. 

4. Core Weighted Average Cost 2: Ga~ CWACQG) 
To arrive at the core and core-elect WACOG simply 

requires the removal o~ cost of gas related t~ansition costs from 
the cost of gas arrived at in the above discussion • 

s. Nonc9re J2,cQG 
Our new proqram of requlation requires that the noncore 

WACOG reflect spot prices currently in effect. As discussed above, 
we expect spot prices to average $1.75 per MMBtu over the forecast 
period. For the purpose of illustratinq rates, we will use this 
averaqe as the noncore WACOG, although of course in practice it 
will vary each month. 

6. Sl2Y&E 

Very briefly, the SOG&E cost of qas is derived directly 
from the rates adopted for SoCal Gas. 

7. bdopted Cost of Gas 
At this point we have resolved the issues re~ired for 

the development of the cost of qas tables shown below: 

r'V • ~lloeation and Reyenue Require~nt Issues 
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Using the throughput forecasts we adopted in Section III. 
A., we can now allocate each utility'S revenue requirement among 
the various customer classes. Once we have accomplished this 
allocation, we can ~egin to develop actual transmission rates for 
each class. Allocatinq the revenues requires us to use "allocation 
factors" to split each cost item (e.q., transmission, storage, 
administrative and general expenses) among the different customer 
classes (e.g. residential, industrial, UEG). Nearly allot the 
allocation factors we develop are directly related t~ our adopted 
throuqhput forecast. 

When choosing allocation factors, we attempt to reflect 
the way each cost item is actually incurred. For instance, if we 
~elieve that a particular cost is incurred year-round aeeording to 
the amount of throughput, we might allocate that item by annual 
throughput. If, on the other hand, we believe that a cost is 
incurred only during the winter, we might allocate that item ~y 
winter throughput. Cost allocation is regret~bly not an exact 
science; two different allocations may both reason~ly reflect cost 
incurrence, yet produce significantly different results. 
therefore~ any cost allocation involves an element of judgement. 
For example, in D. 86-12-009 we decided to choose relatively "flat" 
allocation factors, which spread costs more evenly across the 
customer classes, in recoqnition of the current excess capacity in 
the utilities' systems. Ultimately, our goal is to place the 
allocation process on the tirmer foundation ot marginal costs. 

As we noted in the introduction to this order, we have 
decided not tQ revisit the choice of allocation factors which we 
made in D. 86-l2-009 until such time as the current excess capacity 
has ~een substantially reduced. . ~here!ore, the cost allocation 
issues which we resolve today are ~enerally matters not resolved in 
D. 86-l2-009, or questions concerning how to implement the cost 
allocation process adopted in that decision. 
A. hllQCAtion of Embedd~JCOst~ 
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1. EORRevenue Treatment/Cost Allocation 
D.87-05·046 established a special procedure for the 

tracking and crediting of revenues generated by service to- the EOR 
market. This treatment is in recognition of the fact that the EOR 
customer may have the competitive option of service through one of 
the proposed interstate pipelines. Two issues arose in this case 
regardin~ that procedure. The first is whether a forecasted credit 
should De included as an offset to the revenue requirement at this 
tilne. The second is how such credits should be allocated. 

On the first issue, concerning whether or not to forecast 
and credit in this proceeding, PG&E and DRA take the position that 
a tracking account be set up but that no forecast of EOR revenues 
be made at this time. Rather, they propose that the eredits be 
flowed through in a future period. This procedure would guarantee 
no undercolleetions. 

SoCal, TORN, and CMA, on the other hand, propose that a 
forecast be made and credits- flowed in this proceeding. This is 
based on the arguments that (1) current ratepayers should benefit 
from current EOR service and (2) decreased non-EOR rates will help 
the utility maintain or increase throughput. 

The amounts of the forecast are not in question--$2.6 
million for PG&E (proposed by 'roRN) and $21.2 million for SoCal. 
We will adopt these revenues as a current forecast and provide 
trackin~ account treatment to record any difference between 
forecast and actual revenues. Any discrepancy will be trued-up in 
the next cost re-allocation case. 

The next issue is to determine the mechanism for the 
allocation of EOR revenues. The PG&E proposal was not very clear • 
on this issue. However, in its brief PG&E su~gests that the credit 
be given to customers according to. the ratio of transmission and/or 
other functional revenue requirements allocated to other customer 
classes • 
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CMA proposed a rather complicated formula which was 
designed to provide the credit to the classes according to the 
assignment of costs to various functions. If that procedure was 
deemed too eomplieated, then CMA proposed that the credit ~e made 
on an equal cents per therm ~asis. 

Socal proposed that the credit ~e flowed ~ack ~ased on 
the allocation of fixed costs. TORN supports the SOCal proposal as 
:being the only proposal that mee.ts the requirements of 0.87-050-046, 

wherein we stated that the credit would be taken ort the top o~ the 
margin requirement before functionalization and classifieation. We 
will adopt the SoCal method beeause it does indeed comply with our 
previous decision. 

2. Weighted. CU;?tQlller Allocation Fazor~ 
Under prior deCisions, customer-related costs are to be 

allocated on the basis of weighted number of customers 
(0.86-12-009). In this case DRA and SOCal have based the weighting 
factors on the relative direct plant investment for each customer 
class: most particularly to access equipment. This approach is 
supported by TURN. 

PG&E, on the other hand, :based its weighting factors on 
marginal customer premises installation costs for typical 
residential, commercial, and industrial customers. We will adopt 
the SoCal, ORA, TORN approach because it is more consistent with an 
embedded cost allocation methodology. ~his might be reconsidered 
when we begin using a marginal cost methodology. 

3. CUs~omer Related transmissiQD Cost~ 
~his term is used by TURN to refer to costs which it 

proposes be specifically assiqned to customers or customer classes, 
rather than being allocate,d. In D.87-05-046, we granted a SOG&E 
request to directly assign the costs o~ some SOCal trans~ission 
facilities to, SOG&E. TORN proposes that we in like manner directly 
assign $1.2 million dollars of SoCal cost to its UEG customers • 
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The utilities have allocated these costs in accordance 
with our prior decisions. TORN has not made a convincing sho~ing 
that the ~ethod should be changed at this time. We will adopt the 
utilities' methods. ~his issue can be reexamined in the next set 
of re-alloca~on proceedings. 

4. ),llocation of..Con~er:ya'tion cost§ 
The utilities' current revenue requirements include both 

base rate and'offset conservation program costs. PG&E and Socal 
each propose to treat base rate conservation costs as customer 
related, which means that core users will bear over 9S% of such 
expenditures. For offset programs, both utilities propose that 
core customers pay 100% ot the costs. TORN objects to these 
allocations and instead proposes that conservation programs be 
considered commodity-related, because the purpose of these 
expenditures is to achieve conservation of the gas commodity. 

SoCal points out that in our previous decisions in this 
matter these costs were allocated as customer related and that its 
cost studies have historically treated these costs as such. Our 
review of D. 86-12-009 indicates that we considered only base rate 
conservation costs in the allocation decisions which we made in 
that order. TORN did produce evidence which suggests that 
allocating these costs as customer costs may assign too much to the 
core. However, consistent with our general reluctance in this 
order to revise already-decided allocations, we will not change the 
allocation of these base rate costs. 

We have yet to decide the allocation of offset 
conservation costs. We see merit in the positions o,t both TURN and 
the utilities on this issue. It is true that in 'the past ~e ~ave 
considered conser'V'ation to be a potential source o,f supply. We 

assessed the costs of the offset conservation proqrams on an equal
cents-per-therm basis to all customer classes except UEG, 
cogeneration, and wholesale. In this respect, these offset costs 
can be looked at as a past cost incurred tor 'the benefit of 
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resiQential, commercial, anQ inQustrial customers with the 
expectation that they would be recoupeQ from these customer 
classes. We will, therefore, allocate the remaining CCA balances 
as we have in the past, on an equal-cents-per-therm basis to all 
customer classes except UEG, cogeneration, and wholesale. We note 
that this assigns the great majority (82% for SoCal) of the offset 
program costs to core customers. Finally, this allocation of the 
offset balancing accounts is consistent with our treatment of other 
balancing account balances. 

5. calculation or Noncoincident-Eeak Fact9~ 
This issue involves the proper interpretation ot 

0.86-l2-009 regarding how to calculate the allocation factors for 
demand-related common distribution costs. PG&E made its 
calculations on data based on total throughput. SoCal, on the 
other hand, based its calculations on information that was 
disagqregated down the the class level. TORN proposes that the 
sales disaggregation So down to the individual customer level. 
TURN also found· certain errors in the PG&E showing, which was 
subsequently corrected. We believe that the SoCal method is a more 
accurate way to calculate this factor than the PG&E method. In 
addition, the SOCal methoQ is the closest to our intent in 0.86-l2-

009. We will adopt the SoCal approach. 
6. hll~~tion of Francbise lees and Uncollectibles 

All parties appear to agree that Franchise Fees should be 
allocated on a percent-of-revenue basis and that Uncollectabless 
should not be allocated to Wholesale customers. 

We will explicitly aQopt the allocation method of SoCal 
(which was supporteQ by CMA) for the Qetail of this allocation 
issue. The SoCal method result closely matches the cost incur=ence 
pattern of this cost item. 

7. Lost and Unaccounted-tor Gas (LoaF) and Company Use 
These two items jointly are co~only referred to as 

shrinkage. Two issues have been discussed in this proceeding: 
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(1) should shrinkage be collected from sales customers, all 
customers, or just wdistribution-levelw customers, and (Z) which 
noncore rate components should include noncore-associated 
shrinkage'? 

PG&E, TORN, and ORA propose to allocate shrinkage to 
total deliveries at both transmission. and distribution levels. 
Socal and SOG&E propose to allocate company usage to all customers 
but LOAF only to distribution level. The effect of the SOCal-SOG&E 
proposal, in contrast to the PG&E-ORA-TO'RN position, is to, have a 
greater amount of these costs recovered from core customers. 

These costs vary directly with gas use. There is 
conflicting testimony regarding whether gas losses occur only at 
the distribution level or at both the transmission and distribution 
level.. until it can be shown that LUAF occurs only at the 
distribution level, we find that both LOAF and Company Use costs 
should be allocated to all customers--both distribution and 
transmission level. Also, these costs are properly recovered in 
the volumet~ic rate • 

s. Noncor~ IransmissionlRjstribution Split 
In D.S6-l2-009, we directed the utilities to present a 

showing regarding the effect of disaggregating the allocation of 
costs to noncore industrial users between the tr~~smission level 
and the distribution level. It was our intent to see if gas levels 
of service and their related costs were analogous to· electric 
voltage level disaggregation. 

PG&E and SOG&E both attempted to comply with the prior 
direction. Socal failed to do so, arguing that it had neither a 
proper definition of Wtransmission level servieew nor sufficient 
current knowledge of its customers to· make such a classification. 

CMk and PG&E support the transmission-distribution split 
o~ the basis that transmission customers do not benefit from the 
use of the distribution system.. OGS and SoCal, supported by TURN, 
assert that the distinction is inappropriate • 

- 60 -



• 

.' 

• 

I.S6-06-00S et al. RTB/cqm 

upon closer ex~ination we now agree with DGS that 
service 'level ~itferentials tor gas service are not analogous to 
service level difterentials for electrical service. For electrical 
service, the customer chooses its level ot service according to its 
own needs, and convenience. Service at the transmission level is 
offered over a very wide geographic area. For gas service, on the 
other hand, transmission service is only provided in the very 
narrow geographic areas where a transmission line is located. 

The result of the transmission/distri~ution level split 
would be that customers would sutfer discrimination based upon 
geographic location. This proposal may ~e cost-based, but the 
purpose of cost-based rates is to send an economic si;nal to 
customers so that they can make economically-base~ ~ecisions. In 
this case, most customers would have no choice of service level. 
Where customers have no options to exercise, the nee~ to have rates 
reflect exact cost incurrence is lost. Although we acknowledge 
that D. 86-12-009 required such a split, in that proceeding we did 
not examine this issue in the detail 'in which it has been studied 
here. Based upon that closer examination, tor the reasons 
explained a~ove, we will not adopt the transmission/distri~ution 
level split in allocating costs to noncore industrial customers. 

9. pistribution-Re1at~ Expenses 
D.86-12-009 allocates sot of Administrative and General 

(A&G) costs to customer elasses ~ased on average year throughput. 
0.87-0$-046 ~ranted San Diego and LOng Beach, as wholesale 
customers of SoCal, exemption from the allocation of distribution
related A&G. At issue in this case is whether this same exemption 
should be applied to (1) PG&E wholesale customers and/or (Z) other 
transmission level customers. 

we have previously indieat~d that this issue can be 
reviewed in future re-allocation proceedings. We will not change 
our prior decisions on this issue, except as to the application of 
the exemption to PG&E's wholesaleeustomers. We will apply the 
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exemption of the allocation of sot of A&G to the wholesale 
customers of PG&E in the same fashion that we did for wholesale 
customers of SoCal. 

10. abDndone~ Amortization 
The costs associated with the amortization of the 

abandoned LNG project are already included in the margin of each 
utility. The question at issue is: How are the costs to' be 
functionalized, classified, and allocated to the customer classes? 

SoCal has functionalized its LNG costs as production
related, while PG&E originally treated its LNG costs as storage
related. In its brief PG&E changed its position to- advocate that 
these costs should be treated as transmission costs. 'l'URN and ORA, 
on the other hand, support transition cost treatment for these 
costs. As an alternative TURN points out that treating these as 
production-related would have the same result, i.e., equal-cents
per-then. The 'I'ORN-ORA proposal is ~ased on the theory that LNG 
was a *supply* not a *storage* project, and conceptually should ~e 
handled in the same fashion as GEOA • 

We agree with the PG&E position that these costs should 
be tunctionalizea as transmission-related. The LNG system was 
intended to accept LNG, change it back to a gas, and deliver the 
gas t~ the transmission and distri~ution systems. The LNG projects 
would not have produced natural gas. The amortization of these 
costs should therefore ~e functionalized as transmission and 
allocated using a cold year throughput factor. 

11. Interutility Revenu~~ 
There appears to be a consensus amongst PG&E, SoCal, ORA, 

and TORN that any interutility revenues earned (except from 
affiliates) should be used as an offset to fixed transmission 
costs. We agree with the consensus position because both the costs 
and the revenues are strictly transmission-related. Furthermore, 
these should be allocated on the basis of cold year annual through
put • 

- 62 -



• 

• 

• 

I.86-06-00S et ala RTB/cqm • ALT-COM-DV 

l2. storage Cost§-
The, issue here is whether we should change our previous 

decision t~ alloca~e storage costs to. both sales and transport-o.nly 
customers. SDG&E ~akes a long argument that storage costs should 
not be allocated to. transport-only customers b'ecause they do. not 
have contro.l o.f storage operatio.ns. We will affirm o.ur intention 
to allocate sto.rage costs to all customers because all customers 
receive the benefits of storage operations. 

Hadson raised the issue of what level of storage service 
the various types of customers should expect, questioning in 
particular whether the utility should use its storage capability to 
provide core-elect customers with ~ore reliable service than those 
that just transport gas. This issue has been set tor hearings in 
I.86-03-036 and will be addressed there. We are hopeful that a 
decision on this and other storage issues can be issued before the 
implementation date. 

13. 19l1ancitlg 2\~oynt Balances CCN;1, ~B2\, an~ PGl-/SAM) 
There are' two. basic approaches to. this problem. ' The 

first is to allocate these costs on an equal-cents-per-therm 
method. The second approach is to allocate these costs on an 
equal-percent-of-revenues mechanism. The first is strongly favored 
~y TORN, while that second is supported by the utilities and the 
noncore customers. There is a certain amount of controversy 
surrounding the calculation of the equal-percent-o!-revenues 
method, ~ut it is clear that no matter how it is calculated the 
equal-percent-of-revenues method allocates less revenue to. the 
none ore class than does the equal-cents-per-therm meth?d. 

At this point, all consensus is lost. 'Th.ose on each side 
of this question have attempted to show that it was the other 
customer group that-was responsible for the undercollections. 
There does appear to be consensus that undercolleetions related to 
cost o! gas should be allocated on an e~al-eents-per-therm basis. 
However, those particular undercolleetions can not be isolated 
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~ecause the ~alancing account mechanism consolidates several 
different effects (PeA and SAM). We find that there is n~ way to 
establish cost causation for the current balances. 

Also, it appears that balancing account balances fit our 
adopted definition of transition costs. Allocating balancing 
aCCQunt balances in similar fashion to transition costs will 
simplify the accounting structure of the new program. 

For the above reasons, we will adopt the equal-cents-per
therm allocation method for these balancing account balances. We 
will therefore not need to discuss the different ways to calculate 
the equal-percent-of-rates (revenues) allocation method. 

B. ~venue Requirement Issyes 
At this point, most of the revenue requirement issues 

that were contested have been resolved, i.e., interutility 
revenues, EOR revenues, and franchise fees and uncollectables. The 
remaining issues concern bala~cing accounts and GEOA. 

1. Balanxing AXXount Amortization 
The amortization for If'offset balancing accounts" was 

somewhat controversial in this proceeding in that there were at 
least three different periods proposed. PG&E, supported by TURN, 
suggests a twelVe-month perioa based on the theory that all 
customers will have experienced one complete annual cycle of usage. 

SoCal proposes a nine-month period, with the caveat that 
it would make an advice letter filing lowering the rates once the 
balancing account is zeroed out. This is opposed by TURN, who 
favors a twelve-month period because it will result in a rate 
decrease. 

Finally, Hadson Gas suggests that we tie in the 
amortization period to the length of time (two years) that the NRSA 
protection will be in existence. We agree with and will adopt the 
Hadson proposal. By accepting this proposal we can provide for an 
extended period o! rate stability while at the same time allowing 
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the utilities ample opportunity the recover the :balances. Also, 
the two-year time period is short enough so that it is likely that 
the custo~ers who created the undercollection will also pay it off. 

2. Balancing AC20unt Foreca§~ 
Later in this order we establish May 1, 1988 as the date 

when the rates approvo~ in this order will go into effect. Given 
this i~plementation date, we will calculate rates in this order 
using the latest available CAM and GCBA balancing account forecasts 
for May 1, 1988. The utilities also should use their latest 
forecasts in their February 1 advice filings. Because the rates 
which go into effect on May 1 will be based on forecasted balancing' 
accounts, the utilities should record the actual May 1 CAM and GCBA 
balances. In their next cost re-allocation proceeding, we will 
allow them to recover or refund, with carrying costs, the noncore 
portion of any difference between the May 1 forecast and actual. 
This will zero out the noncore portion of the current balancing 
accounts. 

3. ~ 

We will adopt the stipulated reVenue requirements of 
$50.0 ~illion for PG&E and $18.4 million for SOCal. 

4. Lost Revenue 
One additional issue was the concept of estimating demand 

charge revenues from lost customers. The theory was that some 
customers who decide to no longer take gas service on or before the 
i~plementation date would still incur demand charges which would be 

assessed based on historical usage. Both the adoption of the TURN 
forecasting methodology and the way that demand charges are 
implemented make this a nonissue and "no additional revenues will be 
forecast for this item.' 

5. Adopte~Cost Allocations and Revenue' Requirem~nts 
At this point, the adopted cost allocations and revenue 

requirements can be calculated and are shown in the tables below: 
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v. ~ore Market Rate pesign 

We are now read.y to complete the calculation of rates 
that will actually be faced by California customers~ As discussed 
earlier, the first step in this process was forecasting the total 
throughput expected ~or eaeh utility. Next, we allocated. the fixed. 
costs of each system to the different customer classes based mainly 
on our throu9hput forecasts, and calculated the two portfolio 
prices. We are now ready to take the final step -- assignin9 each 
eost item to a particular rate d.esign component and calculating the 
final rates. 

Throughout this decision, we have been careful to 
maintain the distinetion between transmission, the movement of gas, 
and procurement, the purchase of the actual gas molecules.. Our. 
allocated fixed. costs will make up the rates for transmission, 'and 
the portfolio prices we adopted earlier will be the procurement 
prices .. 

For the core market, these two· rate components will be 
combined into a single, bundled-rate for both services. 

A. :Residential Bate De:lign 
:I.. CUstomer Charge 

Among the utilities in this proceeding, only SoCal 
presently imposes a residential customer charge. The issues raised 
during this proceeding concern the imposition of new customer 
charges, the increase of present customer charges, and the question 
of whether to include customer charges in the ealculation of 
baseline rates. 

The issue of whether customer charges must be considered 
in the calculation of the baseline rate is so well settled that it 
requires no further discussion. Our current policy will continue. 

Concerning the remainder of the customer charge issues; 
it is PG&E's position that there should be no chanqe in its 
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residential rate structure at this time ~eeause of the regul~tory 
and leqislative climate. Translated, this means that because the 
bas~line concept is currently under legislative serutiny, PG&E 
believes it prudent to not impose a residential customer charge at 
this time •. 

SDG&E proposes to impose a new customer charge of $5 per 
month. Socal wants to raise its customer charge from $3.l0 to 
$7.50 per month. These positions are supported ~y other noneore 
customers and pipeline companies. The rational is that there are 
embedded residential customer costs, and that ,cost-based rates 
should reflect these costs. In addition, some parties believe that 
high Tier II rates dampen sales to the core market. 

TORN, on the other hand, is opposed to either the 
imposition ot new customer charges or the increase in present 
charges. In tact, TORN tavors the elimination of SoCal's present 
customer charge. TORN supports its argument by pointing out that: 

1. CUstomer charges result in a greater 
disparity between Tier 1 and Tier 2 rates • 

2. The utilities are already guaranteed 100% of 
margin recovery because ot the core 
balancinq account. 

We will adopt the 'I"O'RN-PG&E suggestion that the status 
quo be maintained, based upon the reasoning ot TURN. 

2. Baseline Rates/Allowances 
There were two issues of consequence in this area: 

(1) chanqinq ~aseline volumes tor SoCal, and (2) how to phase in 
baseline changes for all three utilities. 

a. ,Socaf 
Section 739 of the Public Utilities Code requires the 

Commission to set baseline allowances for gas usage at between SO 

and 60% ot averaqe residential consumption in the summertime and 
between 60 and 70% in the wintertime. SoCal has shown that the 
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current baseline amounts are substantially above the statutory 
ranCJe. Socal proposed the amounts shown beloW': 

Climate Zone ~rreDt Proposed 

Summertime 22 19 
Wintertime 

1 72 50 
2 94 65-
3 125 87 

These amounts will result in about 5-st of summer reside~tial usaCJe 
and 67% of winter residential usage being billed at the baseli~e 
rates. These amounts were not contested and W'ill be adopted. 

The contested issue is over what period of time the 
chanCJes should be phased in, recoqnizinCJ that these changes ca~ 
produce extremely large percentage rate chanCJes. for small users. 
ORA recomme~ded a three-year period. Socal believes that the 
allowances can be implemented iwnediately. 'l'ORN was unable to 
suggest an appropriate phase-in m~chanism, but did seem to arque 
that any rate Change caused by a chanCJe of baseline allowances be 
lilni ted to S%-

The prOblem is how to ilnplement the cha~ges without 
causinCJ a rate shock to customers who noW' use close to· the baseli~e 
quantity. Because we cannot at this tilne predict what 
implementation schedule will minimize rate shock, we will allow 
SoCal some flexibility in the implementation, subject to the 
following quideli~es. The phase-i~ period should be no longer than 
three years. Also, whenever a new revenue requirement results in a 
rate reduction tor the residential class as a whole, SOCal will be 
allowed to accelerate the three year impleme~tation schedule. Rate 
increases due to baseline implementation should be capped at 15% 
above the class average. Thus, if SoCal decreans residential 
rates by 10%, it may change baseline quantities at the same time to· 
produce residential bill impacts no greater than a S% increase. 
Socal should file an advice letter by March 1, 1988, detailing its 
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plans tor any baseline allowance changes to take place with the May 
1, 1988, change in eore rates. In developing these plans, SoCal 
should meet and eonfer with DRA, TURN, and other interested 
parties. 

b. To:RN Baseline Adjustment Mechanism 
No party contested the continuation ot the TURN Baseline 

Adjustment Mechanism which we have utilized in the recent past •. 
The mechanism will be used for all three utilities. In its 
comments, TURN correctly notes that, under this mechanism, revenue 
increases due to reductions in the baseline allowances must be used 
to reduce the baseline rate. This should be retlected in SoCal's 
March 1, 1988, filing. 

1. LargeL~all CUstomer pitfe~ential§ 
The Large/Small customer split is an issue that was 

raised by several flower growers. The probl~ is that two 
commercial customers who are approximately equal in the size ot 
their usage, but only one of whom has alternate tuel capability, 
will be aftorded widely ditferent rates. The customer in the core 
class, although a very large core customer, would be paying much 
higher rates than the noncore customer. To the extent that the 
utilities otfer. declining block rates to such core commercial 
customers, the ditferentials will be lessened. PG&E's proposed 
rate structure, which was supported by DRA, already incorporates 
this concept to some degree. We will adopt PG&E's proposed rate 
structure. 

It appears that SoCal has been less responsive to the 
circumstances of its customers in this regard. Under the present 
structure, there would be a large rate differential between the 
core and noncore commercial customers o·f similar size. The A!.:J 

Ruling of September 9, 1987, requested that the utilities submit 
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rate designs that would mitigate this problem. The SoCal response 
is indeed a major step in the riqht direction and will ~e adopted. 

SDG&E appears t~ support the rates that it filed in 
response to the ALJ ruling. The SOG&E rate structure will be 
adopted, since it also mitigates the large rate differentials at 
issue. 

2. ~asonal 'Q.it:erential~ 

PG&E, with the support ~f DRA, proposes t~ extend the 
seasonal di~ferentiation t~ core commercial customers as well as 
noncore customers. The basis of this proposal is to· signal that 
the cost of service is greater in the winter than in the summer. 
Inherent in the proposal is that certain customers might have some 
ability to change their usage patterns. It would appear that the 
proposal is consistent with the position of CMA. 

SoCal and SDG&E oppose this seasonal differentiation tor 
core commercial customers on their systems. Their"primary reason 
is that there is no reason t~ send an such an econo~ic siqnal When 
there is no capacity constraint. CH&MA, 'I"ORN, and OGS support the 
position and reasoning of SoCal. 

FUrther, CH&MA argues that the seasonal rates are an 
unnecessary complication and result in seVere winter bill impacts. 
The severe winter bill impacts result from the percentage 
dif~erential between the summer and winter rates. 

We agree with CH&MA that where there are seasonal rates, 
the summer/Winter bundled rate differential should be no greater 
than 35% for this initial periOd. This differential is chosen 
on a trial ~asis, and reflects the CK&HA argument that PC&E's 
proposed rate differentials of about 50% to 60% are too high. We 

will, however, allow PG&E to place rates into effect with this 
capped seasonal differential, based upon the fact that winter costs 
are qreater than summer·costs. ~his rate structure should be 
looked upon as an experiment sUbject to review • 
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~he ALJ's draft order does not mandate a seasonal core 
commercial rate ~or socal or SOG&E, because there are no projected 
capacity constraints. We agree with the DRA's comments that an 
imminent capacity constraint is not required in order t~ justify 
seasonally differentiated rates. Indeed, signalling to customers 
in their rates when the system is most heavily used will induce 
them to use the system more e~ficiently, perhaps postponing any 
future constraints. We also prefer sending more accurate signals 
in the rate structure to approving special discount rates targeted 
only to certain customers, such as SoCal's proposed gas air 
conditioning and water pumping rates. Thus, SoCal and SDG&E should 
implement seasonally differentiated commercial rates on the same 
basis as PG&E. They should include their proposed seasonal 
core commercial rate in their February 1 filing. 

3. )"vailabil ity 0: Core TtJln:mortation 
In D.86-12-009, we mandated that large core customers 

receive transport service at a high (core) reliability, but that 
they could seek their own supplies and receive transport-only 
service. PG&E proposes that we require that these large core 
customers take their supplies only from the core portfolio. This 
proposal was also supported by Socal. PG&E has not shown 
sufficient reason to modify our previous decision on this point. 
Large core customers shall retain the ability to choose transport
only service. 

4. Special New Rates 
socal has proposed two new rates for the non-residential 

core market. The first is a gas air conditioning rate which will 
be available only to customers without cogeneration facilities. 
~he second is an agricultural water-pumping rate. Both rates are 
to apply only to new installations; that is, customers'with 
equipment installed after the adoption'of the rate. ~he proposal 
fs strenuously opposed by SCE, which believes that it will suffer a 
significant amount of load loss to gas service • 
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We share SCE's concern that the full impact of SoCal's 
proposal, on both electric as well as gas ratepayers, has not been 
addressed adequately. This concern is heightened by the tact that 
Socal's special rates would apply to, all new installations, first
time as well as replacement, whereas SOCal's justification for the, 
rates is primarily to prevent the erosion of the current market for 
gas in these appl±cations. Finally, we note that these customers 
will benefit trom our adoption of seasonal differentiation for 
SoCal's commercial rates. This may obviate the need for such 
special rates. In general, we prefer cost-based rate signals to 
special rates for certain customers. We will not approve SoCal's 
request. 

. VI. Noncore Rate Design -- P2B and Industrial 

For the non-core market, we will establish distinct, 
unbundled rates for transmission and procurement. As we did with 
the core, the procurement rate wilI be the applicable portfolio 
price, although non-core customers have the option of being served 
trom either the non-core or the core portfolio, or of transporting 
their own gas. 

The default rate tor transmission will consist of the 
tour components we adopted in D.86-12-009 -- a customer charge, two 
demand chargos (01 and 02), and a volumetric rate. Calculating the 
default transmission rates is simply a matter o,f assigning each 
allocated fixed cost item (e.g., storage, A&G) to a specific rate 
design component. For example, we place all tranchise tees and 
uncollectiblo expenses in the default volumetric rate, and all 
customer costs (except the part relating to return on equity and 
associated taxes) in the customer charges. In this way we complete 
the chain: throughput forecasts are developed and used tor 
allocating fixed costs, and these allocated fixed costs flow . 
directly into specitic rate components . 
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We have already decided much of this final step in 
previous decisions, and we now turn to the issues that remain to be 
resolved. 

In O.86-~2-009, we set forth the noncore default rate 
structure, composed of a c1lstomer charge, two demanc:l charges, anc:l a 
volumetric rate. Several parties mac:le proposals in this c:lecision 
to change this default rate structure. Their arguments for the 
most part offer nothing new. The previously ac:loptec:l default rate 
structure will generally be retained. 

The most important characteristic of the c:lefault rate 
structure is that it is just that -- a set of rates to- be applied 
when the utility and customer are unable to reach a negotiated 
agreement. We realizec:l at the time of the previous decision that 
the default rates would not meet either the needs of utilities or 
the unique characteristics of many customers. The default rates 
were desiqned to bo cost-based 
event that the utility refusec:l 

and available to customers in the 
to negotiate meaningfully a 

• 
c:lifferent rate. 
A. ~stomer sv,b:classes 

• 0 

If we look at the entire body of customers as essentially 
three classes - core, noncore, and wholesale - then the next level 
of classification we are interested in is the sub-classes within 
the noncore class. 

The three 
PG&E 

SoCal 

utilities proposed the following groupings: 
1. Larqe P2b 
2. Cogeneration 
3. UEG 

4. Other Industrial CUstomers 

1. Propane alternate fuel 
2. No. 2 fuel 
3. No-. 6- low sulphur 
4 • No. o l"..i9'h sulphur 
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s. cogeneration 
&. ~G 

SDG&E 1. ~G 

2. cogeneration 
3. Other noncore 

CMA contested SoCal's alternate fuel-based groupings as reflecting 
value-ot-service pricing principles and possibly providing SoCal 
with a convenient basis for unduly discriminating ~ong noncore 
customers. We share CMA's concerns, and fail to see what utility 
the old groupings have in our new rate structure. SoCal should use 
the PG&E groupings. The PG&E proposal that each of its basic 
classes be further refined int~ transmission and distribution 
levels will not be adopted, as discussed earlier. 
B. Pcfault Rate Structure in Gen~ral 

PG&E supports the rate structure adopted in our prior 
orders, aithough the utilitydoes not necessarily agree with the 
cost elements included in portions of the rates. SoCal, on the 
other hand, prefers to eliminate the seasonal monthly ratchetted 
demand charge in favor of having the annual demand charge based on 
three years historical usage. TORN and DGS also support the Socal 
view on this point. The SoCal-TORN-DGS position asserts that 
seasonal demand charges are redundant in light of the priority 
charge. Further, they argue that seasonal demand charges will 
encourage peak-shaving at a time when there is excess capacity. 

CMA, while preferring to eliminate or at least reduce 
demand charges, recognizes that it demand charges are to be 
retained then the combination of O-l and a seasonally 
differentiated 0-2 is reasonable from a cost allocation and revenue 
recovery standpoint. CMA argues as follows: 

HIt is beyond dispute that those customers 
which have higher requirements during peak 
period impose greater CO$ts on the system (Tr • 
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4545). These customers should be responsible 
tor such costs through a seasonally 
differentiated demand charge. To fail to 
incorporate such a demand charge means that 
high load factor customers will be bearing a 
disproportionate share of seasonal costs. 
Mr. Cecil's testimony clearly demonstrated that 
a 0-1 and 0-2 combination was clearly more 
cost-effective tor high load tactor customers 
(Exh. 2~S, p. 12).H 

We will retain the present basic structure. We remind 
SoCal and others that their arguments have impressed us that there 
is a mutual need to negotiate with eustomers rather than change the 
default rate structure. For instance, it seems perfectly 
reasonable that many eus'comers would prefer the rate structure 
proposed by Socal, especially it it were designed to be revenue 
neutral compared to the d.efault structure. 
C. Default Rate Components 

1. CU$pmer Charge:t 
0.86-12-009 provided that the customer eharge proposal 

of ORA would be the basis for establishing customer charges. 
SoCal, SOG&E, and ORA have correctly implemented the customer 
charge concept, which is to have the charge vary by average monthly 
usage over a tWelve-month historical period. The number of bands 
and the size or the bands, as contained in the latest ORA filings, 
will be ad.opted. The new PG&E proposal (unsupported by other 
parties) to have flat customer char~es tor all customers in a class 
will be rejected because it does not reflect costs and does not 
implement our prior orders. 

~ • 0=1 Q4i::mand Charge 

In this order we have added a number ot items, 
principally transiti~n cost items but also the balancing account 
amortization, to the noncore demand charge, compared to the . . 
treatment ot these costs in the ALJ's draft order. These new 
demand charge components should be added to the D-1 demand charge. 

3. 0:2 Demand Qla:cge 
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As discussed previously, several parties (TORN, OGS, and 
SoCal, principally) oppose the seasonally differentiated ratchetted 
monthly demand charge. We have decided to retain this form of 
demand charge. However, the proposal of OGS that the costs 
associated with this demand charge be collected in the vo,lumetric 
rate deserves comment. The effect of collecting these costs 
volumetrically would be to reduce the incentive for customers to 
peak shave and at the same time to increase the risk of revenue 
recovery for the utility. This seems to further illustrate that 
there are incentives for the utilities and their customers to 
negotiate rate structures which reconcile each group"s particular 
needs. 

4 .. Y'olv:m~tric Rate 
This was an issue which generated tremendous controversy" 

The utilities strongly support a small volumetric rate accompanied 
. by large demand charges. The large noncore customers (CMA) and ORA 
... are equally vociferous in support of having a greater proportion of 

costs recovered in the volumetric rate. 
was really generated by a ORA proposal. 

In f""ct,. the controversy 

The ORA proposal is to include the following items in the 
volumetric rate: 

1. CAM/GAC balancing account amortization 
surch~rCJe. 

2. Transition costs. 

3. Return on equity and associated taxes. 

4. 50% o·f A&G expenses related to sales. 

5. Franchise fees and uncolleetibles expenses. 

6. Lost and unaccounted for gas (LUAF) and 
fuel use (shrinkage) • 

.. 
ORA is not opposed to moving the first item (CAM/GAC balancing 
account surcharge) to a demand charCJe. ORA recognizes that the 
higher the volumetric rate, the more difficult it will be for the 
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utility to market the sas. This difficulty in market ins sas wou~d 
~e shared with the upstream pipelines and producers. Thus~ 

according to the ORA, with a high volumetric rate there would be an 
incentive tor the utilities, pipelines, and producers to minimize 
the costs assigned to that rate. 

The customers generally support the position of ORA, but 
with a different motive. The customers attempt first to focus the 
argument on the cost characteristics of the items in question. CMA 
argues that most of the cost items are Ncommodity-relatedN and 
therefore should be collected in the volumetric rate. Their second 
argument is that the presence of high demand charges wil~ place gas 
at a competitive disadvantage to other fuels. Therefore, the 
higher the demand Charge, the less marketable gas will be. CMA is 
also of the opinion that the utility must be at· risk for the 
recovery of these costs in order to create an incentive for the 
utility both to minimize them and to negotiate with customers in a 
meaningful way. 

The utilities, on the other hand, also" focus on the cost 
characteristics of the items by arguing that.only variaQle costs 
should be recovered in variable (volumetric) charges. Similarly, 
fixed costs should be recovered in fixed (demand) charges. Failure 
to do so will result in false price signals and incorreet fuel 
choices. Secondly, the utilities cite language in 0.86-l2-0l0 to 
the effect that, except for ROE and associated taxes, no other non~ 
variable items should be included in the variable volumetric rate. 

The ALJ proposed to adopt the ORA's position, arguing 
that the increased risk to the utilities due to a high volumetric 
rate could be shared with upstream participants in the gas flow. 
He also cited a high volumetric rate as an incentive for the 
utilities to negotiate the structure and level of rates with 
noncore customers. Although we share the ALJ's perspective on the 
benefits of recovering some fixed costs in the volumetric rate, we 
also feel that we must temper how far we carry this view. We do . 
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not wish completely to lose si~ht ot the underlyin~ nature 
of the cost items we are assigning. We are also mindful of the 
legal requirement that the utilities have a fair opportunity to 
recover their costs. Generally, we intend to· assign fixed cost 
items to the d~mand charges, and variable cost items to the 
volumetric rate. However, we are persuaded that it the detault 
rates removed virtually all risk from the utility, then the utility 
would be unlikely to negotiate with customers concerning the 
structure and level of rates. Indeed, the utilities have indicated 
in strong terms their reluctance to negotiate. The one significant 
fixed cost item which we do assign, as an incentive to negotiate 
and to minimize costs, to the volumetric rate -- sot of A&G costs -
- is one over which the utilities have direct control. This 
follows the principle we have used in deciding the ratemaking 
treatment of transition costs: demand charge treatxnent for costs 
that are fixed and beyond the utility'S control, volumetric 
treatment for those over which the company has influence. Thus, 
for noncore, nonUEG, retail rates, we will assign the following 
cost items to the volumteric rate: 

1. Company use and LUAF (shrinkage). 

2. Franchise fees, the CPOC fee, and 
uncolle<:tibles. 

3. Return on equity and associated taxes. 

4. sot of A&G expenses related to sales. 

s. Transition cost items assigned to the 
volumetric rate, as adopted in Section II.A.3. 

D. $;tart Date f:or Demand Charges calculation 
This was an issue because PG&E and other parties continue 

to recommend that the start date for calculating demand charges be 
the date that service starts under the new rates as opposed to a 
historical period. We clarified our previous decisions on this 
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point as late as July of this year, in D.87-07-044. The parties 
have presented us with nothing more than policy arguments and 
nothing that persuades us to change the position adopted in 
0.87-07-044, which was: 

~The demand charge calculations for both the 01 
and 02 demand charges for default customers 
after the implementation date will not include 
usage occurring before the implementation date 
under schedules that contain no demand 
charges." 

However, one other point requires comment. PG&E 
continues to show a misunderstanding of their negotiating 
flexibility under this program in the following statement from 
their brief: 

~Howevcr, the cornmis,sion should understand that 
any negotiated modification to a ratchet 
already incorporated in the rate design would 
result in a revenue loss t~ the utility.~ 

PG&E seems to assume that any modification of the rate structure 
will result in a revenue shortfall. In fact, the utility and the 
customer are free to negotiate any rate level and structure on 
which they can mutually agree, including specific rate components 
that are higher than the corresponding components in the default 
structure. The default rates are designed tc be available to 
customers that can not successfUlly come to terms with the utility. 

VII. UEG Rate DQsign 

The UEG customer class is unique amonq the gas utility 
customer classes. The UEG class is such a large portion of total 
demand for gas that a ripple in the electric fuel mix decisions can 
be a tidal wave for the gas utilities. The lack of diversity in 
the UEG class may very well justify a aifferent rate treatment than 
for the other noncore inaustrial customers. During the course of 
this proceeding, several issues arose around the UEG rates. The 
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most sensitive of these are the strueture of the demand charqes and 
the construction ot the volumetric rate component. 
A. )1EG Rate Struct'+e 

1. ~aDd ;Rate structv.xe 
The issue here is whether the UEG customer should have 

the Ol-D2 structure based on historical usage, or a :fixed demand. 
charqe based on forecasted annual usaqe. Because of the possible 
underrecovery of revenues it ratchetted 01-02 demand charqes are 
based on historical usaqe, t e qas utilities are united in their 
position that the demand charqe should be on an annual forecasted 
basis. This position is also supported by TURN, which envisions 
major powerplant dispatching problems with a rate structure similar 
to the one adopted for other noncOre customers. 

ORA favors a ~ate structure identical to, its proposal for 
other noncore customers. SCE favors the ORA proposal; it sees no 
need to treat trEe; customers differently f:t'om other noncore 
customers. The ORA prcpcsal is based on the same foundation as its 
proposal for other noncore users; i.e." qreater risk is placed on 
the qas utility in order to create cost reduction incentives. 

scopp is a UEG customer with a different view. It tavors 
the forecasted fixed annual demand charqe because it allows a 
greater degree of certainty for both the gas utility and the 'O'EG 
customer. 

We will adopt the fixed, forecast annual demand charge 
tor the UEe; customer class, because of the risks associated with 
the lack of diversity in this class. Also, this form of the rate 
will allow more rational fuel mix decisions for the trEG customers. 
This annual rate will be collected monthly in proportion to 
forecast monthly sales to the trEe; customer class. 

2. :gEe Volumetric Rate 
It is this component of the rate that causes the gas 

utility the most concern. The basic arguments concerning what cost 
items to place in the volumetric component of the OEG rate are the 
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same as the arguments made concerning this issue for other noncore 
customers, as discussed earlier. ~he bottom line is risk 
incurrence: the higher the proportion of costs included in the 
volumetric charge, then the higher the risk assumed by the utility. 
As revenue recovery is shifted from the volumetric rate to, the 
demand charges, ri$k will be shifted fro~ the utility to its 
customers. D.86-12-009 provided that the volUl'lletrie rate would 
include: 

1. Fuel use. 
2. Line losses. 
3. Franchise fees. 
4. Return on Equity (ROE) and associated taxes. 

In 0.87-02-029, in response to a request by PG&E, we revisited this 
issue as it applies to UEG customers. In that decision we excluded 
ROE and associated taxes from the transmission volumetric rate for 
combinatiolj utiliti~ .. In a subsequent decision (D.S7-05-046), 
responding to a plea trom SoCal Gas, we modified the rate structure 
for SoCal. The modification was to transfer 75% of the ROE and 
as~ociated taxes trom the volumetric to the demand charge portion 
of its u:EG rate. 

In this proceeding, ORA was generally supported by 
SoCal's UEG customers in proposing transfer of several cost items 
from the demand charge back to the vol\Unetric rate. As with its 
position on the volumetric rate'for other noncore customers, the 
ORA's reasoning emphasizes risk placement and the creation of 
incentives rather than cost characteristics. In addition, there 
are new classifications of costs, such as transition costs, that we 
have not reviewed in prior orders. . 

We will modify slightly our prior orders concerning which 
cost items to place in the UEG volUl'lletric rate. In this proceeding 
we have taken a much closer look at· the utilities' detailed cost 
structures. We have also defined, calculated, and provided for the 
recovery of transition costs, a cost category that was a 
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si~ificant unkno~~ at the time of our prior orders. The bulk ot 
current transition costs will be placed in amortizatioh accounts 
and recovered in demand charges. The resolution of this major 
issue makes it an appropriate time, in our view, to make some 
"fine-tuninc;r" adjustments in the amount of risk we have placed on 
the utilities. As we have discussed previously~ we concur with the 
DRA, CMA, and others that placing some significant fixed cost items 
in the noncore volumetric rates can create the proper incentives 
for the utilities, both to' minimize costs and to negotiate 
meaninc;rfully with customers. However, we have noted that these 
incentives are fair to the utility only if the fixed costs placed 
in the volumetric rate are those over which the company has some 
control. For this reason we placed 50% of the A&G costs into the 
volumetric rate for P2B and industrial noncore customers. We will 
modify our prior orders to also place this cost item in the UEG 

volumetric rate. We have also assigned several transition costs to 
the volumetric rate; these will be included in all noncore 
volumetric rates, including OEG rates. We will not modify our 
prior treatment of ROE and taxes in UEG rates. This treatment 
adequately recognizes the difference between combination and gas
only utilities, and reflects, when co~pared with the volumetric 
rate for other noncore users, the greater volatility ofUEG sales. 
Thus, the UEG volumetric rate will include: 

B • 

1. 25% ot ROE and taxes for SoCal only. 

2. 50% of A&G expenses related to- sales.~ 

3. Variable costs (shrinkage, CPOC fee, franchise 
fees, and uncollectibles). 

4. Transition eost items placed in the volumetrie 
rate, as adopted in Section II.A.3. 
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SQCal prQPQsed an *overrun rate*. The concept is that 
there is a possibility that forecast UEG aemana can nave a wide 
variation from actual demand& SoCal proposed a special rate 
whenever actual takes exceed 110% o·f fQrecasted takes. No other 
parties supported this concept. This seems like an ideal subject 
for negotiation, just as does the possibility of a tiered UEG rate. 
We will not mandate this overrun rate as a part of the default rate 
at this time. We want to gain some experience with our new 
structure before mandating such detailed rates in the default rate 
structure. 
c. Cogeneration ~horttal1 

This item will be resolved in a following section on 
cogeneration rates. In that section we will discuss the 
cogeneration rates and allocation of any resulting shortfall. 
o. Igniter FUel Status 

Only PG&E raised this as an issue. Its recommendatiQn is 
that this type of fuel, currently classified as P2A, be classified 
as core for transportation. This usage fits our basic definitiQn 
of core service - no alternate fuel capability - and will be 
classified as core service. 

VIII. Cogeneration Rates 

there were essentially two different PQints of view 
regarding cogeneration rates in this proceeding. The first is 
represented by PG&E and SOG&E: the second by SOCal and ORA. The 
first proPQsal by PG&E maintains a separate cogeneration class ahd 
attempts to implement a Hsimilar terms ana conaitionsH rate parity· 
mechanism. One key to this mechanism is a distribution-level 
adder: that is, cogenerators taking service at the distribution 
level would pay an additional charge to bring the ~ate up to· the 
UEG rate at the transmission level. Basically, the PG&E/SOG&E 
approach is a more detailed look at the rate parity concept. PG&E 
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would only allow core coqenerators to receive service at their 
core-equivalent margin rate. 

The ORA proposal is a more simplified approaeh. The 
proposal is that for each eustomer the utility would caleulate the 
bill under both the otherwise applicable industrial rates and a UEG 
average rate. The customer would pay the lower of the two bills. 
The UEG average rate would be the total fixed and vari~le charges 
charged to the UEG customers in a given month, divided by total 
usage during the same month. This total average rate would then be 
available to the cogeneration customers. There would necessarily 
be a true-up period of 60 days. 

~he SOCal proposal is somewhat similar. It would in 
essence ~roll in~ cogeneration customers into the UEG class. SoCal 
proposes to convert the fixed UEG demand charge to a cents-per
therm figure by dividing by !oreeast UEG volumes. The resulting 
rate would be charged as a demand charge to, cogeneration customers 
based on the 36-month historical average consumption of the 
individual cogeneration customer. SoCal would charge cogeneration 
customers the same volumetric transmission rate as charged t~ UEG 
customers. Transmission rates charged to all cogeneration 
customers would be the same. For procurement, noncore cogeneration 
customers would have the same options as UEG customers and core 
cogeneration customers would have the same options as core UEG 
usage. 

Several of the cogeneration customers support both the ORA 
and SoCal proposals. In deciding which approach to adopt we are 
mindful of our statutory obligation to ~establish rates for gas 
which is utilized in cogeneration technology projects not higher 
than the rates established tor gas utilized as a tuel by an 
electric plant in the generation of electri~ity.~ CP.U. Code 
Section 454.4). Section 454.4 clarifies that the cogeneration 
parity rate applies only to that amount of gas which would be 
required to produce an equivalent amount of eleetricity. In the 

.. 
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past, we have implemented P.U. Code section 454.5 by setting 
cogeneration gas rates at parity with average OEC rates. Moreover, 
we have treated all cogeneration customers equally, making no 
distinction based upon the costs to the utility to- serve different 
size cogeneration projects because there is no provision in the 
statute for such discrimination. 

We find that the ORA approach best meets the statutory 
requirement for rate parity. It is simple, understandable, fairly 
easy to implement, and we will use it in part as a model to- guide 
our adopted approach for setting cogeneration rates. Because we 
maXe some changes to the ALJ's proposed decision, we will clarify 
our adopted approach. 

For transmission service, the utility will calculate two 
bills for each cogeneration customer, one applying the average UEG 
rate and one applying the otherwise applicable industrial rate. 
~he customer will pay the lower of the two bills. The average UEG 
rate would be the total fixed and variable charges charged to the 
UEG customers in a given month, divided by total usage during the 
same month. The total average rate would then be available to the 
cogeneration customers. There will necessarily be a true-up period' 
of 60 days. 

For procurement service, cogenerators will face the same 
procurement o~tions available to all customers. Noncore 
cogeneration customers will have the same procurement options as 
noncore UEG customers. Core cogenerators will have the same 
options as UEG core usage and, to the extent such customers qualify 
under the conditions established by this order"to elect noncore 
procurement service, will have the ability to· sel~ct the full range 
of noncore procurement options. 

We.find that by adopting this structure for cogeneration 
rates we continue to meet our statutory obligation under P.U. Sect. 
454.4 to set cogeneration rates at parity with UEG. For 
transmission service, cogenerators will have the option of paying a 
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trued-up UEG transmission rate or their otherwise applicable rate. 
In addition, whenever cogenerators choose to buy gas from the 
noncore portfolio or choose core-elect service they will face the 
same cost ot gas (either the noncore or eore portfolio WACOG) as 
OEG customers making the same procurement choice. Therefore, 
cogenerators will receive rate parity with UEG customers whenever 
they buy gas trom the utility. 

Only when c0generators or UEG customers exercise their 
noncore procurement option to buy gas independently of the 
requlated utility service will the Commission be unable t~ 
guarantee procurement rate parity. Unlike transmission service, we 
will not adopt a true-up mechanism for procurement costs. ~he 

industry structure model which guides this rate implementation 
decision holds that, with the exception of the noncore portfolio 
and our approval of a core-election mechanism, noncore procurement 
service choices and costs are transactions no longer to be 
regulated by this Commission. Cogeneration customers face the same 
procurement options as UEG customers and are free to· contract as 
they wish for gas supply. We do not adopt a true-up mechanism for 
procurement costs because we decline to establish rates tor a 
service which we will no longer regulate. 

For all customers paying an equivalent priority charge, 
cogeneration customers will remain at the P3A priority level. 
Other customes may gain a higher level of transmission priority by 
paying a higher priority charge. Similarly, cogeneration customers 
can bid up their service level by paying a higher priority charge. 

Finally, we will adopt the SoCal proposal to move 
cogeneration customers into one UEG/Cogen customer class. The 
result of this is that there is no Ncogeneration shortfallN• One 
ot the problems associatea with this result is that a single 
customer will have usage in two customer classes. This may present 
problems for future cost allocation studies. However, we are 
confident that the utilities can overcome these problems • 
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IX. Wholesale Rate Qesign 

For wholesale customers, we expect that there will ~e a 
rate negotiated between the utility and the customer. In our prior 
decisions, we did not specify a ratedesiqn tor wholesale customers 
because ot our strong belief that the rates would be negotiated. 
Quite frankly, we had in mind that the· existing arrangement between 
Socal and SDG&E would continue, and would serve as the model for 
other wholesale rate structures. 

However, virtually all the affected parties desired a 
default rate structure. The major concern is that the primary 
utility will not negotiate in good taith or come to terms in a 
timely tashion. There was no controversy over whether the default 
rates should be set at 100% of the embedded cost. We will adopt 
that particular guideline for wholesale customers as we have done 
for all other noncore customers. We will also extend to wholesale 
customers the same treatment that we attorded UEG customers with 
respe~t to the demand charge. That is, the demand charge will be 
set based on forecast sales and paid monthly in proportion ~o 
forecast monthly sales. 

The real controversy once again is the level ot the 
volumetric rate. The general consensus is that the wholesale 
volumetric rate should be very low and should bear some relation to 
the UEG volumetric rate. We agree. Of course, the volumetric rate 
will include the variable costs applicable tOe wholesale customers 
(shrinkaqe and franchise fees). Concerning the fixed costs in this 
rate, the Socal proposal tha~ 95% of the fixed costs should be 
included in demand charges is a-good starting point. However, our 
inclusion of some fixed and transition costs in the noncore 
volumetric rate will result in a UEG volumetric rate higher than 
antieipated by the gas utilities. We will not speeify which fixed 
eosts will be included in the wholesale volumetric rate, but will 
instead provide that the fixed costs assigned to this rate must be 
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within a range. The top end of this range will determine the 
default wholesale volumetric rate~ the default rate will include 
the fixed costs assigned to the 'OEG volumetric rate (25% of ROE and 
taxes tor SoCal, 50% of A&G, and the adopted volumetric t~ansition 
costs). The ~ottom of the range is defined as 5% of all costs 
assiqned to the wholesale eustomer, except vari~le costs. Since 
the presence of ~alances in the wholesale balancing accounts could 
theoretically result in negative VOlumetric charges, we will 
mandate that these ~alances be cleared with a one-time lum~ sum 
payment. 

x. HoD-Rate RelSlted :r~ms 

While the focus of this proceeding was on establishing a 
revenue requirement and default rates, there was also a host of 
non-rate related items, many of which will be considered in the 
gas procurement 1.S7-03-036. The specific items deferred from this 
proceeding deal with the operation of storage--level of service, 
load balancing parameters--and out of area brokerage fees. 
A. Wholesale Pr9£Prement Ilexibility 

Palo Alto proposed that the wholesale customers be 
allowed wide latitude in electing into core procurement and also in 
renominating or changing their nominations. Designating load 
election actually involves both transportation ana procurement. 
Palo Alto agrees that if adjustments in its transportation 
nominations require additional facilities, then the wholesale . 
customer could be required to· give adequate advance notice. Also, 
palo Alto agrees that its proposed latitude in nominating load into 
the core·be restricted to p~, PZA and P2Bpriorities. 

Since there is such a larqe amount of aqreement on these 
issues, we favor a more hands-o·!f approaCh. The parties. have 
historically concluded suceessful negotiations on subjects with the 
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same degree of complexity. We will allow this practice to continue 
with only a general guideline. The guideline is that if wholesale 
customers designate less than their high priority load as core 
procurement, then they must provide at least a one-year notice to 
shift this high priority load back into the core portfolio·. 'As 
TORN reminded us in its comments, such shifts will be subject to 
the portfolio switching policies adopted in Do. S.6-l2-009 and D. 86-
l2-0l0~ We will allow the parties to negotiate such things as 
adjustments, growth, and prorations. For tr~nsportation 
designation, we will adopt the rule proposed by Palo 'Alto. We will 
let the parties negotiate concerning the true length of time to 
construct required new facilities. 
B. Termination Fees to~Core Elect 

This issue CQncerns the cost that ~9ht be imposed on 
core customers if core elect customers take less gas than their 
contracts specify. The termination fees will be based on forecasts 
of these costs. TORN wants us to determine who will pay if the 
actual additional costs vary from the forecast. We will not decide 
this issue, which was raised only by TORN, because at this time it 
is too premature and too speculative to either specify a method to 
quantify the potential discrepancy, or to decide who should bear 
it. We have zero knowledge at this time of what might cause such a 
discrepancy. Clearly, it is still our intent that the customers 
who contract for core elect service must be responsible for the 
excess costs which they may impose if they fail to meet the terms 
of that aqreement. The utilities will bear a heaVy burden in 
justifying the shift in such costs to other ratepayers. 
C. lfpncore WA'C9G 1rue-u:Q 

This issue arises because the utilities will charge the 
price of spot gas for noncore procurement. The utility must post 
this price in advance but will not know the month's actual spot 
price until sometime later. It appears that there was agreement 
among the parties that the utilities coul~ track the adjustments 
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and .include them in the next forecast postinq. With frequent 
postinq and fairly qood forecastinq. the adjustments should never be 
larqe. The critical issue from the customers' and competitors' 
points of view is that the adjustments should not be applied 
retroactively for past usaqe. 
o. E9R...Rcvenues 

All parties generally aqree that 0.87-05-046 settled the 
issue that EOR revenues will be given balancing account treatment. 
The revenues will be forecast, allocated and then trued-up with a 
balancinq account. 

PG&E was unsure of the treatment for short-term EO~ 
contracts siqned before December 3, 1987. These revenues should be 
handled in the same manner as all other EOR revenues. Also, PG&E 
is correct in its interpretation that procurement revenues, 
interutility costs, and short-term variable costs are not included 
in the revenue sharinq provieee by the EOR balancinq account. 
E. Eipel iDe Demi!\nd Charges 

Because pipeline demand charges are to receive special 
treatment for allocation p'llrposes, which will produce a relatively 
flat allocation factor, and because these charges may become more 
difficult to forecast in the future, the utilities propose that 
they be afforded balancing account treatment. SoCal recommends 
that they be included in its proposed balancing account for 
transition costs. 

We disaqree. If the utilities feel that they bear 
excessive risk due to, the heavy allocation of pipeline demand 
charges to the noncore market, the best solution from our 
perspective would be for the utilities to work out an arrangement 
whereby they could assiqn a portion of their firm. interstate 
capacity, with its attendant costs, to noncore customers. There 
are clearly many industrial, UEG, and wholesale customers who· are 
very interested in pursuing such an arrangement. Although there 
are currently barriers at the federal level to such broke ring of 
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capacity, we have pledged to work to facilitate such an 
arrangement, in the ongoing I. 86-03-036. With respect to the 
problem of forecasting pipeline demand charges, O. 86-12-010 (pp. 
148-150) has already provided for a tracking account which will 
reconcile forecasted and actual pipeline demand charges. We will 
not adopt any further guarantees for the recovery of these costs. 
F. Rate piscountin~at-the NBSA Limits 

This issue was primarily argued by TURN. Tho TURN 
position is that the utility should be prohibited from any rate 
discounting if the NRSA limits are reached., It bases its argument 
on the concept that utility rate tlexibility is inconsistent with 
balancing account treatment. TORN notes that after the NRSA limits 
are reached, the discounts would be made with ratepayer funds. 
SoCal argues that if the NRSA limits are reached, then an immediate 
expedited proceeding would be required to correct rate design 

problems. 
We tend to agree with the SoCal argument and will decline 

to resolve this issue at this time. It the NRSA limits are 
reaChed, we would be willing to re-examine at this issue. 
G. Linc Extcnsjon Allowances 

The utilities currently calculate a free footage line 
extension allowance based on total revenues. PG&E proposes to 
exclude procurement revenues from the calculation. SoCal is 
opposed, based on a legal argument that procedural requirements to 
change these allowances found in Code Section 783(b) have not been 
satiSfied. We will not adopt PG&E's proposed change. 
H. 'Demand Chames - Fox:c:~ Haj eure 

CMA spent considerable time arguing for relief from 
customer and demand charges when a customer's gas requirements are 
reduced due to a force majeure condition. A great portion of this 
effort was an attempt to have the definition of torce majeure 
expanded or otherwise altered to include reduced takes due to 
planned maintenance and similar outages, even crop failure • 

- 91 -



• 

• 

. . 
I.86-06-005 et al. RTB/cqm ALT-COM-OV 

The utilities understandably argue for a narrow 
definition. Also, they oppose forgiving demand charges due to 
planned maintenance and similar circumstances. 

The default rates are designed to apply to a wide range 
'of circumstances, and in our judgement should not include a 
detailed declaratory judgement of all circumstances that could . 
arise under a force majeure exception. We ~ote that if a customer 
has particular needs or circumstances then the special conditions 
of service should be ripe for negotiation. We also think that the 
torce majeure conditions in the utilities' existing long-term 
contracts represent appropriate conditions for the defailt 
contracts. As CMA notes, demand charges have essentially replaced 
the take-or-pay provisions in those contracts. The torce majeure 
conditions in those contracts were the result of extensive 
discussion among the parties to I. 84-04-079, both before and after 
O. 85-12-102. We al~o see no reason to modify the 30-day notice 
requirement for scheduled maintenance shutdowns, which was adopted 
unopposed in O. 86-12-010 • 

I. Qne=Xear ObI igation tor Demand Charges 
0.86-12-009 was clear in providing that the noncore 

default customers would be obligated for demand charges for a one 
year period. The remaining issue is whether customers taking no 
gas on the Nimplementation dateN should also incur demand charges 
for a one-year period based on historical usage. As a matter of 
policy, given the notice we provided in O. 86-12-009, we believe 

I 

that it is fair to adopt ~e following approach: customers not 
taking ~as for the year prior to the implementation date will not 
incur demand charges until they begin to take gas. 
J . Meter l,ggregatism 

This issue concerns whether a customer with multiple 
meters or delivery points should be able to to have them agqregated 
into one for purposes or" rate administration. In 0.86-12-010, we 
allowed certain aggregation of services through multiple meters on 
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one'facility and requested further discussion of the definition of 
facility. The issue is substantially effected by our definition of 
core/noncore service. 

The utilities have long standing definitions of what 
constitutes a tacility. oes proposes a more liberal definition so 
as to allo~ further aggregation to expand the options of customers 
with multiple service points to places that are in close proximity 
to one another and owned or controlled by the same party. The 
utilities propose to retain their existing definitions. DRA 
qenerally opposes the Des proposal also. 

We believe that'there should be some experience gained 
under the new system -- particularly ~ith the new customer class 
definitions -- before re-examining the utilities' long-standing 
definitions of what constitutes a facility. We will not adopt the 
DeS proposal. 

XI. IDQ,sting Long-Term Contracts 

We have previously approved a number of long-term 
contracts tor gas transmission that were not based on our new qas 
industry structure. Several questions have arisen concerning the 
treatment customers holding these contracts should receive 
following implementation of this decision. We will now resolve 
these issues. 

U.S. Borax raised two issues related to the changes made 
by the new program and their effect on eXisting long-term 
contracts. The first concerns the priority level within the 
existing contracts after the implementation of our new priority 
system. The other concerns the allocation of transition costs to 
customers operating under long-term contracts. Our discussion 
below will Center around the presentation of U.S·. Borax although we 
realize that the outcome of our decision will effect all other 
similarly situated cUstomers • 
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We will also make one final modification in the structure of the 
default USG rate, to address further the risks which the gas 
utilities face from potential swinqs in UZG sales. We will mandate 
that the default UEG volumetric rate be structured as a two-tiered 
rate, just as thc. current SoCal UEG tariff is structured. The 
lower Tier II rate will contain all of the above co~t items, except 
that we will put only one-half of the A&G cost item (that is, one
hal! of the noncore portion of the 50% of A&G costs which we have 
allocated on ~~e basis of annual throuqhput) into the Tier II rate. 
The remaininq one-half of the A&G costs assigned to the UEG 
volumetric rate will be recovered in the Tier I volumetric rate. 
The size of the tiers should follow the current tariff. We note 
that for SOCal this results in a Tier II rate of $0.15 per MMBtu, 
which is exactly the current Tier II rate and the Tier II rate 
recommended by Edison in this case. We feel that such a default 
rate structure has several advantages. It will keep the UEG 
incremental qas cost low, to increase the competitive~ess of qas 
with respect to other fuel sources for electric generation. It 
will reduce the utilities' risk from swings in UEG usage. Yet it 
will also keep enough costs in the UEG volumetric rate to pr~vide a 
meaninqful incentive for equitable negotiations: we note that the 
current tariff was essentially the result of neqotiations between 
SoCal and Edison, and appears to havo functioned well for the past 
18 months. 
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A. Exiority Level 
U.S. Borax entered into a long-term transportation 

agreement with PG&E in August 1~86. The contract relied on our 
existing priority scheme at the time which covered both 
transportation and supply in a bundled manner as shown in the 
following quote: 

"'The assigned priority shall be the same as the 
Priority which the customer would receive under 
the customer's otherwise applicable rate 
schedule.'" 

In our prior decisions, we indicated that we would not disturb the 
existing contracts. The question now before us is that ~lthough we 
do not mandate a change in the current contracts, does our changing 
the priority scheme indirectly effect the contracts to a greater 
extent than desirable? In contrast to the proposed decision which 
~ased its treatment of existing long-te~ transportation contracts 
on equity concerns, we find u.s. Borax's arguments persuasive. 

u.s. Borax proposes that we "'grandfather in'" the priority 
scheme at the time so that customers with long term contracts can' 
enjoy the same degree of security without paying a separate 
"'priority eharge"'. 'U.s. Borax contends :by paying a bundled GC-2 
transportation rate, it is paying an unquantified portion for an 
embedded capacity priority. The speeific mechanism is to qive all 
cus~omers with existing long-term contracts: 

"'a capacity priority that is higher than the 
priority of : (1) any customer electing to pay 
a priority charge that nevertheless pays a 
lower overall transmission rate; and (2) any 
default customer or any other noncore customer 
that does not pay a priority charge.'" 

This proposal would place the long-term contract customers just 
ahead or equal to default customers not paying a priority charge 
even though the default rate is likely to be much higher than the 
lon~-term transport customer's rate. Also, this proposal would 
likely place long-term transport priority ahead of other so-called 
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Hincremental N customers (tOR). The lonq-term customer would likely 
be ahead of default customers that pay no priority charge and other 
customers that pay a total rate (transport + priority charge) less 
than the long-term contract rate (3.5 cents per therm for example). 

Another proposal was put forth by CMA: however, it was 
made in light of its own priority s,cheme. Basically,. it would 
provide that the long-term contract customers would be placed at 
the same priority level with other default customers. The 
curtailment scheme would then be governed by the existing end,use 
supply c,urtailment scheme. Incremental customers with a lower 
transport rate could bid ahead of the long-term contract customers 
with a small priority charge. Thus the incremental customer could 
have a higher priority while still payinq a lower overall 
(transport + priority) rate. 

By giving existing long-term transport customers the same 
priority as default customers, the proposed decision essentially 
rejects U.S. Borax's argument ~at its bundled transportation rate 
includes a real, though unquantified, charge for priority • 
Although we find the question of whether U.S. Borax is paying a 
portion of their bundled transport rate as a premium for capacity 
somewhat ambiguous, we will resolve this ambiguity in favor of 
existing long-term tra~sportation customers. 

We are persuaded that u.s. Borax relied on the 
contractual provision found in the GC-2 tariff stating that the 
contract would not be subject to modification in entering into a 
long-term transportation agreement with PG&E in August, 1986. U.S. 
Borax also refers to our initial decision a~opting long-term 
transport ion in December, 19$5, where we sta.ted that tuture 
modifications to the program will not affeet the terms and 
conditions of the contra.cts. It is our intent today, as it was in 
December, 1985, to qive contracting parties the benefits of their 
bargain. In this regard, we are especially sensitive to the 
concerns of those whc signed u~ un~er the original five year 
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transportation contracts. Accord.inqly, we will ao.opt u.s. Borax'S 
proposal and grant all customers with existing long-term contracts 
a capacity priority higher than the priority of: (1) any customer 
electing to pay a priority charge that nevertheless pays a lower 
overall transmission rate~ and (2) any default customer or any 
other noncore eusto~er that o.oes not pay a priority charge. 

conversely, any customer paying a priority charge under 
the priority biddinq mechanism that pays a hiqher overall 
transmission rate than an existing long-term transport customer 
would have hiqher priority than that existinq long-term transport 
customer. In this case, existinq long-term transport customers 
have the option to voluntarily ensure their level of priority ~y 
payinq an additional priority charge. 
B. XGnsition Q,larses 

The same type of argument is made regardinq the 
imposition of transition charqes. That is, any additional eharges 
not envisioned in the original contracts cannot ~e impose~ at this 
time. We will again not get into an analysiS of the contracts in 
detail, ~ut will attempt to place these customers in the same 
position as if we had not adopted this new regulatory program tor 
the initial term of their contracts. What they do not pay in 
transition charges will be consid.ered part of the revenue shortfall. 
allocated to all other customers on an equal cents per therm basis. 

XII. ImRlem~~ation ~rategy 

This opinion up to this point has developed the reVenue 
requirement, allocated the requirement to the classes, and 
calculated rates. The rates that are contained in this decision 
are illustrative at this point in time.. We recognize for instance 
that several events are imminent which could have an effect on the 
rates contained in this decision. There are underway several 
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proceedings that are going to have an effect on the revenue 
requirement ot the utilities involved in this case. 

In addition to the above, several other factors lead us 
to consider how we might implement the new program with the least 
amount of abrupt sudden changes as possible. Several of ~~e 
industrial customers, most notably the CMA, have requested that 
there be a lengthy amount of time to prepare and negotiate 
contracts with the utilities. Core customers require a degree of 
rate stability. Changing core rates during a period of peak usage 
-- winter -- produces si~ls that are exaggerated. The baseline 

season ch~nge$ on May l of each year. 

Based on the above considerations it is reasonable to 
implement new rates on May 1, 1988. In order to put new rates into 
effect on May 1, 1988 and give noncore customers adequate advance 
notice, we will adopt illustrative rates that would be effective 
May ~, 1988 and provide for a formula as to how the rates will be 
calculated that are actually to be placed into effect on May 1, , 
1988. 

As stated before, the rates contained herein are 
illustrative. The ~ differences between the rates adopted 
herein and the ones to go into effect on May 1, 1988 are that the 
rates to go into May 1, 1988, will recognize the following: 

1. Revised revenue requirements adopted in 
proceedings that are curre~tly underway and 
which will be completed (decision date) 
before January 1, 1988. 

2. The balancing account estimates for May 1, 
1988 Dased on recorded information as of 
December 31, 1987. 

The process is that the utilities will make advice letter 
filings no later that February l, 1988, which recognize the above 
changes. The rates contained in the advice letters should go into 
effect May 1, 19S8. ~he consolidated balancing accounts will be 
maintained until the Himplementation dateN which is May l, 1988 • 
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~on this date the Neut-overN will take place i.e., the portfolios 
will be split and the balancinq account balances will be assigned 
to the classes as provided in this order. 

~ 

Thus, it should be clear that rates will not change until 
May l, 1988. The effects of any revenue requirement chanqes that 
take place before the implementation date will De flowed into the 
consolidated Dalancing accounts. 

ORDER 

IT IS ORDERED that: 
l. The three respondent utilities to this proceedinq, 

Pacific Gas and Electric Company, Southern california Gas Company, 
and San Diego Gas and Electric company, shall file the following 
consistent with the intent of this decision: 

a. Proposed cost allocations. 
D. New Dalancinq account balances. 
c. New rate schedu~ . ~,.._'V" 

2. The above filinqs~ ma~made in the form. of advice 
l~tters. The filings shall be" made in time to allow the rates to 
go into place on May l, 1988. 

3. All petitions for modification or rehearing not yet acted 
upon and ~o the extent not granted or denied in this order are 
denied. 

4. All motions not previously address are denied. 
This order is effective today. 
Dated. DEC 91987 , at San Francisco, California. 

I wl,ll f~le a wr~tten concurrance. 
Frederlck R. Ouda 

,"" .... -
/ 

We wll1 flle a wrltten concurrance. 
, John:8. Ohan31n, G. Mltchell Wl.lk. 

COmm1.SSl0ners 

a-··- .. ~·--~ -, .. -- -- -- --- -.- _._.- .-.-" --- .. --...... -----. --.. ----------_ ..... 
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We support today's decision because we believe it moves 
us along a path to achieve our goal for regulating the gas 
industry in California. As we see it, that goal is to use our 
authority to set reasonable utility rates and conditions or 
service to promote the competitive viability of the noncore gas 
market while maintaining adequate protections for cu~tomers who 
lack competitive alternatives. We are confident that today's 
implementation decision puts in place a program which is 
ba$ically sound, that the annual cost allocation proceedin~s 
provide sufficient flexibility to modify the program over time as 
we gain experience with the market, and that the NRSA mechanism 
provides the utilities with sufficient revenue protection to 
avoid severe financial harm. 

However, we are concerned that, due to decisions 
reached prior to our participation in the Commission's 
restructuring of the gas industry, this decision is based on 
market assumptions which may jeopardize our overall goal. we 
therefore intend to monitor the success of this program very 
carefully. We wish to make clear our intent to all partiCipants 
that in the future we will not hesitate to revisit the basic 
premises and mechanies of today's orde~, including the adopted 
allocation factors, if we find inadequate progress towards 
achieving the commission's goal. 

~LK" Commissioner -

Decelnber 9, 1987 
San Franciseo, California 
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FREDERICK R. DUDA, Commissioner, concurring. 

I concur with the majority in this case and firmly 
believe that the decision reached will place California 
utilities, end-users, and serving pipelines and producers in a 
sound position to engage in healthy competition. 

I alD., nonetheless, somewhat concerned about the record 
and analysis which support the'allocation factors used in this 
case. Accordingly, I believe the Commission can make more 
informed decisions on revenue allocation and rate design, giVen 
an updated record and more complete marginal cost data. The 
allocation of fixed and variable costs both among customer 
classes and between demand and volumetric charges pose critical 
decisions for the Commission; with a marginal cost (or value) 
basis to guide these allocations the Commission can more 
rationally define how these costs should be allocated. This will 
provide a more sound and rational basis for structuring a 
competitive gas policy framework for california. Moreover, such 
action will strengthen our gas competition plan, improve our 
policies, and provide important underpinnings for our program. 

A specific example of my· concern regards A&G costs. 
While some portion of the A&G costs are allocated on the same 
basis as O&M costs, the other portion of A&G costs are allocated 
on an equal cents per therm (roughly 500-50%) basis. It appears 
that this allocation is not'marginal cost based. I support the 
proposed compromise of Commissioner Vial to provide a two tiered 
'O'EG pricing structure that allocates less A&G expenses to the 
second tier. I also believe the record in this ease leaves 
little basis for understanding how this policy relates to a 
marginal cost based rate design. 
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Furthermore, I believe th~t some amount of less 
expensive gas may not come in to california. Likewise~ some 
amount of more expensive alternative fuels may be used as a 
result o~ allocating ~O% of A&G expenses to the noncor~ 
volumetric rate. This translates to a reduction in gas and 
inter-fuel competition in California; admittedly very difficult 
to quantify. ~et, detining the advantage in bargaining position 
provided to customers (by having a higher volumetric rate and 
greater risk on utilities), and the possibility that customers 
might in fact ne90tiate lower gas rates thereby, is very 
difficult. Judging the risks and benefits of these two 
approaches, it is unclear as to which approach is distinctly more 
advantageous. For these reasons I can embrace the Vial. 
compromise. 

I strongly urge our LOCs to vigorously pursue the 
marginal cost studies we have requested in recent decisions so 
that the Commission, indeed the gas industry, can form a more 
rational policy of revenue allocation, rate design, and 
unbundling of gas related services. This is essential to the 
soundness and success ot the new gas policy framework whieh we 
set forth tor implementation today_ 

~ Frederick R. Du a, Commissioner 

December 9, 1987 

san Francisco, california 
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