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OPINION

Summary
This decision adopts a long-run marginal cost {LRMC)

methddolc‘)gy1 for the three respondent gas utilitiest Pacific Gas
and Electric Company (PG&E); Southern California Gas Company
(SoCal), and San Diego Gas & Eléctric Company (SDG&E). This marks
the first time thé Commission has approved a marginal costing
method for gas utilities. LRMC is a valuable tool for rate design
as well as making efficient capital investment decisions. Marginal
cost information is also useful in evaluating bypass and demand-
side management (DSM) proposals. ,
We move forward with today’s LRMC methodology recognizing,
the evolution of the natural gas markét in California requires that
utilities must charge ratés that more closély approximateé theé
marginal costs of servicé. Customers served by PG&E and SoCal have
substantial opportunities for bypass. We acknowledged the
magnitude of the bypass threat by issuing D.92-11-052 to enable
PG&E and SoCal to use an expedited contract approval process. The
LRMC figures adopted today will be uséd in conjunction with 6ur EAD
process to evaluate requests for non-customer specific contracts,
Today's order does not implement specific rates or
provide unbundled service costs. We will impléement today'’s
policies and establish customer rates in an expedited proceeding
for the three utilities in 1993, As part of that proceeding,
parties are invited to present proposals to further segment
industrial class rates based on seérvice level cost distinctions.
SoCal will have the opportunity to segment its distribution system

1 Long-run marginal cost captures the cost of the addition of new
cost-effective facilities to the system.

-2 -
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into high- and médiuh-pressure ¢omponents similar to PG&E’s local
transmission and distribution system segmentation. If a decision
in the Storage OII (I.87-03-036) authorizes SoCal to unbundle its
storage sexvices, SoCal will be allowed to present a
subfunctionalization of its storage facilitiés combining the
factual findings in the storage proceeding with the methodology
adopted in this decision. Finally, wholesale customers will be
allowed to show that they would bé unfairly harmed by applying
Equal Percentage of Marginal Cost on a total factor basis and that
EPMC for wholésalé customexrs should be done on a4 functional basis.

We will address the issue of de-averaging coré rates in
the next BCAPs for all utilities. This involves separate cost
allocations and class definitions for core residential and corée
non-residential classes, which are currently charged identical
rates. We prefer to review resource planning in géneral rate cases
and LRMC methodologies in cost allocation proceedings.

We adopt measures of demand résponsibility that in our
view best reflect the complexities of cost causation on integrated
utility systems. The demand measurements of cost responsibility
for transmission, storage, and distribution service aré summarized
in Table 1, Section 2.3.6. The illustrative rate effect of the
policies we adopt today is found at Appendix C. Following are a
graphic display of thé marginal cost revénue responsibilities for
PG&E, SoCal and SDG&E:
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1. Background -
This proceeding adopts the first long-run marginal cést
methodology for California gas utilities. Marginal costs are
forward-looking costst they reflect the costs a utility will incur
to meet new demand for its services. LRMC capturés the cost Of néw
facilities as well as the short-term marginal costs of daily
opérating requirements. Our rates today arée based on thé existing,
or embedded, cost of service.
1:1 Industry Restructuring

In 1986 The Commission identifiéd LRMC as a cornerstone
of its gas restructuring agenda to address fundamental changes
taking place in the natural gas industry. The catalyst for change
was at the national lévelt wellhead price deregulation under the
Natural Gas Policy Act followed by Federal Energy Regulatory
Commission (FERC) Order 436 réquiring interstate pipelines to
transport gas to customers in addition to selling their own .
supplies. 1In Transportation of Customer-owned Gas (1986) 20 CPUC2d
628, Decision (D.) 86-03-057, referenced in this proceeding's
caption, we ordered utilities to provide short-term transportation
of customer-purchased gas and proposed t¢ further unbundle gas
services using a marginal-cost based rate design. We quickly
instituted Investigation (I.) 86-06-005 and a companion Rulémaking
(R.) 86-06-006 to provide the forum for unbundling.

We saw a néed in the changing gas world for local
distribution companiés (LDCs) to seéparate their transportation
sexrvice from their sales service for customers able to participate
in competitive gas sales markets. We also recognized our
continuing regulatory obligation to protect the right to reliable
service at just and reasonable rates for customers without
alternatives or sufficient market power.

An extensive record of hearings, comments, and decisions
has implemented unbundled gas utility services over the intervening
six and a half years. A conceptual framework for restructuring was
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sét in D.86-12-009, 22 CPUC2d 444, and implemented in D.87-12-039, ®
. 26 CPUC2d 213. In D.87-12-039, we statedi ' ‘

*Thé first principle of the conceptual approach

to rate design which we adopted in D.86-12-009

is that ’economic efficiency dictates that

. ratés be baséd on marginal cost, not embedded

cost’.... We emphasized that our use of

embedded costs will be temporary, until the

application of marginal cost principlés to

natural gas raté design is further developed."

(Id-; P 225») -

Our commitmént to marginal cost principlées for the gas
utilities built on our familiarity with the use of marginal costs
in developing revenué allocations and rate designs for thé electric
utilities.? We recognize that although there are major
differences betwéen the electric and gas industries, particularly
in thé production area, therée are substantial similarities in the
transmission, distribution, and customer servicé areas. o

LRMC methodology developed through submission of detailed
utility studies, formal review procedures for interested parties,
and Commission-sponsored workshops. We adopted final LRMC
guidelines in D.90-07-055 with the intention of implementing the -
methodology in test year 1992 cost allocation proceedings.
D.90-09-089 deferred marginal cost hearings until after capacity
brokéering issues were considered.

1.2 Hearing Schedule

The scope of this proceeding is sharply defined. The

purpose is to adopt a LRKC methodology for the threé respondent

2 In D.92749, 5 CPUC2d 620, which established our marginal cost
methodology in £981 for electric utilitiés, we found the adopted
methodology had a variety of applications. LRMC serves today as
the basis of electric rate design and is also used to establish
price offerings to nonutility generators and to serve as an
evaluation standard for nongéneration alternatives under DSM

tariffs and incentive programs.
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utilities that can be implementéd {n the utilities’ next Biennial
Cost Allocation Proceéeding (BCAP) filings. Utilities were required
to file a base-case methodology using Commission guidélines'andA'
reconciled to the revenue requirement using electric’s EPMC method.
Several parties sponsoréd alternative methodologies. Téstimony
addressed rate design policy objectives generic to the three
utilities but servicé unbundling and final rate design were not
within the scope of this proceeding.

parties served testimony in stages from February 1 - =
July 2, 1992. Hearings were held in San Francisco from July 7-28,
opéning briefs were filed August 26 and reply briefs Septembér 8.
The sixteen parties participating in the hearing process are listed
at Appendix B. This decision will not repeat all parties’ )
positions on each issue.3 Rather, our focus is a discussion of
the principles relied on in deciding each issue. We acknowledge
the parties’ considerable efforts and cooperative attitude in
creating a comprehensive record in an éxpedited manner.
2, Major Components of Marginal Cost Methodology

Our adopted LRMC methodology is comprised of distinct
components which will be discussed in this section. Illustrative
average rates using the policies adopted here and in following
sections are displayed at Appendix C.
2.1 Resource Planning for Transmission and Storage

While much of the debate in this proceeding has focused
on unit marginal cost calculations and revenue allocation, the
answers to questions raised in those areas depend significantly on
the utilities’ planning processeés. Resource planning defines and
justifies the facilities that a utility will build to meet customer

service requirements.

3 Matrices of parties’ positions on each issue are found in
Exhibits MC-88 and MC-89.
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 Transmission and storage are the focus of the planning
process because they arée *big ticket item®" fnvestments féqﬁiriné a
1ong planning horizon. There can also be morée flexibility in the
size of facilities thé utility chooses to build., As a result, a
utility will design its facilities to be large enough to serve the
peak demand that the utility expects will occur. Determining the
type of demand that requires additional facilities is a key part of
defining the utility's resource plan. Thé otheér part of the
planning process is determining the level of reliability that each
utility’s system should provide.
2.1.1 Utility Planning Criteria
Utility system plannérs éxamine various types of peak
demand to insure that their system provides adequate service.
PGS&E, SoCal, and SDG&E all indicate that a number of different
objectives aré éxamined in planning for the capacity of their
systéms' transmission, storage and distribution facilities. For
example, SoCal examined peak-day demand, summer-day demand and
cold-year demand in trying to determine which load was the cause of
capacity expansion on the systeém. -
While somé partiés have tried to designate a singlée type
of load as the cause of capacity costs, the different portions of
utility systems serve multiple functions. For instance, both PG4E
and SoCal agreé that storage provides protection for peak-day
demand, daily load balancing, and seasonal demand on their systems.
Parties disagreéd about thée importancé of particular
functions, but all admit that multiplé services are provided. PG&E
describes its transmission capacity as providing service on an
adverse peak-day, and insuring that noncore curtailments occur no
moxe than once in 5 years. SDG4E contends that its transmission
system is designed to meet peéak-day gas requirements of core
customers, natural gas vehicle (NGV) refueling stations and 20% of
noncore load., SoCal uses transmission to provide peak-day gas to
core customers, but assumes a certain level of noncompliancé during
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curtailment, and also designs the system to meet a peak summer’
load. Further, Toward Utility Rate Normalization (TURN) contendé
that intrastate transmission investments are actually being made to
enhancé gas-on-gas competition, not to enhance system relfability,
No party has challengéd the Commission’s assumption in
D.90-07-055 that there is a tradeoff betweén transmission and
storage facilities. This again confirms that multiple functions
are served by these facilities.
2.1.2 Ieast-Cost Resourcé Planning
It is not enough for a utility to use just any
combination of resources to meet the needs of customers. An
appropriately planned system meets customers’ needs at the lowest
total cost. When a marginal cost is defined, it is oftén described
- as the cost of an additional unit of goods or services. Implicit
in the description is that it is the cost of the next unit in an
efficient production process. Theré may beé a number of feasible
ways of expanding & utility systém to meet additional customer
load, but marginal cost pricing reflects efficient expansion of the
system. -0
In order to provide a least-cost resource plan, utilities
must clearly identify the objectives they aré attéempting to meet.
PG4E has been the clearest in identifying its objéctivés for .
noncorée transmission servicée. In the future, each of the utilities
will need explicit reliabflity objectives for both core and noncore
customer groups. .
« The utilities should also consider more innovative ways
of meeting resource needs. Quéstions from thée Administrative Law
Judge (ALJ), and Division of Ratepayer Advocates’ (DRA) testimony
clearly indicated that the utilities had not considered the
potential impact of DSM programs on their planning processes. The
utilities also have not tried to determine the level of reliability
various customer groups would beée willing to accept at various -

prices of service.
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Since the Commission was interested in expeditiously
implementing marginal cost pricing, we accepted some
simplifications in setting cost methodologies. We discuss below
additional work that will need to be done in load research and-
forecasting.
DRA demonstrates through cross-examination of PGLE‘s
witness Bonney that in recent years there has been significant
changes in PG&E’s long-term forecasts of demand growth by class,

In particular, DRA notes the long-term forecast of industrial
demand has increaséd by over 100% in just four years and finds a
remarkable correlation to PG&E’s efforts to increase rateée base by
$2 billion through construction of the PG&E/Pacific Gas
Transmission (PGT) expansion to serve the noncore market in
northern and southern California.

Our guidelines called for the use of the 1991 California
Gas Report in this pr’oc'eeding,4 This is a yearly publication of
thé gas industry and has never been subject to review by the
Commission., Our next réview of each utility’s resource plan should
critically examine the long-term forecast of customer demands. |

As of June 1992 SoCal had installed electronic metering
for only half of its noncore customers, representing 59.4% of
noncore volumés. PG&E had established electronic métering on 88%
of its noncore volume, but had no metered daily data available for
core commercial or residential customers.

The Independent Energy Producers and the Geothermal _
Resource Association (IEP/GRA) raise concerns regarding the paucity
of underlying load data on utflity electric generation (UEG)

4 PG&E requested and all parties agreed to modifications to its
base case load forécast to reflect an updated estimate of bypass
and the forecast of Edison’s Cool Watér throughput., Both are near-
term adjustments and were resolved in our recent decision,

D.,92-10-051.
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‘customers. The utilities have very limited hourly load data, o .
little knowledge of specific demand forecasts prepared by théir own
electric departments, and make no adjustments to reflect the '
effects of weather and electric generating unit outageés. 'ThQVUEG'
" load represents some of the largest system customers, who are
" identified by the respondents as likely bypass targets. We require
additional load data and supporting analysis in theé next résourcé
plans. _
TURN expresses well the additional resource planning
issues which need to be addressed by the utilitiest

"First of all, PG&E and SoCal have not presented
any evidence that would indicate that their
core customers actually value extreme peak day
service highly enough that they would be o
willing to pay what it costs to provide it, if
given the choice. Both of thése companies =
assertedly design their systems such that full
core service could be maintained even under the
most extreme cold weather conditions ever ‘
experienced. SDG4E, on the other hand, has
undertéaken an extensive study, called the
recurrence interval study, which compares the
costs of the additional facility investments
required to maintain service under various
weather conditions against the tangible and
intangible costs of not serving the load.

Based upon this study, SDG&E has concluded that
it should plan its system based on a coldeést
day in 35 years standard, which does not
represent the coldest day that has ever
occurred in the service area (SDG&E/Roskowskit
Tr. 70/8849-51). TURN does not necessarily
endorse all of the details of that analysis,
but submits that SDG&E should certainly be
commeénded for making the effort, which its
larger sister utilities have not.

“Absent such a study, PG&4E and SoCal do not
really know whether their core customers value
peak service sufficiently to be willing to bear
the costs of providing it. Further, those coreé.
customers have no options for avoiding thé cost
of peak service if they do not in fact value it
that highly. A customer that willingly
foregoes gas usage on a peak day saves only the
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tariffed per therm rate, not the much higher
cost.of providing éxtreme peak service. .
Neither PG&E nor SoCal offers any demand-sidé
management programs désigned to réduce extreme
peak usage in particular, or to reward those
customers who do (PG&E/Heffnert Tr. 77/9656;
SoCal/van Lieropt Tr. 69/8785-86). Whileée one
can probably assume that many, if not most,
core customers would want to maintain full
serviceé on an extremé peak day regardless of
cost, there may very well be customérs, perhaps
many of them, who would be willing to endure a
certain amount of disruption to théir normal
activities in order save the additional cost
that extreme peak sérvicé may éntail. If there
are enough such customers, thére could be a
significant impact on the utilities’ planning
and to§31 cost of service.™ (TURN O.B. pp.
34-36.

Wé will require the utilities to make substantial

progress in meeting our objective of a least-cost planning process.
We believe that the appropriate forum in which to examiné gas
industry resource planning under our current regulatory environment
is genéral rate cases. Their plans must include better load data
and well-supported service reliability studies. Résource plans for
the respondent utilities shouldt 1 ‘

1.

Reflect an appropriately planned system that
meets customers’ needs at the lowest total
cost}

Use at least a 15-year planning horizon féor
backbone transmission and storage and at least
a 10-yéar planning horizon for local
transmission.

Use short-term and long-térm forecasts that are
thoroughly documentéd and that specify all
economic, load research, and end-usé
assumptions.

Have adequate underlying load data for each
customer class. At a minimum, this means
hourly load data for UEG customers, daily load
data for all noncore customers, and
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statistically sampled daily load data for core commercial
and residential customers. ‘

5. Contain UEG load forecasts that reflect the
effécts of weather and electric generating unit
Outages . .
Contain explicit system design reliability
objectives for both core and noncore customers.
Reflect the findings of sérvice reliability
studies documénting the valué core customers
place on peak service reliability.

2.2 Utility-Specific Investment Plans
for Transmission and Storage

2.2.1 The PGLE Résource Plan

PGLE submitted a local transmission plan based on a five-
year planning horizon and a backbone transmission and storage plan
based on an 18-year planning horizon. DRA’s objéctions to the
1imited data and short planning horizon for PG&E’s local
transmission are incorporatéd in thé update criteria in the _
previous section. All parties accepted the long-term forecast used
by PG&E for purposes of this proceeding. Our concerns and schedule
for addressing this critical area are also discussed in theé
previous séction. NO party expressed further conceérns with PG&E’s
local transmission investment plan. Recognizing the data
limftations that need to be addressed, we find PG&E’s local
transmissfon plan should be used to calculate marginal costs in
this proceeding.

DRA opposes PG&E's backbone transmission and storage
investment plan as not being a least-cost resource plan. The
specific area of disagreement is PG4E’s finclusion of Line 401
expansion rather than the moré cost-efféctive alternative of
additional storage capacity with Line 300 éxpansion. PG&E’s plan
assumes Line 401, which is currently undér construction, will be
fully opérational in 1993 but then only uses 250 millfon cubic foot
per day (MMcf/d) of its 750 MMcf/d capacity in 1993 and anéther 150
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MMcf/d between 1997 and 2000, Although it is not clear, PGEE -° -
appears to add revenue requirements ratheér than investment costs
because it assumes that soméone other than PG&E customers will
purchase the balance of the project and cover the associated
investment. PG&E’s witness testified in an earliér Line 300
proceeding, 1.88-12-022, that Line 300 expansion was less expensive
than Line 401, but stated his rationale here is that Line 401
construction is taking place.

We do not find that PG&E’s rationale meets a least-cost
planning standard. DRA’s combined transmission and storage
marginal cost revenues are 44% lower than PG&E‘’s. PG4E raises
concerns that DRA’s plan may not be able to meet core loads under
extreme conditions. We find these concerns adequately addressed by
DRA. We recognize PG&E has no present plans to expand Line 300;
the option, however, exists and is undér Commission consideration
in another proceeding. We conclude Line 300 expansion is a least-
cost approach to estimating marginal costs of transmission,
preferable to using a more éxpensive expansion project being
constructed exclusively for the noncore market. As discussed
earlier, we expect significant refinement in PG&E'’S resource plan
in PG&E'’'s next general rateé case.

2.2.2 The SoCal Resource Plan

SoCal'’s planned investments in transmission and storage
are set forth in its filing at Table 1, MC-11. SoCal’s plan is
extremely modest in comparison to PG&E’s, with no large additional
increments of transmission or storage capacity néeeded.
Intérconnections to the Kern/Mojave and PG4E/PGT pipelines,
expansion of SDG&E’s Line 6900, reinforcement in some high growth
areas, and expansion of storage withdrawal capability are all theé
investments considered neceéssary to provide for growth over thé
15-year planning horizon,

DRA recommends three adjustments: transfer of Liné 6900
from transmission costs to a SDG&E direct customer costy rémoval of
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compression facilities from the Kern/Mojave intertie transmission
costs, consistént with DRA’s recommendation in Applicatidn,(hi)»-
90-11-035 that these costs are related to noncore supply diversity
_ rather than demand and should be recovered in incremental pipéline

rates} and a decrease from $30 million to $20 million in storage
withdrawal expansion based on uncertain noncore demand éstimates.
We find the record supports DRA's classification of Line 6900
expansion as exclusively for SDG&E and that exclusive-use
facilities are best tréated as customér costs. FPor purposes Of
this decision we will adopt DRA’s storage adjustment, as SoCal‘s
witness Philips testified that additional finvéstment would be
dependent on noncore requirements that rémain uncertain., However,
as noted in Section 3.5, thése costs may be revised in the event
the Commission authorizes the unbundling of storage costs in -
1.87-03-036. DRA’s Kern/Mojave adjustment is considered together -
with the larger pipeline issués raised by TURN and discusséd next.

TURN observes that the utility and DRA estimates of

marginal transmission costs for the SoCal system fail to include
any costs for the long-distance movement of gas from the state
border to the utility’s load centert

"Rather, the SoCal and DRA forecasts were based
primarily on thé relativély minor facility
enhancements required to "debottleneck”
transmission constraints in various localized
aréas of the system, plus (at least for SoCal)
the costs of interconnecting with the
Kernf/Mojave and PGLE/PGT projects in the
Wheeler Ridgé area. Thereforée, TURN has
recommended that thé marginal cost of long-
distance transmission be recognized by adding
the tariffed cost of transportation over the
Mojave system (which is almost entirely an
intrastate pipeline in all but the legal sense)
to the costs of the more localized facilities
identifiéd by SoCal and DRA.... The only
alternative is to assume that there is no
marginal cost just because someone other than
the LDC is providing the service, a concept to
whigg gU?N must strongly object.® (TURN 0.B.
pl - L]
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No other party supports TURN’s proposal. DRA’s policy -
witness on revenue allocation (Klapow) did individually support
TURN’s proposal; citing the need to reflect long-line transmission
servicé in rates. Klapow'’s position is characterized by DRA as a
replacement cost approach, one TURN asserts is consistent with
DRA‘s customer-cost and distribution méthodblogy. DRA
distinguishes its recommended approach as a forward-looking
résourcé plan that may have very different incremental costs than
the replacement costs of facilities in the ground. DRA‘s
transmission plan witness, Roscow, states he did not consider
third-party facility investment in his analysis. All parties
except TURN strongly object to including third-party investment -in
SoCal’s LRMC as these aré not future costs the utility itself
faces.. .

It is clear from the record that SoCal will have
sufficient excéss capacity on its long-liné transmission systéms
connecting with El Paso and Transwestern at the Colorado River that
it will not have to makée capital expenditures to expand this
capacity ovér thé entiré 15-year transmission planning horizon.

The importanceée of this under marginal cost theory is that Socal
should signal in rates to customers that the marginal cost of
transmission service is, at this point in time, looking out over a
15-year planning horizon, quite low. As such, we refuse to adopt
the proposed decision’s recommendation that wé use the recently
completed Mojave pipeliné as a a proxy in calculating the long-line
transmission marginal costs for SoCal. _

It is ludicrous to burden SoCal ratépayers with "phantom*"
charges réeflective of the cost of new capacity for the use of
existing, sunk capacity that is already in excess of demand.

TURN’s reécommendation which is adopted by the proposed decision
gives the wrong price signal to customers who would deliver gas to
SoCal at existing Colorado River interconnections with El Paso and
Transwestern. It would signal that SoCal could provide this
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service only by constructing new transmission capacity when, in
fact, its existing capacity is adequate to meet demand over the 15-
year planning horizon. '

In addition, TURN'’'s proposal would create a perVerse>
incentive for customers to favor shipping over new interstate
pipelines and to further undérutilize existing interstate capacity
that is already in excess supply. TURN‘S proposal would‘only serve
to increase the cost of stranded capacity that SoCal's customers
will have to bear. As such; for purposes of this decision, we will
adopt SoCal’s planned investménts in transmission and storage as
set forth in its filing at Tablée 1, Ex. MC-11 with the excéption of
DRA‘s adjustments to Line 6500 treatment and to the decreaseé in
storage withdrawl investment as discussed above.

We also note that an issué in the PGT/PGSE
interconnection proceeding, A.92-04-031, is whether some of the
costs of that interconnection are common costs which should be
shared by Kern/Mojave. 1If the interconnection facilities receive
incremental rate treatment, both the PGT/PG&E interconnection costs
and thé Wheeler Ridge compreéssion facilities, A.90-11-035, should
be excluded from the resource plan. If Kern/Mojave receives
rolled-in rate treatment, the most recent adopted estimates for
both sets of costs should be used in the implementation filing.
2.2.3 Thé SDGAE Resource Plan

SDG&E’s investment plan is submitted in Exhibit MC-27,
pp. 4-2 and 6-2. The testimony refers SDG&E’s 1991-2010 Gas
Transmission System Plan, a 20-year outlook of future transmission
expansion investment prepared by the Gas Engineering department.
The plan’s purpose is to identify transmission capacity additions
necessary to meet design criteria at the lowest cost level. The
plan identifies ten projects for an expansion capability of
approximately 250 MMcfd. No storage plan is submittéed as SDG&E
does not operate any storage facilities separate from SoCal.
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No party proposed an adjustment to SDG&E‘s plan and it

appears reasonable.

2.3 Marginal Demand Measures for Computing
and Allocating Marginal Cost Revenues

2.3.1 Cost Résponsibilities
The purposé of marginal costing methods is to reflect the

costs incurred over the long run caused by serving an additional
unit of demand. For each function of a utility’s gas system, the
demand measure used to calculate that function’s marginal cost
should be the one that reflects cost causation for that function.

The controlling planning criteria used by the utilities
reflect the manner in which the utilities will incur costs in
response to changes in demand for specific functional elements of
their respective systems. Thus, parties’ requests that we deviate
from the utilities’ planning criteria in favor of *flatter”
allocation factors could result in adopting measures of cost
résponsibility which depart from accurate marginal costs. |

In issuing Decision 92-11-052, wé recognized that
uneconomic bypass is an imminent threat presented by several
pipeline projects which could attract large noncore customérs of -
PG&E and SoCal. We permitted PGGE and SoCal to submit long-term
contracts subject to an expedited review procéss. Our desire to
facilitate long-term transportation contracts is based in part on
our policy to prevent unnecessary duplication of facilities and the

consequent customer costs.
It is our belief that accurate marginal cost methods will

lead to clearer signals when marginal cost-based prices are
implemented, thereby providing the opportunity for customers to
purchase economically efficient levels of service. The decisions
on the chosen measures of cost responsibflity described below are
based upon accurate cost causation and recognize the interrelated

nature of utility operations.
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2.3.2 Marginal Demand Measuvres_for Transmission

] PG&E refers to the criterfon that causes a utility to
need- more capacity as a marginal demand measure (MDM). This term
was readily adopted by all parties. The utilities have chosén to
advocate certain MDMs because they represent a combination of the
multiple types of peak demand that the utility systems are designed
to serve. They also support less extreme déemand measurés in order
to spread costs in a "equitable® manner instead of following cost-
causation principles in a strict manner.

For transmission PG&E has chosen to usé cold-winter-
season demand for its "backbone facilities® and cold-winter-day
demand for local transmission. SoCal has chosen cold-year demand
as its measure of transmission peak use. DRA advocates cold-year
demand for both utilities. TURN contends that average-year demand
is appropriate because transmission additions are driven by supply
diversity considerations and not capacity needs. California
Industrial Group (CIG) and Southern California Utility Power Pcoi_
(SCUPP) contend that abnormal peak day (APD) for PGLE and extréme
peak day (EPD) for SoCal are the appropriate measures of demand.

APD and EPD are demand measures which signify that only
core customers are causing marginal transmission costs and that no
capacity is built to serve thé needs of the noncore. CIG and SCUPP
conténd that peak demand occurs on these statistical peak days, and
peak demand could potentially be identified with certain peak hours
if more accurate data was available. Therefore, only those
customers who are forecast to be using the system on that day are
responsible for transmission costs. ‘

SCUPP and CIG also contend that equity considerations
should be limited to the Commission's choice of caps and floors in
actually allocating costs. Marginal cost measures should be
calculated in a manner that reflects true cost causation.

We believe that the best estimate of the demand- causing
transmission costs on the backbone system of SoCal is cold-year
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demand, and for PG&E it is cold-year peéak season.” These
measures are chosen because they are the best estimates of cost
causation. Transmission is used to provide flOwiné supplies and to
support storage operations. Transmission capacity is rélatively
constant during the year. SoCal has a larger amount of storagé
available than does PG&E. Given thé amount of storage available,
SoCal‘s backbone transmission system is sized to meét cold-year
demand. In contrast, PG&E sizes its backbone system to accomodate
cold-year peak season throughput.

2.3.3 Marginal Demand Measures for Local Transmission

PGSLE has argued that some of its transmission system
should be differentiated from the rest bécause it serves local
areas in PG&E's service territory, as opposed to bringing gas in
from outside the territory. SDG&E as a wholesalé customer of SoCal
argués that the transmission linés it owns should really be
considered local transmission as well., The Commission allowed for
the possibility of this differentiation in D.90-07-055, when it
spécified the gquidelines for the utilities’ marginal cost filings.
There is no objection from other parties in the proceeding, and we
find it appropriate to designate local transmission systems for
‘théese two utilities here.

PG&E arques that thé estimated demand on a cold winteér
day should be used as a demand measure for its local transmission
system. As a secondary position, it argques for cold year
coincident peak month demand as the MDM for this function. SDG4E
argues that the estimated démand on the coldest day in 35 years
should be used because that measuré corrésponds with the results of

5 The compressor fuel costs on the transmission systems are
assigned separately. The unit cost estimate is multiplied by

average year throughput for allocation purposes.
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its reliability study. DRA'supports a cold year éoincident-bééf~7'
month measure for PG&E, and extends that recommendation to SDGLE.

All of the parties argue that local transmission is the
bridgé bétween transmission and distribution. Logically, local
transmission would be taking gas from both flowing supp11es ahd
storage withdrawal, and transporting that gas to local areas.,
Essentially, the MDM should be somewhere between transmission and
 distrfbution. As will be explained more fully below, a peak day
‘measure should be used for distribution. We will use a coincident
peak month measuré for local transmission on both the PG&E and the
SDG&E systens.,

SoCal did not propose a distinction between backbone and
local transmission in the functionalization of its transmission
facilities. SoCal does, however, put forward a proposal, as an
alternate to its recommended position to treat distribution main
trenching cost as a customéer cost, where a separate allocation is
suggested for its distribution system. As more fully explained in
Section 3.1 below, we reject SoCal‘s recommended position on the
treatment of distribution main trenching costs. We find merit,

"~ though, in SoCal’s alternate proposal as discussed in Exhibit No.
MC-17, at pp. 19-21 to disaggregate its distribution system into
high-pressure and médium-pressure components.

SoCal’s high-pressure distribution "supply®” linés serve a
function similar to PG&E’s local transmission lines. For example,
both aré used to serve those portions of the UEG load not served
off the backbone transmission system. It may be that SoCal and
PGSLE are simply using different criteria for thé classification of
1inés as distribution or transmission. To the extent that
fidentified pipeline infrastructure is similarly characterized
between the LDCs, it makes sénse to apply a similar cost allocation
rethodology.

In addition, as part of our policy to address bypass
concerns, we are endeavoring to establish a more precise
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segmentation of the noncore market into customer classes that are'
more homogeneous in terms of the cost causatiorni on the system. To
that end, a more précise segmentation of the intrastate pipeline
infrastructure by function is advantageous.

Por consistency in our treatment of 1ntrastate pipeline'
infrastructure between PG&E and SoCal, and because it servés our
goal in addressing the bypass problem, we will recognize the
distinction between SoCal’'s high-pressure and medium pressure
distribution systems for determining marginal demand measures for
cost allocation. Becausée of the similaritieés between PG&E’S local
transmission system and SoCal‘’s high-pressure distribution systém,
we will also use a cold year coincident peak month marginal demand
measure for SoCal’s high-préssure distribution system.

In this decision we are unable to develop illustrative
rates based on the segmentation of SoCal’s distribution system as
described above. The medium-pressure distribution system accounts
for over 86% of common distribution costs. (SoCal Rebuttal °
Testimony of witness van Lierop, p. 42.) As such, the
illustrative rates shown in this decision are based on a peak day
marginal demand measure for SoCal’s entire distribution system. - We
order SoCal, as part of the implementation phase of this
proceeding, to develop demand forecasts and corresponding MDMs that
will allow the Commission to adopt long-run marginal costs rates
based on separate marginal demand measures for SoCal‘s high- ’
pressure and medium-pressure distribution facilities as adopted in
this decision. SoCal should also provide materials showing the
distribution facilities used in each class. :
2.3.4 Marqginal Demand Measures for Storage

part of the problem in defining MDMs for the storage
function is determining the extent to which it is appropriate to
identify subfunctions of storage, and how those subfunctions would

be used for cost allocation purposes.
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For storage, PG&E had chosen cold year winter season as
the MDM for overall storage operations, and then later suggested a
number of MDMs to correspond to an additional- exhibit ordered by -
the ALJ that broke storage service down into a number of functions.
PG&E argues, however, that one overall storageé function is most
appropriate at this time. For overall storage DRA agreéed that cold
year winter season was the appropriate MDM. SoCal’s testimony was
always divided by functiont average year throughput for load
balancing; withdrawal capacity on extreme peak day: and injection
capacity based on the amount of injeéction needed to provide 70 ‘
billion cubic feet (Bcf) of inventory on Novémber 1 of each year.
McFarland Energy, Inc. (McFarland) bélieves that subfunctions
should be identified in the manner that SoCal has suggested, but
has different recommendations about how the overall cost of storage
should be broken down into subfunctions.

SDG&E does not opeérate its own storage facilities; but it
has a contract for storage capacity on the SoCal system. S$ince
this capacity serves as SDG&4E storage, and avoids the need for
additional inteérstate capacity by the utility, we will adopt DRA'’s
recommendation to include the contract cost as an estimate of
storage cost and assign these costs in the same way storage is
assigned to other utilities.

wWhile the subfunctions of storage are critical to
unbundling, this is not the proceeding where that unbundling will
occur: Further, as discussed in Section 3.4, we find the récord in
this proceeding insufficient for subfunctionalization of marginal
storage costs. For the purposes of cost allocation, an ovérall
measure of storage cost responsibility is appropriate. The
Commission adopts cold year winter season because it reflects the
combination of the storage functions provided by the utilities.
2.3.5 Marginal Demand Measures for Distribution

Bach of thé utilities use a slightly different planning
criteria for their distribution systems. PG&E uses abnormal peak
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day (APD) as the primary planning criteria for approximately 90
percent of its distribution systems. For the remaining '
distribution systems, cold winter day (CWD) are the primary
planning criteria. PG&E's APD has a once-in-65 to once-in-100 year
probability of occurring. '

The primary planning criteria for SoCal’s demand-related
distribution costs is extreme peak day (EPD) demand. SoCal‘s EPD
is a once in 60-year probability. SDG&E uses cool-year peak day,
with a cool year having a 50% probability of occurring each yeér.
DRA recommends the use of cold year noncoincident peak-months for
al) of the utilitfies. DRA recommends a broader measure of cost
allocation based on the notion that off-péeak users receive benefits
from the utility system. DRA views on- and off-peak usage as
essentially joint products where the relative costs are impoésiblé
to determine. DRA then posits that a competitive market will set:
relative prices based on the willingness of on-peak and off-peak
users to pay to use the system.

One of the central principles of marginal cost pricing is
cost causation} that is, the rates charged should reflect the
change in the utility’s costs that would actually occur if there
were an increase in demand. An analysis of cost allocation between
on-peak and off-peak use is inconsistent with marginal cost theory.
DRA’s argument confuses the issué between a marginal cost based
allocation and a value of service pricing scheme. DRA’s witness on
the unit marginal cost of distribution conceded that peak day
demand is the best measure of cost causation. DRA testified:

*In pérforming the regressions, DRA has used
peak day load estimates as have the utilities.
This is because they are closer to the actual
1oads that drive the investments and are more
1ikely to yield better regression results.®

(Ex- HC“34' P 6"3)

We agree with Socal that, absent justification,

“There is something fundamentally wrong with
using one measure of demand to calculate unit




marginal cost because it beést represents the
planning criterion, but then abandoning thé .
proper measuré in favor of a different measure
of demand to allocate costs to customer :
classes."® (SoCal O0.B. p. 54)
_ We do not sée a justification for such a tréatment in
this case. As such, we refuse to adopt DRA’s marginal demand
measure for distribution which the proposed decision of'thé
administrative law judge has embraced. DRA’s proposal should be
rejected for two reasons. First, a non-coincident peak month
neasure does not reflect system planning, and it certainly does not
reflect cost causation. Second, DRA‘'s recommended distribution MDM
is inconsistent with its load diversification principle. DRA
éxplains the farthér upstream one goes on the gas transmission
system, the more loads diversify and storage is better able to
‘flatten loads. (Ex. MC-36, p. 2-9) As PG&E points out!

*The load diversification point applies with"

equal forcé to thé relationship betweén the

down stream distibution facilities and the

upstream local transmission facilities., The

load on a local transmission system is the

aggregate of the loads from several diverse

distribution systems. Therefore, the

distribution MDM should be at least as "peaky"
as the local transmission MDM.* (PG&E O.B. p.

18.)

DRA's recommendation of a flatter cold year noncoincident
peak month marginal demand measure for distribution is inconsistent
with its recommendation for a cold year coincidéent peak month
allocator for the upstream local transmission facilities.

We adopt the utilities’ recommendations of peak day
marginal demand measures for their distribution systems., We are
not convinced that the claimed inaccuracies in peak-day demand
measurés is cause not to move forward now and adopt a péak day
marginal demand measuré methodology for the utilities’ distribution

systems.
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For a local distribution gas utilify, core peakidemgﬁai'j
drives the system peak demand and core demand varies primérily;#ith
temperature, réaching its peak in winter with space heating demand,
Therefore, forecasting peak day demand implies two stepst first,
forecasting the abnormal (or éxtreme) peak day témperature; and
second, using this peak day temperature forecast to forecast the
peak day demand. We will address each of these issues, in turn.

By thé nature of its definition as an extreme value, the
abnormal peak temperaturé will not recur every year. Instead, the’
LDC must select a reasonable recurrence interval} for example,
SoCal has selécted a one in sixty year criterion, which implies
that SoCal plans to instal) facilities which will meet expectéed
coré démand on even the coldest day expectéed to occur in a sixty
year interval. Naturally, the sélection of the length of this
recurrence interval should nét be arbitrary but should balance the
cost of thesé facilities with the benefit derived by the core.

TURN expresses this resource planning issue which needs to6 be
addressed by the utilities. (TURN O.B. pp. 34-36). A careful
examination of this cost-beénefit problem indicates that the LDC
should evaluate that facility costs over a range of tempeératures
(i.e., recurrence ihtervals) and corresponding core demands. We
note that SDG&E has chosen to usé a methodology which identifies
the cost-effective recurrenceé interval.

The LDC must devise a method to forecast the most extreme
temperature which will occur during this recurrence interval. The
LDC can forecast the abnormal peak day temperature through one of
two approaches, each represented by one of the two major LDCs in
this proceeding. 1In one approach, PG4E refers to a recurrénce
interval of one day in ninety-five years and directly adopts as the
extreme temperature value, the lowest temperature which actually
occurred on any day since 1929, 1In the other approach, SoCal uses
a model to forecast the extreme temperature value which will occur
in its recurrence interval of o6ne day in sixty years. 1In its
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approach, SoCal uses as input to estimate the parameters of its . .
model, the lowest actual (or extreme) tenmperature valués which have
occurréd in éach year in a sampleée of years spanning theé last
several decades. SoCal then uses the model to forecast the
temperature which will recur with a probability of once in sixty -
years,

This extremé temperature is then translated into
corrésponding core demand, In its approach, PG&E has used daily
data from 1984 through 1989 to estimatée a single relationship
between daily denand and system-wide daily temperature. PG&E then
uses thése estimated parameters of this relationship to forecast
the demand when the extreme température occurs. In implementing
this method, PG&E gathérs temperature data from several stations
and forms the system-wide temperature with a customer-weighted
average.

SoCal has also estimated a daily demand model, but from a
database which uses information from a completed survey of several
hundred individual customers. The structure of SoCal’s daily:
demand rodel strongly resembles its end-usé demand model and
includes not only daily temperature, but also several other
variables which characterize the customer‘’s appliances and
household size. Moreover, model parameteérs can vary across SoCal’s
several temperature zones. To forecast demand on an abnormal peak
day, SoCal inputs the extreme teémperature value into this model.

In the future, refinement of the cost allocators that we
adopt today will require more complete and accuraté end-use data,
Although significant work has beén done in the area of éxtreme
temperaturée forecasting and its translation into demand, LRMC
methodologiées will bénefit through more accurate data and
refinement of forecasting techniques. We believe that the LDCs
could benefit from a critical examination of the relative benefits
of each other’s formulation of both the forecast of extreme
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'”Dtemperature and the translation of this informatlon into demandf

: -

"forecasts.
’2.3 6 Adopted Harqinal Demand Measureés

- The MDMs we have chosén for cbmputing and allocating

marginal cost révénues are those that best reflect cost
responsibility. Thé MDMs are surmarized in Tablé 1.




MARGINAL DEMAND MEASURES

PG&E  SOCAL P

BACKBONE .
TRANSMISSION

COLD YEAR COLD YEAR

‘ N/A
WINTER SEASON

| ~ COLD YEAR “COLD YBAR"
LOCAL | o

COINCIDENT | N/A | COINCIDENT
TRANSMISSION PEAX MONTIL

PEAK MONTII
STORAGE COLD YEAR COLD YEAR . COLD YEAR = -
TORA | WINTER ~ WINTER |

. WINTER
SEASON. ~ SBEASON

SEASON

COOL YEAR

DISTRIBUTION COLD YEAR - COLD YEAR AR
- | PEAKDAY -

PEAK DAY PEAK DAY
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3.4 capital-Related Marginal Cost o e
e We have four methods of estimating the marginal cost of
capital investments for consideration: present worthr(?ﬁ)frtOtal
 §nvestment; The National Economic Research Associates, Inc. (NERA)
‘regréssion; and discounted total investment. By briefing, parties
gveached consensus on the total investment method, except for PG&E
and the City of Vernon (Vernon) who préfer PW and SDG&E who .
advocates the NERA regression method and, as an alternative, the
discounted total investment method. In more detail; the four
methodologies aret
1. The Total Investment methodology computes an
arithmetic average by dividing the total
investment during the planning horizon by the
total load growth during the same period. The
resulting unit marginal cost is then annualized
using a Real Economic Carrying Cost (RECC)
factor. The RECC capital amortization formula
levelizes a stream of future payménts in-a
manner similar to an annuity calculation but .
with an inflation adjustment. RECC models -
incorporate assumptions for seérvice life,
salvage value, cost of capital, inflation
rates, and discount rates.

The NERA Regression methodology uses a model -
developed by NERA to obtain a marginal unit:
capital cost by regressing the cumulative
changes in investment with cumulative changes
in load. Parties used a combination of :
historical and forecast period data. The
marginal unit cost is then annualized using the
RECC factor discussed above.

Present Worth methodology computes the
difference betweén the present value of a
planning period’s stream of system investments,
assuming project spending commences in the
current year, and the present value of the same
stream of investments, assuming project
spending is delayed one year. The difference
between the two present value streams is _
annualized by dividing by the average annual
change in the deéemand measure used for the

planning horizon.
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Thé Discounted Total Invéstment méthod computes

a marginal unit cost by dividing the present

value of the planning period’s investments by

the total load growth. A presént value is used

in thé numerator to give additions further into

the future.less weight than investments in

earlier time periods. The marginal unit cost

is then annualized using an RECC factor. 7

The Commission gquidelines adopted in D.90-07-055 directed
that the PW method be used in calculating marginal cost for
transmission and storage inveéestménts. These investments generally
are large and expensive system additions and the Commission wanted
to reflect thé future costs in current rates as a signal to guide
customers’ usage. Commission Advisory and Compliance Division’s
(CACD) Workshop Report recommended PG&E’s PW method because it
incorporated, in a manner far simplér than the Energy Reliability
Index (ERI) used on the électric sidé, a means of adjusting LRMCs
to *be low in times of capacity surplus, rising to full cost when
capacity is constrained.," (Workshop Report, p. 17.) o

The hearing record provides substantial evidence that the
PW method should not be used for calculating marginal capital
costs, The method’s feature of signaling future costs in current
rates is outweighed by its two primary disadvantagest it produces
volatile rate spikes and it fails to recover full fnvestmént costs.
Both Edison and DRA discuss specific examples in their opeéning
briefs. Other parties, such as CIG, focus on PH’s inability to
signal capacity shortages. We are concérned that the type of rate
volatility demonstratéd by the PW method would encourage long-term
anti-bypass contracts when theé rates are low that would prove to be
uneconomic in later yeéars.

The Commission’s electric methodology uses the NERA
regression model annualized with the RECC to calculate marginal
capital costs. DRA’s Phase I testimony initially récomménded this
methodology be used for transmission, storage, and distribution.
Its recommendation changed when it found regression could produce
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anomalous results for lumpy investments in transmission and
storage. Witness Comnes statest “The- regressiOn method does find.
a slope of a line based on cumulative investment to cumulative
demand growth. And there’s nothing to stop it from basically
getting a large negative intercept. And that can provide for very
high marginal costs even in situatfons where total investment over
the forecast period is falling.®" (Tr. 71:8931-2. ) DRA did not
find this problem with distribution investments but recomménded the
simpler total investment method be used consistently for all three
functions. '
We adopt the total invéstment method for transmission and
storage marginal costs. The NERA regression approach yielded a
strong correlation for distribution systems and wé will adopt it
for this function. By this decision, we do not suggest that it
would be inappropriate for the Commission to consider adopting the
Present Worth methodology, distinguished as a "trial run” in the
proposed decision in PG&E’s General Rate Case, A.91-11-036, et al.
The record in that proceeding differs from what is before us heie.
No party advanced the discounted total investment méthod as its
preferred method and PGSE, while accepting total investment and
regression as second and third-best alternatives, respectively,
strongly opposes this method as not bearing "any conceptual
connection whatsoever with a marginal cost” (Reply Brief, p. 31).
While we will use a RECC factor in annualizing unit
costs, we note that the models used should be carefully examined
for their underlying assumptions. TURN questioned the differences
between utilities’ models and SoCal‘s witness Mr. Van Lierop
responded satisfactorily in rebuttal testimony (Ex. MC-83,
pp. 26-7). We do not find persuasive Vernon'’s recommendation that
inflation be recognized by adjusting the total utility revenue
requirement in each utility’s annual attrition case rather than in

the RECC factor.
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‘We do not place a high priority on developing an ERI
méchanism for gas, as reécommended by DRA. The process for
developing the electric ERI has beén extremely complex and lengthy.
HWe have a full gas agenda before us in the next year and believe
today'’'s market has substantial capacity.

2.5 Marginal Cost Expenses and
Loading Factors

: Thé common expénses associated with utility functions are
operating and maintenance (O&M), material and supplies (M&S),
administration and géneral (A&G), general plant (GP), cash working
_capital (cwWC), and franchise fees and uncollectibles (FF&U). The
Commission guidelines for LRMC studies issued in D.90-07-055
provides no direction for methedology other than ~add
administrative and general and opéerating and maintenance expenses”
(37 CPUC2d 66, 69). Thé lack of specificity appears to stém from
the limited discussion of thése issues by parties at the LRMC
workshops held February 6-9, 1990 (CACD Workshop Report, April 13,
1990, p. 4). The only party asking for further specification prior
to the February 1, 1992 utility filings was DRA, who réquested thé
respondent utflities éxplicity address the marginal cost basis of
all included 0&M and A&G expenses (ALJ Ruling January 3, 1992,

P 3);

Parties have a great deal to address in this proce¢eding
and have appropriately focused primary atténtion on coésts of
greater significance. We commend SoCal and SDG&E for the progress
they did maké in analyzing marginal componénts. We note
specifically in the following discussion where further analysis
should be undertaken and addressed in the first BCAPs subsequent to
impléementation.

2.5.1 Operating and Maintenance

All parties agree there are two categories of Operating
and Maintenance (0&M) costs, demand-related and customer-related.
There is less controversy on the customer-related costs and in the
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apeas that do exist, we find electric methodology to be well-
defined and applicable.

D.86-08-083 (Pacific Gas and Electric Company (1986) 21
cpuc2d 613, 615) specifically: excludes marketing, service
planning, and load management expenses from marginal customér cost
expenses} provides for reflection of improvement costs for access
equipnment of éxisting customers; and uses a wéighted customer
average rather than investment level for class allocation. The
remaining area of difféerence is inclusion of uncollectibles. SDG&E
includes account uncollectibles in this classification and PG4E -
includes them in a separate FF&U category. We find both incorrect,
based on SoCal’s asséssment of uncollectibles:

runcollectible costs were not included in
marginal customer costs., Instead, the
uncollectibles costs will be treated as a
marginal revenue cost (a cost proportional to
revenues collected). (Ex, MC-16. p. 41.)

pParties have more significant differences in demand-
related OsM expenses. PG&E and SoCal relate O&M directly to plant
by calculating an otM/plant ratio using multiple-year data. SDG&E
and TURN express marginal Os¥ as a function of thé amount of Actual
(average year) gas throughput flowing through the system rather.
than investment. DRA adopts a hybrid approach of calculating a
séparate unitized O&M cost by an 0&M/MDM ratio which is linked to
plant investment through thé plant planning criteria; its witness
proposes annual throughput as an alternative. CIG supports DRA’'s
MDM methodology for AsG and GP as being consistent with the long-
established méthod of treating these costs in the case of electric
utilities. We adopt DRA’'s methodology, using current period costs,
on an interim basis. We would like to sée further development of
SoCal's attempt to ségregate 0&M into labor, nonlabor, and
nonmarginal classifications and we would like each utility to
perform régression analyses similar to SDG&E to examine correlation
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. of O&M to throughput. We also find reasonable and adopt.the
' following adjustmentst o
' - Reassignment of PG&E’s meter and regulators

(Accounts 876 and 890) from the customer
function to the distribution function based
6n PERC account descriptions.
Adjustment of SDG&E’s distribution accounts
887 and 892 to reflect labor cost savings
from future plastic pipe installations.
This is consistent with the capital cost
inclusion of technelogical improvements made
in later sections.
Reassignment of SoCal’s mains related costs
from the customer function to the

distribution function, consistent with our
rejection of the minimum distribution system

proposal in Section 3.2.

2.5.2 Material and Supplies

Parties addressing this issue generally express the M&S
loader in terms of changés in plant (SoCal and SDG&E) or rate base
(PG&E and TURN). DRA has concerns with both approaches as the
loader is expressed in terms of émbedded plant but applied to
marginal plant. DRA proposes the same approach used in 0&M, which
expresses thé loader in terms of units of throughput reflected in
the MDMs for e¢ach functional category. As the MDMs are a measure
of the planning criteria, a relationship to plant is preservéd
without using plant directly. This approach appears reasonable.

2.5.3 Administrative and Geneéral
The principle issué for A4G is whether to use embedded

cost based allocators developed by PGLE and SDG&E or apply soCal’s
marginal analysis methodology. SoCal analyzes the extent to which
each account is marginal or nonmarginal and its A&G study shows
that approximately 51% of its A&G costs are nonmarginal., This
methodology is also supported by SCUPP and TURN. DRA developed
proxy estimates of marginal A&G costs for PG&E and SDG&E from
SoCal’s study and proposed results that while similar to PG&4E and
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SDG&E’s own estimates, have a mafginal rather than embedded basis.

‘We adopt this for interim methodology and direct PG&E and SDGLE to

perform their own system studiés applylng SoCal’s analysis.

Vernon réquests that wholesale custémérs beé eXcused from
any résponsibility for 50 percent of thé ALG componént of the
revenue requirément. We find there is insufficient evidence on the
réecord to support this request. '

2.5.4 General Plant

Genéral Plant is proposed as a ratio tot plant by PGLE;
rate base by SDG&E} and O&M labor by SoCal, DRA, TURN, SCUPP, and
CIG. The major components of general plant aré buildings,
furniture, computers, and communications equipment. We agree with
SoCal and DRA that these components aré generally purchased to
support labor intensive activities and, consequently, thé costs
vary more with the number of employees than with the mileées of pipe.
SoCal and DRA each propose a distinct calculation. We accept DRA’s
proposal, as it is consistent with the méthodology adopted for the
other loaders.

2.5.5 cash Working Capital

The only two parties to proposé a CWC loader are PG4E and
SDG&E. We find that working capital is caused by factors broader
than plant or rate base and, therefore, should be réflected in
terms of the total size of utility revenues and expenses and
captured by EPMC in the revenue allocation phase.

3. Marginal Cost of Utility Functions
and Class Revenue Allocation

3.1 Marginal Customer Costs and Révenues

Marginal customer-relatéd costs méasure the cost of a
customer’s access to the gas utility’s supply system.

All three utilities filed a base-casé using the service,
regulator, and meter (SRM) investment cost method pursuant to the
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. ~ guidelines established in 0_90_07_05'5.6 The issues of differénce
W among parties are:
o - TURN and PGAE advocate a new customer only

(NCO) method of assessing capital costs to

each class rather than the market rental

approach used by other parties.

SoCal increasés customer-related capital

costs by adding a minimum distribution

system calculation to theé base-case SRM

méthodology.

DRA advocates including increased trenching
costs for the service line réplacements. Ko
opposition remains to using class specific
service line length.

The NCO and minimum distribution system proposals are
issues that the Commission has previously considered for electric
marginal cost pricing. In San Diego Gas & Electric Company {1988)
30 CPUC2d 299, we chose to replace an incremental/decremental
method similar to NCO in favor of recognizing the opportunity costs

- of existing facilities as the long-run marginal cost of expanding

service.

*rinally, we believe the most appropriate
methodology for determining the cost of access
equipment is DRA’s rental market approach. Ve
recognize that our rejection of the
incremental/decremental methodology contradicts
the discussion contained in D.86-08-083, PGLE'S
1986 ECAC proceeding. However, the proceedings
over the last two years have given us an
opportunity to understand the marginal cost
principles involved with marginal customer
costs better than we did two years ago.
Accordingly, it is now clear that the
incremental /decremental methodology is not

¢ The service drop-regulator-meter (SRM) measurement of gas
premise equipment was adopted as comparable to electric service’s
transformer-service drop-meter (TSM) in D.90-07-055. See also
discussion in CACD Workshop Report, April 1990, p. 13.
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consistent with our marginal cost principles as

discussed above."* S
| The NCO proposals of TURN and PG&E provide no persuasive
reasons for the Commission to deviate from established methodology.
TURN labels its proposal a *second-choice® alternative to hookup
charges and PG&E advances a proposal consistent with a request in
its pending electric general rate case but with little theoretical
support provided here. We choose instead to adopt theé well-
developed rental market approach used for the last four years in
electric. We may revisit this issue if the ~"trial run" of new
methodology adopted by thé Commission in PG&E’'s latest geéeneral rate
case, A.91-11-036, et al. proves successful.

In the same SDG4E electric decision we also clearly
articulated our reasons for réjecting the minimum distribution
system proposal: ) '

*The classification of common distribution costs

as either demand or customer-related was a -

major area of controversy. SDG&E estimated the

customer-réelated portion of common distribution -
costs using a proxy for the ‘minimum

distribution system’ method. This meéthod
assumes that 50% of non-energizéd facilities -

and 25% of the énergized facilities required to
provide customers with access through the

distribution system are customer-related.®

* * *

"We prefer the approach of identifying specific
equipment as access related and assigning the
investment costs directly to the appropriate
customer class. While there is not a clear
line of distinction between demand and customer
related equipment, we believe the TSM method
provides us with the best approximation. ,
Accordingly, we will treat the remaining common
distribution costs as demand-related.,"

SoCal'’s proposal for a minimum distribution system
component does not specifically identify the distribution cost
component attributable to customers, but instead relies on the
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 recorded accounting costs of trenching as a proxy. The company
also provides evidence through a regression analysis study of a
high correlation between distribution investment and number of
customers. While supportive, this évidence is not conclusive:. The
zero-intercept method of calculation, advocated by CIG and Vefhdﬁ;
is considered but not proposed by SoCal. Zero-intercept
méthodology has also been unsuccessfully advanced on the electric-
side. TURN advocates a MDS calculation (using trenching proxy or
zéro-intercept) be excluded from both marginal customer and demand
methodology as it is a component driven by density and location,
not the number of customers or demand. '

In the middle of the SoCal and TURN positions is the SRM
methodology adopted in D.$%0-07-055 and recommended by PG&E, SDG&E,
and DRA. SoCal and CIG argue that SRM is not directly analogous to
thé TSM electric methodology because transformers serve multiple
customers. We find, however, SRM is substantially comparable to
TSM and draws thé "brightest line® between customer and demand
related costs. Therefore, we adopt the proposed methodology.

Consistent with the use of SRM for small customers is the
cost assignment of dedicated, exclusive-use, facilities to large
customérs. SDGLE raised the issue that inconsisténcies existed
between utflities in assignment of dedicated costs. DRA
investigated and made somé adjustments but did not have the time
and data available to complete. Each respondent utility should
ensure that all large customers’ dédicated cost assignments are
included in its implementation filing.

A related issue is the tréatment of large exclusive-use
facilities planned to be built to serve a customer. DRA ideéentified
Transmission Line 6900 ekxpansion in SoCal’s Resource Plan and
correctly classified the costs instead as a marginal customer cost
for wholesale customer SDG&E as well as an part of SDG&E’s own

investment plan.
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DRA’s position that future replacement of existing =~
service lines with gas-only trenching and pavement cutting and
resurfacing creates a significantly higher cost than new
fnstallation and therefore must be reflectéd in the marginal cost
is also consistent with electric LRMC methodology. D.86-08-083
defines customer-related costs to includé replacement and '
improvement costs for existing customers' access equipment as part
of customer-rélated costs. In this proceeding we usé available
SoCal and PG&E data showing réplacément cost is about twicé that of
new installation and direct the utilities to kéep separate records
of replacement costs and new business for the service lineés, as
well as tracking the trenching share to the gas company for new
installations, to better measuré thé cost resulting from adoption
of the replacement cost assumption. ~

We can also use thé Commission’s expéerience in eiéctric'
marginal costing in deciding another issue before us. As discussed
above, D.86-08-083 provides for improvement costs for acceéss
equipment of existing customers and an explicit adjustment for
plastic pipe is clearly within this definition. -

3.2 Marginal Distribution Costs
and Revenues

The issues of greatest contention, marginal démahdr
measures, annualization methodology, and & minimum distributfon
system, are addressed in Sections 2.1, 2.4, and 3.1. The remaining

issues aret .
- TURN’s removal of trenching costs from
marginal demand costs and treatment of a
substantial portién of the remaining
marginal distribution costs as 4 one-time
hookup charge attributable to new customers

only.

Reflecting theé UEG load served by SoCal in
marginal distribution cost allocation.

DRA’s adjustmént for future replacement
costs.




© 1.86-06-005 et al. ' COM/JBOfrel +x

.

- The time period to use for facility
investmeénts. o »

TURN proposes that the costs of trenching {(or of the MDS

. as measured by zero-intercept) should be treated as non-marginal

 with respect to both demand and number of customers, and the
réemaining distribution investments should be viewed as 80% due to
new load and treated as a one-timé hookup charge attributable only
td néw customérs and 20% as a traditional demand-related cost
attributable to all customers. TURN’s NCO approach is very similar
to its argument advanced for customér costs but léss "pure" in
isolating new customer cost responsibility. :

We acknowledge the difficulty of all methodologies in
identifying with precision what are marginal demand-related
distribution costs. In this area we chose to adopt an approach
that is consistent with our customer-cost methodology, which only
classifies as customer-related those costs cleéarly associated with
_ providing access to the gas system. PG&E éxpresses wéll our
rationalet ' ’

Splitting the distribution system into customer

relatéd and demand related components adds

additional complexity to the marginal cost

calculations without giving any particular

assurance of better accuracy. Just as one

could argue that some component of the

distribution facilities is customer related,

one could also argue that some component of the
SRM facilities is demand related. (Ex. MC-73,

pp. 1-8 - 1-9.)

The better approach in this case is the '

simpler, bright-line SRM approach, which treats

all SRM facilities as customer related, -and all

distribution facilities as demand rélated.

(EXi HC-78, P 1-9)- PG&E OnBa P 370

SoCal’s filing showed no UEG load at distribution leével,
After a request for information for the record, SoCal introduced at
hearing on July 21, 1992 Exhibit 45. This document identifies each

UEG customer and each UEG customer’s plant served by SoCal, as well
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as the volumés at each location served at transmissfion and at .
distribution based on 1991 recordéd delivéeries. Exhibit 45 shows
10 of SoCal’s 23 UEG customer plants, 8.3% of annual UEG
deliveries, are served at distribution level. SoCal’s ignorance in
this matter causes some concern regarding the fundamental data
underlying LRMC. Given our desire to address the segmentation of.
SoCal’s distribution into high- and méedium-pressurée componénts,
SoCal is directed to include applicable UEG load in the respective
components for cost allocation in its implementation filing.

DRA’s future replacement cost adjustment is consistent
with the methodology and rationale for measurement of marginal
customer-costs and should also be applied in calculating marginal
distribution costs. In addition, SDG&E retirements should be
adjusted for thé relative cost difference between new and
réplacement work prior to netting them out of the rate base
additions uséd in the NERA regression.

Parties differed in the time period to use for facility
investments. DRA, SDG&E, and Vernon prefer a 10-year historical
and 5-year forecastéd mix, while PGSE and SoCal prefer historical
only. We find the argument for a longer period consisting of 10
years historical and 5 years forecast to be persuasive.

3.3 Marginal Transmission Costs
and Revenues

All issues for marginal intrastate transmission have been
addressed in thé resource plan and earlier sections. We do have,
however, an issue concerning marginal interstate transmission
costs. )

In a January 3, 1992 ruling, the ALJ directed the
respondents to include interstate pipeline costs in their base-case
studies, consistent with the workshop réeport and guidelines.

Both PG&E and SoCal use the weighted averagée rate of
interstate pipelines on the margin as a basis for their interstate
transmission margfnal cost and SDGLE uses the guideline methodology
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" of a specific expansion pipeline as a proxy. TURN'stéstimony : .
supports SDG&E’s method and objects to SoCal’s approach of -
including existing pipelines, which significantly‘underStéteS cost.

No party in the proceeding, including thé respondent
utilities, argue that estimates of interstate transmission margfnal
costs are necessary for retail ratemaking. Most agree with SDG&E'’s
position that the current capacity brokéring proceeding obviates
the neceéssity of providing these types of estimates’, . TURN
advocates adopting interstate marginal transmission costs for use
in cost-effectiveneéss analysis and other purposés; howéver, as DRA
cautionsi

In certain Commission proceedings, estimates of

interstate transmission marginal costs will be

useful. For example, UEG marginal gas costs,

including interstate transmission marginal B

costs, may be used for qualifying facility (QF)

avoided cost pricing. However, givén the

variety of pipeline options now available to

California, the interstate transmission

marginal cost may vary from customer to

customexr, Thus, adopting an LDC interstate

transmission marginal cost may not sérve any

useful purpose. : .

Based on the record here, we will refrain from adoptihg a
LRMC methodology for interstate-transmission marginal costs.

3.4 Marginal Storage Costs
and Revenues

Storage unbundling proposals are being sepafatély and
contemporaneously considered in the storage investigation,
I1.87-03-036, with the program proposals of SoCal and PG&E. Our
objective in this proceeding is to define a long-run marginal cost

7 Interstate transmission costs will be charged to core
customers at FERC-approved rates and will be an optional service to
noncoré customers per our capacity brokering decisions, D.91-11-025

and D.92-07-025.
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“6f storage methodology that reflects today’s systemsiéﬁd”céﬁféISb
be adapted to possibly unbundléd storagé services. Unlike the . .
other functions of customer cost, distribution, and transmission,
we havé attempted to subfunctionalize the costs and thé cost
allocation. SoCal filed its testimony with marginal unit césts and
allocation for the subfunctions of injection, withdrawal,
inventory, and load balancing. PG&E filed its testimony on-an
aggregated storage basis but, when requested by the ALJ, filéd
supplemental testimony for the subfunctions of 1load balancing,
seasonal cycling and APD Protection.

The hearing record is contentious, particularly on the
issue of load balancing. Even in identifying the subfunctions,
while most parties agree on classification by injection,
withdrawal, and inventory, PG&E asserts there is no data on the
record in this proceeding to allow its facilities to be so.
classified. SoCal also baseéd its noncore demand estimatés not on
reliability criteria but instead on a proposed storage program it
has since withdrawn. By closing briefs, only McFarland and CGKG-
remain supportive of thé Commission subfunctionalizing LRMC for .
storage in this proceeding. SoCal statest

Among the issues that should bée decided in theé
storage investigation are: (1) what storage
costs are attributable to load balancing
service and how should those costs be allocated
among customer classeées? (2) what is the amount
of inventory capacity that should beé reserved
and allocated to seasonal cycling for the core
and wholesale classes, and what is the demand
for unbundled inventory capacity available to
the noncore class? (3) how much injection
capacity should be allocated to the core in
light of thé inventory capacity that will be
allocated to it? (Reply Brief, pp. 28-29.)

We find the evidentiary record here only supports
adopting aggregate marginal storage costs, The issués of load
balancing, subfunctionalization, and oéptimal investment levels have
been further developed in three weeks of hearings in 1.87-03-036
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and SoCal’s related application. If a decisiOn ‘in the storage:’ ""

proceeding authorizes SoCal to unbundle its storage services, thén
SoCal should présent a subfunctionalizéed showing in the
implementation proceeding. The showing should combine the factual
findings in thé storage proceeding with thé méthodology adopied
here.
3.5 Marginal Energy Costs and

Résidual Air Emission Values

The Commission’s guidelines did not direct energy
marginal cost bé included in the base-cases because the commodity
is unbundled from noncore rates. No utility included this_funCtion
in its filing and the only party to advocate its consideration;
TURN, recommends that should the Commission deveélop a full LRMC of
gas for resource evaluation and planning purposes, usé of the
Energy Commission’s most récéntly adoptéed long-term gas price
forecast would best suit the purpose.

Several parties did address the need for a residual
emissions value similar to the electric methodology. TURN
testified that consistency with électric ratemaking requires air
emissions values be included as a commodity-related cost tied to
actual therm usage, regardless of from whom the gas was purchased.
The value of residual émissions from natural gas combustion would
vary seasonally as well as across custoémer classes dué to
differences in typical combustion temperatures for varifous énd
uses. TURN recommends thé Commission adopt thé principle here and
direct the utilities to include estimates of such costs in their
BCAP implementation filings.

No other party recommends thé issue be resolved this
quickly. DRA supports further investigation, but would delay
consideration until after the first BCAPs following {ssuance of
this decision. PG&E and SDG&E assert no party provided substantive
testimony on thée issue and, thérefore, it would be premature to do
anything more than identify the topic as a possible area for future
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examinatfon. SoCal objects to the reflection of gas emissibns?éOSE
in its gas rates because it doés not beliéevé emissions costs are
reflected in the cost of other competing energy sources and because
implementation would result in shifts in cost allocation.
Opposition to consideration of residual emissions values also comes
from SCUPP and CIG. Their jointly sponsoréd rebuttal testimony
recommends TURN‘s proposal be rejected because it eéncourages
bypass. They assert this occurs because the volumétric allocation
of emission costs would shift additional reéevenué responsibility to
high load factor noncore customérs, who have potentially more
alternatives to utility transportation servicé than do others.

We find, consistent with electric énergy policy, residual
emissions valués should bé addressed in ratemaking. The
development of valuées on the electric-side has beéen a conmplex and
lengthy process. This issue does not have near-térm priority. We
will consider addressing this issue in our first re-evaluation of
LRMC methodology after the 1993 and 1994 BCAPs.

4. Reconciliation of Marginal Cost
Revenues to Revenue Requirement

Marginal cost revenues need to be scaled to the embedded-
based authorized revenue requirement under our ratemaking
procedures. It would only be by coincidence that marginal cost
revenues would equal a utility’s éembedded cost revenue requirément.
Without some type of reconciliation, the utilitiés will either
receive a windfall if marginal cost revenues aré greater than the
revenue requirement or a shortfall if the marginal cost revenues
are less than the révenue requiremént. The reconciliation steép
provides the companiés with a reasonable opportunity to earn their
authorized revenue requirement.

Our objeéctive is to do this in a fair manneér that
preserves the efficient pricing signals of marginal cost. Parties
used the Equal Percént of Marginal Cost (EPMC) developed in
electric ratemaking with recommended adjustménts for natural gas
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]appiicationg. Two types of adjustments are proposed; =
1. EPMC by function. PG&E recommends marginal cost revénues
for each function be reconciled té the embedded revenues associated
with that function. SDG&E and other wholesale customers recommend
a functionaljization that separateés transmission and storage from
distribution-related costs. S
2. Separate treatmént of nonbase revenues such as pipeline
déemand charges, balancing accounts and transition costs that have
previously beén established with specific core/noncore allocation
and risk sharing méthodology.

Electric ratemaking is done by “EPMC on tbtal'g. PG&E
proposed a functional approach for gas to eliminateé cross-subsidies
between functions, thereby better positioning itself to.competé in
potentially unbundled services such as storage and intrastate
transmission. Wholesale customérs and Vernon support
functionalization to isolate themselves from any common
distribution costs. PG&E’s testimony statest

*EPMC revenue reconciliation by function énsures
that the embedded costs for each component of
the system are allocated only to those
customérs using that component. For example,
under EPMC by function, a customer class using
transmission-only service would be allocated
only the class sharée of the embedded

8 CGMG did not advocate revenue reconciliation with EPMC- for any
unbundled services. Pricing services at long-run marginal costs
will force the utility to operate more efficiéntly and to make
economfcally efficient investment decisions regarding plant
éxpansfons. In the short run, if there are stranded costs that
have to be recovered somehow in the utilit{'s rates, its witness
récomménded the costs be allocated among all customeérs through
*somé sort of a ‘base rate’ concept” (CGMG O.B. p.l1l9%).

9 Under this approach, each class’ marginal revénue
responsibility is scaled up (or down) by the percéntage difference
betwéen total system marginal cost revenues and total system

embedded cost revenue responsibility.
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transmission revenue requirement. Thus,; there
is no cross subsidy among.customers using
different components of the transportation
system, "

% * "

~Additionally, the functional reconciliation
will provide the foundation for the unbundling
of services that PG&E éxpects to see as an
outcome of the storagé unbundling proceeding
(1.87-03-036)1 the capacity brokering
procéeeding (I.88-08-018) and the FERC’s Mega-

NOPR. Costs for any unbundled services can

simply bé treated separately in the cost

allocation process if and when the service

becomes unbundled, without affecting the

allocation of the rest of the revenue

requirement. Furthermore, reconciling by

function will allow PG&E to compete with other

providers of unbundled transportation service

who price their service at embedded cost and do

not subsidize other functions in their

pricing.”

Socal, DRA, Edison, TURN, CIG, and SCUPP support
reconciltiation to "EPMC on total". DRA’s testimony shows
mathematically that PG&E‘'s approach loses all demand-driven
marginal cost information. Further, it states “The éssential
benefit of marginal cost based rates is in fact the redistribution
of ratemaking costs amongst the various aspects of utility service
to reflect current and future market conditions for each service
function® (Ex. MC-36, p. 1-5). Generally, the marginal costs for
transmission and storage are higher than the book-valued capital
assets while marginal distribution and customer-costs are quite

close to embedded costs. Opponents of EPMC by function agree with

Edison’s assessmentt

=(1) it does not use the marginal cost
information developed in Phase I} (2) EPMC by
total results in more efficient outcomes than
EPMC by function} (3) marginal costs, not
embedded costs, are the relevant measure of
subsidies so PGLE’s proposal to scale back
revenues to embedded levels actually increases
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rather than decreases the potential for cross

subsidization; and (4) EPMC by total is

consistent with unbundling so long as the

utility has the ability to flexibly price

between its EPMC-scaled price and marginal

costs.* (Edison O.B., p. 33.) 7

The arguménts of SDG&E, Palo Alto, Vernon, and Long Beach
that EPMC by total unfairly allocatés them retail distribution
costs hinges on whether embedded or marginal costing provides the
accurateé measure of cost incurrence. As SCUPP arguess

*PG&E advocates functional scaling, but its

witness acknowledged the mathéematical

correctness of DRA's analysis. And the witness

for San Diego Gas & Electric Company (’SDG&E‘’),

while complaining of ‘cross-subsidies’ in the

proposals of SoCalGas and DRA, recognizés that

the ’subsidy’ results from the marginal cost

calculations themselves, not thé reconciliation

method. In short, the critics of

reconciliation by total (or ’‘true’) EPMC appéar

to quarrel with the results, not the method

itself. Their recommendations should therefore

be rejected.” (SCUPP O.B., pp. 29-30.)

We find EPMC by total to beé appropriate for néturai'gas
as well as electric ratemaking. We cannot support at this time
wholésalers’ argument that embedded rather than marginal costs
better reflect the cost of facilities they utilize as this is
contrary to the fundamental premise of this proceeding. The -
concern expressed with being included in a revenue reconciliation
scaler is also problematic. In this proceeding, marginal costs are
scaled up, but in future proceedings wholesale customers could
benéfit from the scaling down of LRMC to a revenue requirement. HWe
réjéct the use of embédded costs--functional EPMC--to set their
revenue allocation or justify a different revenue reconcilliation
treatment. We remain concerned that the unique nature of wholesale

customers may warrant treatment that correctly excludes thém from
cost allocations.
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The next issue is defining the base revenues for EPMC, - -
PG&E proposes the entire révenue requirement be reconciled by EPMC.
SDG&E proposes treating existing balancing account balances by
established allocation methodology and costs incurred after LRMC
implementation by EPMC. SoCal, DRA, TURN, and other parties
support retaining the existing balancing account treatment dué to
the Commission’s previous determination of customer obligations and
considerations of equity.

Gas ratemaking differs from electric in that we have
divided gas customers into a core/noncore grouping and assigned
each different cost responsibilities. Whén the Commission
instituted gas restructuring it designated certain costs as
“transition costs" and elected to allocate these costs on an equal
cents/thérm basis. We also determined the fixed costs assignéd to
the core are fully protected by a balancing account while the
utility is at risk for 25% of the fixed costs allocated té the
noncore. Lastly, wé récently decided in our capacity brokering
D.92-07-025 that interstate pipéline demand charges should be
unbundled and assigned directly to difféerent customers.

We will retain existing balancing account treatment for
the implementation phasé and revisit the issue in the next BCAP
cycle. We will also continue t¢ treat Lost and Unaccounted For Gas
(LUAF) on an equal cénts per therm basis until SoCal and SDG&LE
submit the results of their studies and PG&E updates its supporting
data. We find reasonable DRA’s recommendation that EOR contract
revenues, to the eéxtent they exceed EOR nmarginal cost revenues,
should be used to reduce the EPMC scaler,

Thé EPMC scaler for each reéspondent utility ist 6% for
PG&E} 16% for SoCal} and -8% for SDG4E.
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5. Proposals for Modification of Customer Classes
5.1 Segmentation of the Industrial Class o
Only one of the respondent utilities, PG&E, proposed
dividing the industrial class. PGL4E’'s proposal is for two
subclasses, thosé customers with peak month usage gréater than
500,000 therms and those with peak month usage léss than 500,000
therms. PG4E’s primary purposé for this recommendation is to
prevent uneconomic bypass and théey are supported for this reason by
TURN., ’

Several parties, CIG, SCUPP, IP, CGMG, and initially DRA,
strongly oppose segméntation by size rather than by a
transmission/distribution split as cost differentiation is more
related to the facilities used to serve the customer than the size
of.the customer. SoCal makes a related recommendation with respect
to the distribution system, using high and medium pressure sérvice.
soCal‘’s aiternative proposal, which was not carried through from
cost developmént to rate design, was addréssed in section 2.3.4.

IP presents a general proposal to split PG&E into four industrial
schédules and SoCal into six.

He find thé evidence supports service level distinction’
having a strongér cost foundation than sizé. PG&E testifies it
ségménted thé classes based upon cost differences, but the cost
différence is primarily service level based. PG&E witness Burns’
testified that intraclass cost differencesi

*..s0occur primarily due to the cost of the
facilities that are réquired to servé each
industrial customer subgroup. The biggest
déterminant of cost distinctions by size is
that PGLE requires relatively fewer facilities
to servé larger customérs bécause larger
customers often take service at the
transmissfon level.® (CIG 0.B., p. 84.)

The main concern in using service level distinction is
that expressed previously by the Commission in Rate Design for

Unbundled Gas Utfility Services (1987) 26 CPUC 2d 213, 260-1:
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Upon closer examination, we now agree with DGS
that service level differentials for gas
service are not analogous to service level
differentials for electrical service. For
electrical service, the customer chooses its
level of service according to its own needs . and
convenience. Service at the transmission level
is offered over a very wide géographic area.
For gas service, on the other hand,
transmission service is only provided in the
very narrow geographic areas where a
transmission line is located.

The result of the transmission/distribution

level split would be that customers would

suffer discrimination based upon geographic

location. This proposal may be cost-based, but

the purpose of cost-based rates is to send an

econonic si?nal to customers so that théy can

make economically-based decisions. In this

case, most customers would have no choice of

service lével. Where customers have no options

to éxercise, the need to have rates reflect

exact cost incurrence is lost.

He believe our development of LRMC methodology and the
emerging bypass options available to customers provide a different
setting than when we considered industrial class segmentation in
1987. oOur record here is incomplete; SoCal, SDGLE, DRA, and CIG
request we defer a decision on segmentation until more detailed
information can be examined in the implementation phase. RWe direct
the respondent utilities to work with interested partiés to provide
the information necessary for us to consider segmentation propdsals

that include service level distinctions in the implementation
proceedings.

5.2 Combining the UEG and Cogeneration Classes :
SoCal’s initial filing proposes combining the UEG an

Cogenération classes into a single class in order to be able to
offer firm service discounts to individual UEG plants capable of
uneconomic bypass without having to reflect the discounts in
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“ ‘cogéneration customers rates. SoCal beliéves its proposal meets .

'ihéirété'parity requirement of PU Code § 454.4.°°

— o california Cogeneration Council (CCC) supports the single

‘_éléctric'generatIOn class but insists any individual UEG discounts
be included in rate parity calculations and provides its own
‘contract methodology to replace current ratéemaking pféctidé-

PG&E, Edison, and SCUPP do not support combining the rate
classes as the cost differences between them would bé masked. DRA
récomménds combining the classes but retaining a cost of service
subtotal for each separately, so that the extent of the
cogenération subsidy can be easily ascertained. No party supports
CCC's rate parity position. DRA considers the CCC proposal
inequitable for three reasonst

1. Including the effect of discounts in :

UEG/cogen parity calculation requires the

LDC to offer a larger discount than would
otherwise be the case.

The proposal résults in cogenerators paying
a raté that is actually less than that paid
by UEG facilities that are not receiving a
discount (see Ex. MC-65, Table 4).

Potential discounts to cogenérators are not
considered in the rate parity calculation,
only discounts to UEGs. This potential
windfall for individual cogenerxators is
quite possible as SoCal has a pending
advice letter seeking authority to offer -
substantial discounts to threé cogeneration
customers. (DRA O.B. pp. 73-5.)

: we have requests for firm service discounting before us
in other forums. We are not deciding the issue here and therefore
thé;requests to set rate parity methodology incorporating or

 excluding discounts is premature. We should retain séparate
customer classes for UEG and cogeneration for the purpose of

reflecting cost differences.
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. 5. 3 Core Deaveraqi_g

Core deaveraging of rates is proposed by SoCal in itsl
filing. Commission policy has been to average the rates of core
réesidential and commercial schedules. SoCal testifies this policy
creatés subsidies within the core class which unduly benefit
residential ratepayérs and should be re-éxamined by thé Commission.
Many parties share SoCal's concern but do not support the issue
being resolved at this time; théy indicate the objective and first
priority of this proceeding is to move from embedded-base rates to
LRMC. The illustrative rate impact of SoCal’s proposal is far
greater than the rate impact of shifting to LRMC. DRA notes the
transportation component of residéntial rates could increéase by as
much as 22% and the transportation component of nonresidential core
rates could decrease by as much as 60%.

SoCal later indicated it does not attach a near ternm
priority to this recommendation. The only party advocating
immediate adoption is CGMG, a party also requesting immediate
implementation of unbundled LRMC rates, '

TURN recommends that if the Commission addresses this
issue in the future, it should do so with cost information based on
more than an end-use classification. It cites both PG&E and SoCal
as agreeing that end use, in and of itself, is not a cost-based

distinction.
We agreeé core customers’ cost and class definitions would

need to be re-examined in connection with core raté deaveraging.

We believe the issue is appropriately considered in a cost
allocation proceeding, and we will consider it in the 1993 and 1994
BCAPs,

5.4 Individual wWholesale Customer Classés
The City of Palo Alto requests the Commission treat éach

of the four wholesalé customers on PG&E’s system as a separate
class for the purpose of allocating LRMC. 1Its recommended
methodology was submitted as written testimony, which no party at
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. the hearing chose to cross-examine; and the testimony waé'féCéivEd'
in evidence as Exhibit MC-90.

PGLE states it does not oppose Palo Alto s proposal but
offers no further support. DRA opposés the proposal, stating this
levél of disagygregation is unneécessary at the present time and
further complicates theé allocation process., Additionally, if/thisf
request is granted, it is likely to lead to requests by some of the
larger industrial customers for individual cost allocations.

We do not find Palo Alto provides a compélling reason to
add further complexity to thé allocation process and its réquest is
denied at this time. However, in the implementation phase-
wholesale customers will be allowed to show how they are unfairly
harmed by use of EPMC by total,

6. Additional Rate Design Proposals
6.1 Rate Caps and Floors

For several years weé have plannéd to use LRMC infofmétiOn
in rate setting. Competitive market forces quicken our timetable
to incorporate this information in decision-making. : :

Parties addressed the issue of rate caps and floors in
this proceeding. Most recognized thée potential neéd to mitigate
rate shock in the transition to LRMC methodology.

DRA recommends capping rateé increases at 5% above the
system average rate change, the usual electric cap. TURN supports
a 3% cap. SoCal and Edison support a cap of "at least 5%," CIG and
SCUPP find a cap unnecessary but recommend, if one is adopted, it
be at least 10%. SDG4E strongly supports capping core rates but
éxcluding wholesale customers from a recovery mechanismj PG&LE would
wait until impleméntation to determine what is needed.

IEP/GRA asserts there is substantial reason to doubt the
integrity of the data underlying the utilities proposals,
especially for the UEG class, and therefore recommends against
impleméntation of LRMC at this point. Should the Commission
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determine to move forward, IEP recommends rate ‘changé be limlted to'
system average percentage change, plus or minus 5%. " ' .

NO other party recommends a floor, howéver, TURN's states
its cautious récommendation of a 3% cap addresses uncertaintiest
*the potential benefits of rapid movement are outweighed by the
réal potential for changes of direction in the ﬂot-too?diStant
future* (TURN 0.B. p. 61).

He recognize that significant rate changés may result
from implementation of marginal cost based ratés. The realities of
the competitive market for natural gas in California and the
substantial opportunities for bypass require an expeditious
implementation of LRMC-based rates. Based on the illustrative
rates which appear in Appendix C, in contrast to thé ALJ’s proposed
decision, we are not inclined to consider any rate caps or rate
floors.
6.2 Customer-Specific Discounting of Rates

SoCal initially advanced a proposal for discountlng of
rates on a customer-specific basis. Parties positions varied,
although thosé supporting the concept generally set a floor at the .
customer’s class LRMC. At final briefs, SoCal, PG&4E, SDG&E, and
DRA request the issué not be decided on this record. We have
proposals before us in other filings and will not decide it here.
6.3 Stand-by Rates :

DRA proposes thatt

*Bypass customers who wish to maintain either
partial service or standby service from gas

utilities should be charged a peaking service
raté as proposed by Soca? Gas in the storage
unbundling proceéeéding." (Ex. MC-36, p. 1-3.)

No party presented a specific proposal herée. Although
this was initially an issue in the storage proceeding, ALJ Weil
deferred consideration of the issue to the SoCal BCAP to be filed
in the spring of 1993, Since stand-by rates are a toél which the
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- Commission should consider, parties wishlng to propose stand-by or
peaking rates may do so in the BCAPs.
6.4 Unbundled Servicé Options

CGMG requests that the Commission establish unbundled
LRMC for poténtial service options, specifically functionalized
storage, gas gathering, billing, and brokeragé costs for core
customers. SoCal and McFarland support establishing functionalized
storage costs; the record limitations which préclude such action .
are discussed in Séction 3.4.

CGMG presents only general testimony on thé feasibility
and desirability of unbundled service options for gas gathering,
billing, and core brokerage costs. PG&E witnéss Sneider testifies
to a legislative prohibition that does not allow gathéring costs to
be separately charged in rates, thereby making cost collection an
unproductive exercise. We find insufficient évidence to consider
these issues and, with a crowded gas agenda beforé us, assign them
a low priority. _

6.5 Sofal Request for Interim Rates _

SoCal requests that the Commission authorize an interim
reallocation of costs from this record. It requésts the 60%/40%
reallocation of A&G éxpénses proposed by ALJ Barnétt but not
adopted by the Commission in SoCal’s last BCAP be placed into rates
on January 1, 1993, SoCal statés the request is not based on any
relationship to our LRMC record; it’s purposé is to quickly move
rates in the direction indicated by the illustrative LRMC numbers.
SoCal furthér asserts that despite specific rulings stating this
proceeding would not implément rates, there is no statuté or rule
that requires notice to the public when a rate change is imposed at
the initiative of the Commission,

We find SoCal’s request that we would consider
authorizing a rate increase without notice and evidentiary support
without merit. 1Its request is denied.
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y Inplementation Schedule :

The objective of this _proceeding since the September 1991 .
prehearing conferencé has been to adopt LRMC methodology for
implementation in the next utility BCAPs. SoCal and SDG&E's BCAP
schedules provide a March 1993 filing date with rates effective.
Octobér 1, 1993. PG&E’s next BCAP filing date is August 1993 with
rates scheduled to be éffective April 1, 1994.1 :

Several parties advocate we implement LRMC-based rates
soonér. The proposed décision requested partiés comment on two
expedited schedules. Oné proposal was to consolidate PG&E *
implementation in SoCal and SDG&E’s BCAP procéeding. The other
alternative was a PG&E proposal to use a streamlined process of
compliance filings and workshops to achiéve rate implementation for
all three utilities by Juné 1, 1993,

Several parties’ comments to thé proposed decision
support the June lst rapid implementation schedule, citing the néed
to quickly place noncoré customer raté decreases in effect and to
segment the industrial class into subclasses which more accurateély
reflect costs of service. SoCal strongly advocates a June
implementation schedule for all threé utilities. However, SoCal
believes its BCAP filing should remain a separate proceeding with
the March filing date postponed. SoCal states that it cannot
prepare both filings at the same time. PG&E also addresses
coordinating proceedings by réecommending its August 1993 BCAP
should instead be filed oné year after SoCal'’s.

DRA does not support PG&E‘’s June 1 implementation
schedulé as it effectively eliminates both hearings and briefing.
TURN appreciates the Commission’s desire to move forward quickly

10 A delay of several months is common. SoCal and SDG&Es last
BCAP decision issued in December 1991 rather than Septembér 1491
and PG4E’s recent decision issued in October 1992 rather than

March 1992,
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f;with LRMC implementation while expressing concern that any adopted
‘ schédule provide adequate time for review and comment by the .
© partiés on the utilities submissions. TURN supports a- highly
expedited implementation schedule éloﬁg the general lines of that
proposéd by PGSE only if throughput forécasts and revenue - o
requiréments are held constant at’ the most recently approveéd levels
. and noé updating or other modifications of the adopted marginal
costs will be undertaken unless specifically ordered by the.

Commission in this decision. :
We will move forward with a rapid impleméntation schedule

‘while carefully ensuring parties havée adequate opportunity for
review and comment by including & full hearing process and
adopting TURN’s recommendation on thé scope of the. proceeding.
We also find merit in SoCal’s récomméndation to retain a séparate
but coordinated BCAP proceéding. ~The later SoCal/SDGLE BCAP filing
could also accommodate any rate implementation from othér gas
régulatory changes we arée presently c0nsidering.

Our adopted schedulé is:

11

iy Riumcg "
available - February 1,-1993
SDGSE implementation filing February 9, 1993
Prehearing Confeéerence | Februarj li, 1993
Workshop on PG&E filing February 17,'1993
Workshop - SoCal filing February 22, 1993
Workshop - SDG&E filing Pebruary 25, 1993
DRA testimony served March 19, 1993

11 If the utilities’ filings do not generate controversy, or if
contésted issues are résolved in workshops, rate implementation

will occur sooner.

@ - 61 -
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Intervenor testimony served .- Héféhjﬁlg 1993

Hearings April 12-23, 1993
Briefs filed May 23, 1993
Proposed Decision mailed July 23; 1§931
Final Commission decision August/September
SoCal BCAP filing August 1, 1993
PGEE BCAP filing August 1, 1994
_ The implementation filings will use only the methodology
and resourcée plans adopted in this decision and the most recent
Commission approved throughput foreécasts and revenue requirements,
with thé following exceéptions: ‘ '
1. PRach utility shall propose segmentation of
the industrial class by service level
distinctions. Any segmentation proposal
that relies on increasing the number of
utility functions must show marginal costs

for each function consistent with the
methods adopted in this decision.

1f the decision in pending storage
proceeding, I1.87-03-036, authorizes SoCal
to unbundle its storage servicés, then
SoCal should présént a subfunctionalized
showing in the implementation proceéeding.
The showing should combine the factual
findings in the storage proceeding with the
methodology adopted in this decision. :

In its implementation showing SoCal should
develop demand forecasts and corresponding
marginal demand measures based on separate
marginal demand méasures for high-pressure -
and medium-pressure distribution facilities
as adopted in this decision. SoCal should
also provide materials showing distribution
facilities used in eéach class.

soCal must reflect its UEG distribution-
level deliveries.
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8. Forum to Update Resource Plans and
Review Adopted LRMC Methodology

The expedited impléméntation phase outlinéd in the
previous section does not allow for revisions to the adopted
resource plans and LRMC methodology. We préfer to review resource
planning in general rate cases and LRMC in cost allocation
proceedings. This is different from electric, where an annual
schedule for ECAC proceedings does not permit us the necessary
review period. The néxt 1993 and 1994 BCAPs (following
impleméentation) is the forum that best provides the three
respondents an opportunity to update LRMC methodology.

9. Petition to Modify

CIG, SCUPP, and IP filed a Joint Petition to Modify
Decision 90-07-055 and to Limit Scope of Long-run Marginal Cost
Proceeding on November 1, 1991. They filed the petition to prevent
rates based on LRMC methodology from beéing implemented in ratés as
required by D.90-07-055 because "the methodology for gas utilities
is in its infancy and any attempt to immediately use LRMC studies
for ratemaking purposes is highly prémature and would likely lead
to substantial rate instability" (p. 2).

Petitioners had requested the Commission modify
D.90-07-055 by limiting the scope of this proceeding to developing
LRMC studies for use in the gas utilities’ long-range planning
processes. 1If this recommendation is rejected, thén they requested
the opportunity to demonstraté that the existing embedded cost
methodology is supérfor to the use of long-run marginal cost. CIG,
SCUPP and IP asserted they "have no confidencé that the first,
second, or even third iteration of LRMC studies will provide a
sufficiently accuraté and relfable basis on which to formulate
actual rates*® (p. 2).

Thé Division of Ratepayer Advocates (DRA) noted in its
response the petitioners are effectively seéeking to overturn the
October 25, 1991 ALJ ruling that set the scope and schedule for the
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proceeding. Petitioners advanced the same arguménts unsuccessfully
in written comménts prior to the ruling. ; - .
The joint petition is effectively moot. We find the

increaséd pressuré of today’s competitive market forces do not -
pernit further delay in movement to LRMC-based rate design. The
concerns exprésséd by petitioners have beén addressed through our
careful selection of methodology: The petition to modify D.90-07-
055 is denied.
Findings of_ Fact

1. This proceeding adopts the first long-run marginal cost
methodology for California gas utilities.

2. An appropriately planned systém meets customers' neéds
at the lowest total cost. 7

3. It is beneficial for each of the utilities to provide
explicit reliability objectives for both coré and noncore customer

groups. o
4. In récent years there have been significant changes in
PG4E’'s long-térm forecasts of demand growth by class.

5. PGSE and SoCal have not presented any evidence that
would indicate that their core customers actually value extreémé
peak day service highly enough that they would be willing to pay
what it costs to provide it.

6. The appropriate forum in which to éxamine gas industry
resource planning under our current régulatory environment is

general rate cases,
7. PG&4E’s local transmission plan is reasonable to usé to

calculate marginal costs in this proceeding.
8. PGLE’'s rationale for its backbone transmission and

storage plan does not meet a least-cost planning standard.
9. A Line 300 expansion for PG&E is a least-cost approach

to estimating marginal costs of transmission.
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"10.  The récord supports DRA’s classification of Line 6900
expansion as exclusivély for SDG&E and eXclusive-use facilities arxe
best treated as customer costs.

11. The record also supports DRA’s $10 million storage
adjustment, as SoCal’s witneéss Phillips testified that additional
invéestment would be dependent on noncore requireménts that remain
uncertain. _ ' S

12, SocCal will have sufficient excess capacity on its long-
line transmission systems so that SoCal will not have to make -
capital expenditures to expand this capacity over the entire 15-
year transmission planning horizon.

13. SoCal’s rates should signal customers that theée marginal
cost of transmission service is, at this point in time, quite low.

14. It is reasonable to adopt SoCal’s planned investments
in transmission and storage as set forth in its filing at Tableée 1,
Ex. MC-11 with the éxception of DRA‘’s adjustments to Line 6900
tréeatment and to thé decrease in storagée withdrawl investment.

15. It is not reasonable to burden SoCal ratepayeéers with
"phantom® charges reflective of the cost of new capacity for the
use of existing, sunk capacity that is already in eéxcess of demand.

16. If the PGT/PG&E interconnection facilities receive
incremental rate treatment in A.92-04-031, both the PGT/PGS&E
interconnection costs and the Wheeéler Ridge compression facilities,
A.90-11-035, should be excluded from SoCal’s resource plan. If
Kern/Mojave recéives rolled-in rate treatment, the most recent
adopted estimates for both sets of costs should be used in the

impleméntation filing.
17. No party proposéd an adjustment to SDGLE’s reésource

plan and it appears reasonable,
18, Gas transmission is clearly interrelatéd with storage.
19, Cold-year demand and cold-year peak season demand are
the best estimates of the demand-causing transmission costs on the
SoCal and PG&E backbone systems, respectively. The compressor fuel
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costs on the transmission systems aré assigned Separatelyi"Thef
unit c¢ost estimate is multiplied by average year throughput’fdr
allocation purposes.

20. It is appropriate to designate local transmission
systems for PG&E and SDG&E. '

21. It is appropriate to designaté a high-pressure
distribution system for SoCal. '

22, Use of a cold year coincident peak month measure for
local transmission on SDG&E and PG&E systéms best reflécts the cost
responsibility of customers using the system.

23. Given the similarities between PG&E’s local
transmission system and SoCal’s high-pressure distribution systenm,
use of a cold year coincident peak month measure for SoCal’s high-
pressuré distribution system best reflécts the cost responsibility
of customérs using the systen.

24. Cold year winter season réflects best the combination
of the storage functions provided by thé utilities.

25, The utilities’ recommendation of peak day margihal
demand measures for their distribution systems better reflect
system planning criteria and cost causation.

26. The total inveéstment method is the best méasuremént for
marginal capital costs of transmission and storage costs. The NERA
regression approach yielded a strong correlation for distribution
systéms and is suitable for this function.

217. It is appropriate to adopt for gas LRMC the electric
practice established in D.86-08-083 (Pacific Gas and Electric -
Company (1986) 21 cpuc2d 613, 615) to specifically exclude
marketing, seérvice planning, and load management. expéenses from'
marginal customer cost expenses, provide for réflection of
improvement costs for access equipment of existing customers, and
use a weighted customer average rather than investment level for

class allocation.
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28, Uncolléctibles are best treated as a marginal revenue

. cost. S o
' 29. DRA’s demand-relateéd O&M methodology, using current
period costs, is reasonable on an interim basis.
30. We find reasonablé and adopt the following adjustmentst
Reassignment of PG&4E’s meter and regulators
(Accounts 876 and 8901 from the customer
function to the distribution function based

on FERC account descriptions.

Adjustment of SDG&E’s distribution accounts
887 and 892 to reflect labor cost savings
from future plastic pipe installations.

This is consistent with the capital cost
inclusion of technological improvements made

in later sections.

Reassignment of SoCal’s mains related costs
from the customer function to the '
distribution function, consistent with our
rejection of the minimum distribution system
proposal in Section 3.2. -
31. It is reasonablé to calculate marginal M&S costs using a
M&S/MDM rating similar to demand-related OsM. :
32, 8SoCal followed an appr0pria£e approach for calculating
marginal A&G expenses. SoCal analyzes the extent to which each
account is marginal or nonmarginal and its A&G 5Study shows that
approximately 51% of its A4G costs are noﬁmarginal. PG&E and SDG&E
should perform their own system studies applying SoCal’s analysis.
33. The record does not support Vernon’s requést that
wholesalé customers be excused from any responsibility for 50
percent of the A&G component of thé revenue requirément.
34. DRA’‘s recommendation to express marginal genéral plant
costs as a ratio to 0&M labor is consistent with our methodology.
35. Working capital is caused by factors broader than plant

or rate base.
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36. The appropriate méthodology for determining the cost of
access equipment is DRA’s rental market approach as it reécognizes
thé opportunity costs of existing facilities.

37. The proposals of TURN and PG&E provide no persuasiVe
reasons for the Commission to deviaté from established electric
méthodology. :

38. The record does not support Socal's proposal for a
minimum distribution system component to marginal customer costs.

39. gZero-intercept methodology has also been unsuccessfully
advanced on the electric-side. '

40. The record does not support TURN’s proposal to exclude a
ninimum distribution system proxy from customer costs.

41. DRA's Service, Regulator, and Meter (SRM) method draws
the "brightest line" between customer and demand related costs,
thereby providing a simple, but accurate basis for caICUIatin§
marginal customer costs.

42. Marginal customér costs also include the dedicated
facilities of all large customers.

43. Each respondent utility should énsure that all large
customers'’ dedicated cost assignments are included in its
implementation filing.

44. DRA’s position that futuré replacement of existing
service lines creates a significantly higher cost than néw
installation and must be réeflected in the marginal cost is also
consistent with électric LRMC methodology.

45. It is reasonable for the utilitiés to keep separate
records of replacement costs and new business for the service
lines, and to track the trenching share to the gas company for new
installations.

46. All methodologies have difficulty in précisely
identifying marginal demand-related distribution costs. The best
approach is the simpler, bright-line SRM approach, which treats all
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SRH facilities as customer related and all distribution facilities
as demand related. : -

47, Exhibit 45 shows 10 of SoCal’s 23 UEG customer plants,
8.3% of annual UEG deliveries, aré served at distribution level)
SoCal’s ignorance in this mattérx causes some concern régarding the
fundamental data underlying LRMC.

48. DRA’s future replacement cost adjustment for
distribution costs is consistent with thé methodology and rationale
for measurement of marginal customer-costs.

49, We find the argument for a longer period for
distribution investments, consisting of 10 years historical and 5
years forecast, to beé persuasive.

50. No party in the proceeding, including the respondent
utilities, arques that estimateés of interstateé transmission
marginal costs areé necessary for retail ratemaking.

51. Adopting an LDC interstate transmission marginal cost is
nefther necessary nor beneficial. ' _

52, We find the evidentiary record here is insufficient to
adopt subfunctionalized marginal storage costs. :

53. The Commission’s gquidelines did not direct energy-
marginal cost be included in the base-cases because the commodity
is unbundléd from noncore rates., :

54. Consistent with electric eénergy policy, residual
emissions values should be addressed in ratemaking.

55. Electric ratemaking is done by Equal Percentage of
Marginal Costs (EPMC) on total.

56. DRA’s testimony shows mathématically that PG&E’s EPHC by
function approach loses all déemand-driven marginal cost
information.

57. Generally, the marginal costs for transmission and
storage are higher than the book-valued capital asséts while
marginal distribution and customer-costs are quité close to

embedded costs.
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58, EPMC by total is appropriaté for natural gas as well ‘as o
electric ratemaking as it best preéservés the marginal cost signals.

59. wWholesalers’ arqument that embedded rather thén<mar§inal
costs better reflect the cost of facilities they utilize is
contrary to the fundamental premisé of this proceeding.

60. Gas ratemaking differs from electric in that we have
divided gas customers into a core/noncore grouping and assigned
each different cost responsibilities. It is thereforé appropriate
to retain existing balancing account treatment for the
implementation phase.

61. The record supports continuing to treat Lost and
Unaccounted For Gas (LUAF) on an equal cents per therm basis until
SoCal and SDG&E submit in the BCAP following implementation thé -
results of their studies and PG&E updates its supporting data.

62.  DRA's recommendation that EOR contract revenues, to the
extent they exceed EOR marginal cost revénues, should be used to
reduce the EPMC scaler is reasonable.

63. The evidencé supports service level distinction having a
stronger cost foundation than size.

64. Our development of LRMC methodology and the emérging
bypass options available to customers provide a different setting’
than when we considered industrial class segmentation in 1987.

65. Our record hére is incomplete} we find it preferable to
defer a decision on industrial class segmentation untfl more
detailed fnformatfon can be examined in the implementation phase.

66. It is reasonable to retain separate customer classes for
UEG and cogeneration for the purpose of reflecting cost
differences, :

67. Commission policy has béen to average the rates of core
residential and commercial schedules.

68. The issue of core deaveraging is appropriately
considered in a cost allocation proéceeding, and we will consider it

in the 1993 and 1994 BCAPs.
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69. The illustrative rate 1mpact of SoCal‘s deavaraging
proposal is far greater than the rate impact of shifting to LRMC.

70. Palo Alto does not provide a compelling reason to add
further complexity to the allocation procéss by treating each
individual wholesale customer as a separaté class for revenue
aAllocation at this time. 1In the impleméntation phase wholésale
customérs will be allowed to show how they are unfairly harmed by
use of EPMC by total, '

71. Baséd upon the illustrativé rateés in this proceeding, it
is not necessary to consider rate caps and rate floors.

72. This is not the forum for the Commission t6 consider a
proposal for discounting of rates on a customer-specific basis.

73. We find insufficient evidenceé to consider unbundled LRMC
for gas gathering, billing, and brokeragé costs for core customers.

74. SoCal’s request for an interim raté changé is not based
on any relationship to our LRMC record.

75. 1t is reasonable for PG4E in its 1994 BCAP filing to
update its local transmission resource plan to includé at leéast ten
years’ of data and to révise its servicé line léngth estimates to
reflect class cost differences. _

76, It is preferable to review resource planning in general
rate casés and LRMC in cost allocation proceédings.

77. The concerns raised by and CIG, SCUPP, and IP in their
November 1, 1991 Joint Petition to Modify Decision 90-07-055 and to
Limit Scope of lLong-run Marginal Cost Proceeding have been
addressed through our careful selection of méthodology.

78. Our adopted implementation schedule is reasdénable and

protects parties’ duée process concérns.
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. - ‘Conclusions of Law B
- .1, Natural gas resource plans for PG&LE, SoCal, and SDG&E

s;fho'u‘ld ¢

f.

Reflect an appropriately planned system
that meets customers’! needs at the lowest
total cost.

Use at least a 15-year planning horizon for
backbone transmission and storage and at
least a 10-year planning horizon for local
transmission.

Use short-term and long-term forecasts that
are thoroughly documented and that specify
all economic, load research, and end-use
assumptions.

Have adequaté underlying load data for each
customer class. At a minimum, this means
hourly load data for UEG customers, daily
load data for all noncore customers, and
statistically sampled daily load data for
core commercial and residential customers.

Contain UEG load forecasts that réflect the -
effects of weathér and electric generating
unit outages.

Contain explicit system design reliability
objectives for both corée and n:acore _
customers.

2. We should adopt the following marginal demand measures
for computing and allocating marginal cost revénuest

A

b.

Backbone Transmissiont Cold Year Peak
Season for PGLE and Cold Year for SoCal.

Local Transmissiont Cold Year Coincident
Peak Month for PG&E and SDG&E.

High-pressure Distribution: Cold Year
coincident Peak Month for SocCal.

Storaget Cold year Winter Season for PG&E,
SoCal, and SDG&E.
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d. Distributfon: Peak Day for PG&E and SOCal
and Cool Year Peak Day for SDG&E.

: - 3. The total investment method to calculate the marginal
capital costs of transmission and storage and the NERA regression
méethod té calculate the marginal capital costs of distribution

should be adopted.
4. We should adopt the following policies for calculating

marglnal cost expenses and loading factorst

a. Operating and Maintenance provideées for
customer-related O&M costs to reflect -
improvenent costs for access equipment of
existing customers; to use a weighted
customer average rather than investment
level for class ,allocation; and to exclude
marketing, service planning, load .
management and uncollectibles. Demand-
rélated OsM costs should be calculated
using DRA’s proposal of an O&M/MDM ratio.
The appropriateness of this ratio will be
reevaluated when the respondents submit -
further marginal analyses and régression

studies, as discussed in Section 2.5.1.

Materials and Supplies should be calculated
using a M&S/MDM ratio similar to demand-
related O&M. :

Administrative and General should be
calculated using SoCal’s marginal analysis
methodology. DRA's reéecommended proxies
should be used for PGLE and SDG&E until
they have performed their own system
studies.

d. General Plant should be calculated using
DRA’s GP/0O&M labor ratio.

e. Cash Working Capital should not be
reflected as a separate loader.

5. We should adopt for marginal customer costs DRA‘’s réntal

market approach using the service drop-regulator-meter (SRM)
invéstment cost method with adjustments for future replacement and

improvement costs.
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6. We should adopt for marginal distribution costs DRA‘s
demand-related facilities approach with adjdstment for future
replacement cost. Data used in the regréssion analysis should
include a time period mix of 10 year historical and 5-year
forecasted. SoCal should include its distribution-lével UEG léad
in its impleméntation filing.

7. It is neither necessary nor benéficial to adopt a
methodology for marginal interstateé transmission costs.

8. We do not have a sufficient record to subfunctionalize
storage costs. If the decision in the storage proceeding
authorizes SoCal to unbundle its storage services, then SoCal
should present a subfunctionalized showing in the implementation
proceeding. The showing should combine the factual f1nd1ngs in the
storage proceeding with thé methodology adopted here. :

9. It is neither necessary nor beneficial to adopt a
methodology for marginal energy costs.

10. We will consider addressing the issue of residual
emissions values in the next re-evaluation of LRMC methodology:

11. Marginal cost revenues should be scaled to thé authorized
revenue requirément using an EPMC on total method applieéd to the
base revenues rather than an EPMC by function tréatment for any
customer class. We should retain existing treatment of balancing
accounts and exclude EOR customers from the cost allocation
process, applying any EOR revénue credit toward reducing the EPMC
scaler.

12. Respondent utilities should work with interested parties
to provide the information necessary for us to consider in the
implementatfon phase industrial class segmentation proposals that
include service level distinctions.

13. Requests for firm service discounting are before us in
other forums, and we are not deciding the issue here; thereforé the
requests to-.set cogeneration class rate parity méthodology
incorporating or excluding discounts are premature.
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14, The issue of deaveraging core rates should not be :
consideréd until after the implémentation phase, and then only in’
conjunction with a re-examination of coré customers’ cost and class
definitions. | |

15. Stand-by rates are rate design tools we should consider
in today’s changing gas industry structure. '

16. SoCal’s request for an interim raté change should be
denied. '

17. We should adopt & géneric implementation phaseé for the
three utilities. PG&E would usé recently adopted throughput
tforecasts and revenué requirement changes and all three respondents

‘would file in February 1993. Unless directed otherwise in this
order, the utilities’ filings should usé the adopted resource plans
and LRMC meéthodology from this decision and the most recent
Commission approved throughput forecasts and revenué réquirements.

18. The petition to modify D.90-07-055 should be denied.

19. EPMC by total should be adopted for natural gas
ratemaking as it bést preserves marginal cost signals.

20. Wholesale customers in the implementation phase should be
allowed to show how they are harmed by the usé of EPMC by total.

ORDER

IT IS ORDERED that:!

1. The Long-run Marginal Cost (LRMC) methodology as sét
forth in the discussion, findings, and conclusions of this decision
is heréby adopted.

2. An expedited implementation prOceeding for pacific Gas
and EBlectric Company, Southeérn California Gas Company (SoCal), and
San Diego Gas & Electric Company (SDG&E) shall bé comménced. The
impleméntation filings will use only the methodology and résource
plans adopted in this decision and the most recent Commission
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. . : approved ‘throughput forecasts and réevénue requirre'r’né:rfitfs ‘- withthe .
. following exceptionst AR

s 1, Each utility shall propose segmentation of
the industrial class by sérvice lével
distinctions. Any segméntation proposal
that relies on increasing thé number of -
utility functions must show marginal costs
for each function consistént with the '
methods adopted in this decision.

1f the decision in pénding storage
proceéding, I1.87-03-036, authorizes SocCal
to unbundle its storage services, then
SoCal should préesent a subfunctionalized
showing in the implemeéntation proceéding.
The showing should combine the factual
findings in the storage proceeding with the
methodology adopted in this decision. :
In its implémentation showing SoCal should
present demand forecasts based on séparate
marginal demand measures for high- and
medfum- pressure distribution facilities as
adopted in this decision.

SoCal must reflect its utflity electric.
generation distribution-level delivéries.

Wholesalers can show that they are unfairly
harmed by Equal Percentage of Marginal Cost
on total. '

o .3.iaﬁesource planning shall be updated in general rate cases.
'LRHp;§h§j1 be updated in each utility’s cost allocation proceeéeding
foilbﬁlng the implementation proceeding. SoCal and SDG&E shall
file August 1, 1993. PG4E shall file August 1, 1994

4. The Joint Petition to Modify Decision (D.) 90-07-055

filed November 1, 1991 is denied.
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Css :"Tﬁiéffﬁiééédiﬁé :’éhéll remain open for the implementation ®
phase.’ ~ o
g This order is effective today.
Dated Décembéf 16, 1992, at San Francisco, Californla.

DANIEL Wm. FESSLER
- . President
JOHN B. OHANIAN
PATRICIA M. ECKERT
NORMAN D. SHUMWAY
Commissioners

| CERTIFY THAT THIS DECISION
WAS APPROVED BY THE ABOVE
| coxawsqomns roo.z\v, -
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APPENDIX B
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" pistribution 3 $142,705 46,302 ST,131 3196136  $20,651 0 35,18 20 A9
" Local Yransmission 8 $65,617  S1T,966 83,841 $87,425 322,025 314,596  $6,976 3,126  $134,141

" Backbone Transmasn Coinc. 5 $45,019 313,461 32,912 $61,392  $18,914  $17,021 36,798 32,711 $106,836
. Backbone Transmesn Noncoinc 11 34,816 1,781 2401 26,99 33,71 $4,160  $1,356 ' $359 16,581
" Storage 5 $17,041 $5,006 31,102 323,230 $7,160 26,643 32,573 31,026 240,441

LYY L)

%' Xotsl Marginal Rev. Responsfbility ~ $750,046  $130,328  $16,640  SB97,004  STT499  WO391 3,0 ST 31,055,200
. Marg Cost Rate (Ko Interstate) 36.09 17.00 9.65 29.73 4.3 2.68 3.97 4.62 14.53




. Residential

Small

© PGLE REVENUE ALLOCATION

Lerge

Commercial Commercial

swto;ol
 Qore

IND/P28

VEG

COGEN Wholesale

REVENUE: RECONCILIATION ($000)
| wPresent ‘Reverwe Responsib,
/- Present. Transport Retes
' Embedded Base Revenve -
fEPﬂq ‘tactor '
' Base Revenue Respons{bility at EPNC

<" Other Fixed Costs

Total. !
. Avg. Rate .(cents/th) No Class Avg.
" Gaqualized Marginel Rev, Responsib,
7 Avg. Rate (cents/th) Equalized Reva
. iX.Change from Present Rates
. SAPC 0.00%

. Cap ~100,00X% .
rLoor - 100,00%

- o .Core Gas . . 25.35

‘Capped Revenue Responsibility

Revenue, Difference

| Wefghted Shortfall Responsibility
" Shortfall Allocator

. Shortfall Allocation

"Final Revenue Responsibility
' _percent Change

$767,859
37.0

792,976
$160,897
953,873
45.90
817,425
39.3
6.46%

3817,425

30

$817,425

1

20

$817,425
6.46%

£208,384
38.9

$137,787
63,329
$201,116
26.24
327,533
42.7
9.7TT%

327,533

30

$327,533

1

30

$327,533
9. 77X

AN AR AR YR A saAseRas R RIRRERS

348,618
B2

$17,593
314,197
31,790
18,46
41,820
26,3
-13.98%

341,820

30

341,820

1

$0

41,820
-13,98%

21,114,860
37.0

$948,356

$238,622

$1,186,778

39.34

$1,186,778

30.3
6.,45%

$1,186,778

£185,307
1.3

381,935
369,623
$151,558
9.24
$151,558
9.2
“18.21%

$151,558
10

© $151,558

1,186,778
6.45%

1
0
$151,558

-18.21%

£156,869
T 8.5

251,144 315,188
8.5 95

Base Rev. Req, Only:

352,218
368,919
$121,137
6.56
$128,333
7.0
“18.19%

2128333
30
$128,333
1
30
$126,333
«18,19%

25,282 37,805
$25,754 37,055
$49,036 $14,840
8.5 9.2
$61,840 314,860
7.0 2.3
“18.19%  =2.16%

$41,840 $14,860

20 0
$41,840 $14,860
1. 1
30 0
$41,840 314,860

=18.19%  -2,16X

$1,523,369
2.0
$1,115,596
1.06
$1,115,596
407,773
31,523,369
20.97
31,523,369
21.0

0.00%

$1,523,369
30
$1,523,369

30
31,523,369
0.00x
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Residential

smt Com

GR<10

Lrg Comm

GN-20

Subtotal
Core

SOCAL GAS REVENUE ALLOCATION

Com/Ind

GN-30

COGEN Long Beach  SOGLE

Total

. MARGINAL CUSTOMER COSTS
Ancwsl Marginal Customer Coat
DEMAND-RELATED ‘MARGINAL COSTS
Distribution’ S7L76
Storage . $0.2529.
Local Transmission £0.0000
Tranamission Coincident  $0.0788
“Yransnission Noncoincident $0.0136

/DEMAND MEASURES (mdth) - CLndex)

X '#CM%CUltommgNw . n/a
’ 4,526,464
0
0
170,302
48,6413
0
Q
2,863
‘ - 10 . 320,190
Averasge Year - ' n 285,397
“Ave-Year AdJust. for Shrink . 12 205,397

. #0f Customers=Totsl 2
.+ Cold Winter Day Distrib Dem 3
. Cold Winter-Day Local Trans 4

“Ufnter Seanon s

¢ . CY Peak Konth . . 6
7

3

9

" .. €Y ‘Coinic. Peak Month
+..-CY Cotnic. Poak Month Loc T
. ~Cold Year Peak Day

JMARGINAL COST REVENUE RESPONSIBILITY ($000)
;«c(utmrdct:\ 2 $663,216
Ofstribution - - 9 $205,445
Local Transmission 8 30
“Backbone Tranemission Coinc 10 325,236
- sackbone Transmission Nonco n 33,839
Storage 5 343,085

" "yotal Marginel Reverve Responsibili
Marg. -Cost Rate (No Interstate) </T

$940,870
3297

3454

“n/a
220,363
o
0
43,665
11,262
0
0
601
100,639
03,547
93,547

$99,963
343,127
30
-$7,932
$1,275
$11,062

$163,338
17.46

36,329

n/a
558
0
0
5,828
1,435
0
-0
134
14,506
16,069
14,069

33,811
29,616
0
$1,143
$192
$1,474

$16,235
11.54

e
4,747,585
;o
0
219,875
61,110
0
0
3,598
435,335
393,012
393,012

LR L e e e e P e Y P P P Y e P P P P LY P PP P LR Y Y T )

$766,990
$258,187
30
336,311
45,355
355,600

$1,120,443
28,51

$16,0359

‘ na
832

0

0
36,136
8,644
0

.0
o248
106,808
105,796
105,794

$346, 869

R R R A S S P AR A N A Ea At AT S e a N s G e et SN Ad e at s sittunsasnanddnnsasasaaandavanes

n/a
8
0
0
50,259
-0

$10,851

$260,947 384,768

n/a
262
0
@
21,661
2,51
0
0
o2
65,342
66,789
6,789

n/a
1
0
0
11,247

30,248

n/e
4,748,489
0
-0
388,557
72,265
0
91,076
3,93
946,78%
891,150
891,150

$13,344
317,50
30
38,418
$1,442
39,138

49,923
4,72

Tassasvvesssadveesssmss

14,586
32,510
312,709

232,580
1.77

32,843
$6,602
30
45,150
883
35,477

320,955
3.2

0
30

9,741

1,541

2,806 312,486
35,952
1.96

324,610
2.18

$787,054
30
$74,620
£12,143
398,255

$1,254,443
14.08
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PN

SOCAL GAS REVENUE ALLOCATION

“Residential Sml Com  Lrp Conm Subtotal  -Com/Ind .
=10 CN=20 Core oN-30 UEG  COGEN Long Beach

REVENUE: RECONCILIATION. (3000)

Present Reverwe Responsib, 3,118,652 $379,100 342,706 31,540,465 S133,504  $148,696 364,960 319,355 1,986,859
Present.Transport Retes 39.20 40,53 30.35 39.20 12.62 a.58 8.58 6,40 22.30
Embedded ‘Base -Revenue . 1,458,023
EPMC Factor Base Rev. Req. Only: 1.16
Base Revenye Responsibility at EPMC - 31,095,561  $189,845 318,870 $1,302,277  $58,02 337,868 324,356 34,804 328,604 31,458,023
:Other . Fixed Costa . 238,876 75,519 311,068 £325,463 342,849 $73,597 225,477 $12,0Z5 350,525 529,632
7, Total Revenue Responsibility at €PN 31,332,437  $205,364 329,938  $1,627,740 $100,873 111,465 349,533  $18,917 379,127 31,987,655
Avg.’ Rate (cents/th) No-Clavs Avg. 46,69 28.37 21.28 41,42 953 6.05 7.65 6.25 7.00 22,30
- Equelized Msrginel Rev. Responsib. 31,182,029  3405,416 340,296  $1,627,7640 $100,873  $119,100 341,880  $18,917 179,127 31,987,455
Avg. Rate (cents/th) Equalized Reve 41,42 43.3% 28.64 41,42 9.53 6.47 6.47 6.25 7.00 22.30

. X'Change from Present Rates 5.67% £.94% “5.64% BOTh  =26.44% «26.65%  «26,65% “2.26%  «D.04% 0.04%
Y SA . 0.00%

100.00%
100.00%
. B 3 X 1 ,
Cnppod;‘nmlhupomibmty- ‘ $1,182,029 $405,414 340,296 $1,627,740 3100,873 $119,100 341,380 13,917 V0,127 $1,907,655
Reverve Ditference 30 30 %0 %0 10 0 0 20 30

Welghted Shortfall Responsibility $1,182,029 405,414 $40,296 $1,627,740 3100,073 $119,109 361,889 $18,917 379,127 31,987,455
Shortfall Atlocator - : " 1 1 1 1 1 1 1 1

Shortfati Allocation 30 30 30 0 - 30 30 $0 20 $0 $0
AMd]usted Revenve Responsibiiity $1,182,029  $405,416 340,296 $1,627,740  3100,873  $119,100  $41,8850 318,917 $79,127 1,987,655
£ S 5.67% 6.94%  ~5.64% Ba6TX  w26.44X  <24.65%  =20.65%  =2.26%  -0.94% 0.06X




" 1.86~06-005/CACO/PUF SOGLE ‘REVENUE ALLOCATION

- S$ml Comm Lrg Comm  Subtotal i
Resfdential GN=1 GN=2 " Core 1nd/7P2b Cogen Yotal

REVENUE RECONCILIATION ($000)

Prasent Revenue Responaib $152,772 24,661 32,286 SITO,MT 310,720 23,886 336,846 151,169
Present Yransport Retes . 40.30 23.94 18.33 40,30 15.86 10.38 10.38 22.86
‘Embedded Base Reverwes : 1158,808
EPHC Factor - Base Revenue Req. Onty: - 092
;hﬁﬂkmﬂ’m Responsibility at EPMC $130,899 $17,319 $1,344 149,562 35,007 $13,266 320,99 128,808
‘Other Fixed Costs $25,434 7,816 2934 34,186 3,081 7,332 817,764 262,361
" Total Rev Responaib at EPMC $156,332 $25,135 32,278 3185,746 38,088  $20,577 338,758 2251,169
003’.,A‘vg.‘ Rate. NoO Class Averaging 4T3 246,40 18.28 41,21 11.96 12.82 9.13 212.86
g, ‘Equalized Marg Rev. Responsib. $136,168 $42,443 35,135 SAB3, 746 38,088 316,273 343,062 251,169
VL Average Rate Equalized Revenuve W21 24,40 18.28 .21 11.96 10,14 10.14 22,86
XChange trom Present Rates 2.20% 1.92% «0.25% T 24X -26.55% -2.30% -2.30%° 0.00%
: S 0.00%
100.00%
100,00
wi 1% 1
iCapped Revenue Responsibility —  $156,332 $25,135 32,278 383,746 - 33,088 320,577 338,758
. Reverwe Difference | | 50 80 %0 %0 10 0 0
“Melghted Shortfall Responeibility $156,332 25,135 $2,278  S18%,746 38,088 320,577 338,738
- Shorttall Atlocator 1 1 1 1 1 1 1
‘shortfall Allocation 30 30 $0 50 20 0 0

$156,332 325,135 $2,278 $183,746 ‘38,088 320,577 338,758
2.33% 1.9 «0.,25% 2.20%  =24.55% -2.30% =2.30%




v ‘1576«:'92 .

1.86~06-005/CACO/PUF

-Sml Comm

Residential GN=1

SOGRE REVEWUE ALLOCAYIOW

subtotal
" Core

Leg Comm

GN-2 1nd/P2b Cogen

- 'UNIT.HARGNIML COsTS
. Customer costs
bistribution
'Trmﬂuim Fuel.

';'trminion Fucilitin_ ,

"DEWAND MEASURES  (mdthy

.Muubor of Cuntomers
~C'( Co‘nc. Pnk Mo.
1:1' NCoinc PO,
Average Year Mth

I CY-Peak Semson

: CooL Near Peak Day

' AdJust Ave Yesr

_wo--------q.—------.--a-------1.-----q---c--c--qo----.-.a------..--

SasesssasssnssassvesEsesasew

31,171 $1,027

$1,760,026

673,608
61,287
61,287

330,442

220,577

2,760

330,442

27,793
13,581
13,581
102,998
53,137
540
102,998

- mr.mt. COST REVENUE RESPONSIBILITY ($000)

Tranemission
“Yrenemiss Ave
‘iSt‘orm

‘Yotal Marg Rev. Resp

", Marg.Cost Rate (No Interstete)

1 81,516
$34,376

20,673

$152

35,717

$142,432

43.10

26,114
$6,725
4,581
847
31,377
$18,845
18.30

. - 701, B 14 43
1,275 '$,806 14,612
1,279 5,824 14,899
12,461 67,607 160,450
4,99 29,496 62,656
70 . 210 620
12,461 67,607 160,450

25 87,656
872 $61,97
3430 £25,683
16 - 3205
37,226

$162,740

36.50

78
32,615
$1,958

31

3765
$5,448
8.06

$65
87,72
4,929
74
$1,62
$14,413
8.98
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© - DISTRIBUTION MARGINAL COSTS COMPAR{SON T
‘ , S L 7 T , .
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| $ocde ) FOLE | $€6

aeesiidnansiivitniniscbossennssbesibondtadei

hecucetsibosdoduisdiodisastabobobaibbicbobtisdtscittoboinidbas

MARGINAL €OST OF FACILITIES
Margimal lnvestment Cost $/MCID | 1270.58 ¢ 20.29 644 .21
per peak day) | ‘
‘ ‘ | -

Marginal Investwent Cost scimo . | 7 5 35.65
{per c¢old year peak month) | -

|

|

Arcwatized lavestaent Cost  S/HCE/pk day

LOADERS UNITIZED ACCORDING TO COLO-YEAR PEAK OAY

l .
Total Distr. 04N Expenses  $/1R | 3,256,000
Marginal OLM Expense S$/MCEfpk day | s.an 12.4275
Adainistrative & General S/uck/pk day |
General Plant suck/pk day | 0.7042 2.5837
Materfals & Supplies $uCE/pk day | 3.9757
|
|
|

34,103,000
8.5279

0.4119
h.4048

|-
[
: I
2.8842 2.8583 | 2.84%6
|
A

22.3% |
TOTAL MARGINAL €OST $CE/pk day 92.80 |
(Eacilitlésetoaders) : | o |

cbdibmibadidobonstssddibbbosbbidaibininbribonincibiin

BASE CASEi Total Loaders $/MiE/pk day

evibsitbbbdbatocsbeisiibocinsadisnnss eocvsbessnishbbesbibonn

MARGINAL CEMAND MEASURE | | I .
Avg. Yesr Anfwal Dist, o : _

Throughput 1992 MCE/MR 1 99,138,100 | 391,354,000
Cold Yesr Péak Month DIstr.

| 509,668,927
| S I '
Throughput 1992 MCE /w0 | 13,895,442 | 65,177,000 | = 72,284,854
i

pesk Day Oist, Demand 1692  MCFO | 396,000 | 2,868,000 | 3,999,000

oaA.;.coatcAaoo.o-0‘.-o.o‘oahnnaoanot-oodtootiagnobni.od‘;ol-oo..;n‘noad-a.-clo-4;-Aaoo)..ooco--..ai‘.&&o....naﬁ

LOADING FALTORS i | t

2eCC | 0.08%4 | 0.0910 | 0.1081

ALG 10.3510 | 0.2360 | 0.336%
|

erLf | o082 . | 0.2079 0.0952

XZTE TTITIZZEXT

2ZTTETZXTTLERITT TXITTAREE
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ILLUSTRATIVE SACKEOKE TAANSKISSION KARGIKAL 081§~
S 1992 % I
si=zz:::::::s::::zg::z::;:::::z:xz?sis;:x:iztz:ziiz:?:;:s7
1 poLE . #e

iatesmbrisiebntbinsnbobrveidssinioas

82:882!:388:3’2:'3832‘883:33:323*8‘:8:‘8833

fevémansvivibebbbbadasidoovsdéliiossnstodiniiinctiioniindoiindd

MARGINAL COST Of FACILITIES

Marginatl fhvestment Cost $/OM 2.50 0.32 .
pei Marginatl Demand Measure (MOM)

Anuatized Investment Cost $/MOM

LOADERS

33,345,371
0.0304
0.0i02
0.0029
0.0033

14,791,000
0,039¢
0.0094
0.0082
0.0032

Trans. O&M Expéntes
Marginal OLM Expense
Adninistrative & Generat
General Plant

Materials & Supplies

Total Léaders

SUBTOTAL MC
(FacititiestLoaders)

.

fuel Cost $/0TH

8:38:8888’:8:!883‘!::::::3:3:!82822‘38!3- SIZITTTETS

MARGINAL DEMAND MEARURES (MON) i
Avg. Yest Arrual System

Thicughput 1992 - otak |

Cold Year Peak Month $ystea |

throughput 1992 Mmcemo |

cold Wintés Season Systea : |

|

|

730,607,000 1,039, 367,000
LT N/A
375,155,000 ' M/A

Throughput 1991-5992 - OTHICWS

Cold Year Arrwal Systen _
Throughput 1992 OTH/CYR | 763,432,000 1,095,$00,000

oa-a-..ooo‘oaoac‘cocao-ooo.h.o-o-aantooo.--.iiloo.&.ooa..a.-on-onocn-aoooooanao&oooa-a.a--..a&.a.on

LOADING FACTORS { _ |
Rece | 0.0900 | 0.09%7

ALG | 0.2300 | 0.3345
coLE : { 0. 207 { 0.0952

ZITTTIES

t:8238‘38:!88’3883383‘3!::‘8Z”S:tts::ttt!ssit ZXEXTTZ

LOADERS UNITIZ2ED ACCORDING TO MOM fé_ﬂ EACH UTILITY,
FUEL COSTS ALLOCATED OM AVERAGE ANNUAL THROUGRPUT BASIS,
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MARGEMAL €OST OF FACILITUIES

Marginal Investment Cost $HOM 10.78 23.92

Per Marginal Demand Measuré (MOM) 1/
Arrwalized [avestment Cost $0M

LOADERS

3,448,162
0.2877
0.1610
0.0247
0.0255

tocal Trans. OLM Expenses 27,470,000
Karginal OLM Expense » 0.3088
Adninfstrative L General . 0.0708
General fPlant _ 0.0638
Materfals & Supplies 0.0504

Total Loaders
i
SUBTOTAL KC
{fachilitiestloaders) : i
. i
]

-aa.o..--aa.¢..a..n..a-a.‘.‘oa..¢o.a........~$.¢.¢a.aia..aoAGA‘aa-.s.zciatea--a..i.a¢‘..-.¢aic-»a

=== =scZEXXITT sz

ETITISSS £ = zxax:--_x-x----x-ss-
17 MARGINAL DEMAND MEASURES (MDM)
Avg. Yeaf Amwual $ystan
Throughput 1992 oTH AR 730,907,000 _ 110,908,700
Cold Teaf Pesk Nonth System ' : o , )
Throughput 1992 otemo | 89,551,000 | 12,749,022

o‘AA....Aoaa.aA..a....¢.4.....4.;-..-......o.4..o-5.c.;o.--..--...ao¢‘......a.‘...as......aa....o

LOADING FACTORS |
RECC 3/ 0.0910 0.0817

|

¢ o
ALG 6.2300 | 0.3510
coLE 0.2079 | 0.0857

EETTIZTITTITEX FITT.
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LLLUSTRATIVE MARGINAL STORAGE COSTS-
. . : 19928 ]
s:::::z=:s::::xzéz:z:if::é35:3:8:i::szs:::::xx:é::::Eizi::z:izi5#£$==:§8!:=8==:=88=2:xiizé::::z:=zxx:tzi:z::::itzé:xz:::::
| . sosaes | PCLE 1 $66
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MWARGINAL €OST OF FACILITIES

Margfnal Investment Cost $oN 6.9 1.54

Per Karginal Demand Measure (MOM)

P

Arvwualized [nvestment Cost  $/KDM ' 6.2592
LOADERS
22,315,709
0.0455
0.0167
0.0047
0.0049

5,576,284
0.0148
0.0034
0.0031
0.0037

Total Storage OLN Expenses
Parginal OIM Expense
Administrative b General
General Plant

Materials & Supplies

0.0251 ] 0.0757 |
' | |
0.1078 | 0.25%9 |

| |

Total Loaders

°
X
2
L

TOTAL MC $/0M
(FacititiessLoaders)

TszzsFrss 23 Zx3TT : $ =ITSITSEITSSTITTSETFSSI2SES
MARGINAL DEMAND MEASURES (MON) |

Ave. Year Airual Systea

Theoughput 1992 oTHATR ] 109,854,700
¢old Winter Season System )

Thréushput 1991-1992 oTH/CVS | 49,073,500
shesbdesidinsssdbsitibtsbectitisstbocbbocdotonitacistbrorissiinndace
LOADING #ACTORS 1
rece I A
ALG | 77y

|

EERE T =3 z ZETTT

730,507,000 1,039,367,000

375,653,000 | 450,791,000

tletisotnitedbodnsatotiibonabitinctinabitisndiodinniin

, | .
0.0506 | 0.1153
0.2300 | 0.3355
0.20m9 i 0.0952

*S::tt::::::ztI‘28:3===8:3288:2:'8:::8338’8333328!=:=88$8=33=88=

=
Sy
- ‘
— —— . —— — T ——— P e SO S A N G — — A E— i —— — S T S M P —

GPLF N/A

8?:83ﬁ:S8’83‘:'23’83388‘::382’!!!:885

"
"
L]
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t SHGRE stofage costs reflect costs from the $oCal system

(END OF APPENDIX A)




