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�
summary of recommendations


PG&E recommends that the Commission approve the following positions and proposals set forth by PG&E for PG&E in this Cost Separation Proceeding:


1.  The starting points for PG&E’s generation performance-based ratemaking proposals in Application 96�07�018 are $160,458,000 for geothermal generation and $383,778,000 for hydroelectric generation, for a total of $544,236,000.


2.  The 1998 electric sales forecast is 77,245,230,000 kilowatt-hours, and 1998 estimated revenue at present rates is $7,740,749,294.


3.  Cost separation into functions is achieved by separating the estimated Commission-authorized electric revenue requirement for 1998 into generation, distribution, transmission, and public purpose programs.


4.  The estimated 1998 electric revenue requirement is approximately $7,814 million, which constitutes the sum of the authorized 1997 revenue requirement of $7,636 million plus an estimated $178 million net increase for 1998.


5.  The 1998 estimated total revenue requirement of $7,814 million is separated into $5,222 million for generation, $291 million for transmission, $2,031 million for distribution, and $270 million for public purpose programs.


6.  To the extent possible, costs are assigned to functions on the basis of cost-causation.


7.  The cost-separation methodology begins by separating the 1996 authorized base revenue requirement into the four functions.  This is accomplished first by directly assigning to functions the accounts that are clearly associated with the functions on a cost-causation basis, then by assigning to functions the costs that are shown by a special incremental cost study to be associated with functions on a cost-causation basis, and finally by allocating residual costs to functions other than generation using a labor allocator.  


8.  The costs of direct connection facilities for retail customers served at transmission voltage are assigned to the distribution function.  


9.  The A&G study is the best available information for assigning, on a cost-causation basis, costs that otherwise would be considered residual.


10.  After separating the 1996 revenue requirement into the four functions (i.e., functionalizing), the next steps in the cost separation process are to functionalize the authorized 1997 revenue requirement change (including energy costs), functionalize the estimated 1998 revenue requirement increase, and functionalize the end-of-1997 estimated balancing account balances not already functionalized.


11.  The distribution revenue requirement for 1998 is determined by subtracting the FERC-approved transmission revenue requirement from the total Commission-approved transmission and distribution revenue requirement.


12.  The distribution revenue requirement includes the balances in regulatory accounts for which the Commission has authorized recovery and which are not assignable based on cost�causation.


13.  The generation revenue requirement consists of (1) payments to the Independent System Operator (ISO) for transmission support services, (2) above�market Diablo Canyon Incremental Cost Incentive Plan (ICIP) costs, (3) nuclear decommissioning costs, (4) Power Exchange (PX) payments, and (5) the competition transition charge (CTC).


14.  The levels of above�market ICIP costs and CTC will depend on the levels of PX prices, with CTC determined residually.  


15.  During the transition period, the Transition Revenue Account will be used to match the amount of billed revenues against the amounts of the separated revenue requirements for public purpose programs, distribution, transmission, the ISO payments, nuclear decommissioning, ICIP, and PX payments, and the remaining revenue will be credited to the CTC revenue account.


16.  The distribution and transmission revenue requirements are allocated to rate schedules by the full equal percent of marginal cost method (EPMC) based on marginal costs underlying rates in effect on June 10, 1996.


17.  For the public purpose program revenue requirements, the CARE surcharge revenue requirement is allocated to rate schedules on an equal cents per kilowatt-hour basis, and the remaining revenue requirement (renewable resource technologies, public interest research and development, and customer energy efficiency programs) is allocated to rate schedules by the system average percent (SAP) method.


18.  The generation revenue requirement is allocated residually to each rate schedule after distribution, transmission, and public purpose program revenue requirements have been allocated.  Within generation, PX prices for each hour are allocated to rate schedules on an equal cents per kilowatt�hour basis, the ISO payments, ICIP, and nuclear decommissioning are allocated to rate schedules by the SAP method, and CTC is allocated to rate schedules on a residual basis so that current rates, including the customer, demand, and energy components of each rate schedule, will remain frozen through the transition period.  PG&E did not propose on the record a revenue allocation method for ISO payments.  


19.  For full service customers, the bill will be calculated using the applicable rate schedule.


20.  For direct access customers, the PG&E charge will be calculated by subtracting the PX energy cost from the total charge under the otherwise applicable full service schedules, with the PX energy cost calculated by summing over the billing period the products of each customer-specific hourly load times the actual hourly PX energy price.


21.  For virtual direct access customers, the PG&E charge will be calculated in the same manner as for direct access customers.  For VDA customers, this results in the same billed amount as if the customer were a full service customer.  


22.  The rate reduction of at least ten percent for residential and small commercial customers will be achieved by means of a bill discount and will be accounted for strictly as CTC.  


23.  Rates are not to be functionalized at the present time for purposes of calculating charges or accounting for billed revenues.


24.  Settlement costs are estimated in the PX price each month and trued-up in the PX price in the following month.


25.  The bill format presents charges for PX energy and schedule average charges for transmission, distribution, public purpose programs, and CTC and other nonbypassable items.
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OPENING BRIEF OF PACIFIC GAS AND ELECTRIC COMPANY


INTRODUCTION


Pacific Gas and Electric Company (PG&E) submits this Opening Brief pursuant to Rule 75 of the Rules of Practice and Procedure of the California Public Utilities Commission (Commission).  In this consolidated proceeding the Commission is considering the applications filed on December 6, 1996, by PG&E, Southern California Edison Company (SCE), and San Diego Gas & Electric Company (SDG&E) (collectively, the utilities).  Each application addresses the separation or “unbundling” of utility costs into the functions of generation, transmission, and distribution, the allocation of costs among customer classes, and the design of rates.  Cost separation at this level is necessary generally for electric industry restructuring and in particular for the introduction of customer choice in generation supply on January 1, 1998.  PG&E refers to this consolidated proceeding as the Cost Separation Proceeding.


Relevant Statutes and Decisions


This Cost Separation Proceeding arises out of a rich context of statutes and decisions that has unfolded over the last year and a half.


On December 20, 1995, the Commission’s electric restructuring Policy Decision (Decision (D.)95�12�063 as modified by D.96�01�009) ordered retail competition in generation, or “direct access,” to begin simultaneously with the establishment of a Power Exchange (PX) and an Independent System Operator (ISO) no later than January 1, 1998 (Ordering Paragraph 6, p. 220).  Beginning then, PG&E, SCE, and SDG&E will no longer be obligated to provide generation services to those customers selecting direct access (Ordering Paragraph 9, p. 221).  The Policy Decision acknowledged that with this new market structure, transmission will be regulated by the Federal Energy Regulatory Commission (FERC) while distribution remains under Commission regulation (pp. 44�46).  Under these circumstances, the Policy Decision affirmed the need to disaggregate the vertically integrated electric utility by separating the elements of generation, transmission, and distribution (p. 29).  Such disaggregation or separation is generally referred to as “unbundling,” with full service utility customers still “bundled” and direct access customers newly “unbundled” with regard to generation (p. 44).


On March 13, 1996, the Roadmap I decision (D.96�03�022) ordered the utilities by July 15, 1996, to file proposals to provide information on separating their rates into identifiable components, each of which is tied to a particular function (p. 36 and Ordering Paragraph 5, p. 48).  


On April 29, 1996, PG&E, SCE, and SDG&E jointly filed at FERC a petition for a declaratory order on the separation of transmission and distribution facilities (Docket No. EL96�48�000).  On October 30, 1996, FERC approved an Order Granting Petition For Declaratory Order In Part accepting PG&E’s proposed separation of transmission and distribution facilities (77 Fed. Energy Reg. Comm’n Rep. (CCH) 61,077).


On May 8, 1996, Commissioner Duque’s Assigned Commissioner’s Ruling (May 8 ACR) set a scoping workshop for May 20 on ratesetting issues, including unbundling.  On June 21, 1996, Commissioner Duque issued an Assigned Commissioner’s Ruling (June 21 ACR) providing additional procedural guidance on unbundling.  With the FERC order on transmission/distribution separation pending, the June 21 ACR characterized the utilities’ July 15 unbundling filings as preliminary and asked that they address the following three areas at a conceptual level:  functional unbundling of generation, transmission, and distribution; cost allocation among classes; and rate design.  The June 21 ACR then ordered the utilities to file unbundling applications by November 15, 1996, that reflect any resolution at FERC regarding transmission/distribution separation and include implementation level details in the three areas addressed conceptually in the July 15 filings.


On July 15, 1996, PG&E, SCE, and SDG&E submitted their preliminary unbundling filings.  No formal action was taken in response to these filings.


On September 23, 1996, Assembly Bill (AB) 1890 became law (Stats. 1996, Ch. 854).  AB 1890 generally codified the electric restructuring plan set forth in the Commission’s Policy Decision and subsequent Commission orders.  The new Public Utilities Code sections that are most directly relevant to this Cost Separation Proceeding are the following:  Section 367, which defines and provides for the recovery of certain generation�related uneconomic costs; Section 368, which sets rate levels for 1998 and provides guidelines for the identification and separation of individual rate components; Section 379, which requires a separate nonbypassable charge for nuclear decommissioning costs; Section 381, which requires a nonbypassable distribution rate component for certain public benefit programs (referred to here as public purpose programs), namely energy efficiency and conservation activities, public interest research and development, renewable resource technologies, and low�income customer programs; Section 382, which sets the funding levels for these public benefit programs; and Section 392, which itemizes the components that will be disclosed on customers’ bills.  (All references in this Opening Brief to “Section” refer to the Public Utilities Code.)


On October 25, 1996, the Commission approved the Interim Unbundling Decision (D.96�10�074), which clarified the extent of cost separation to be addressed in the November 15 utility applications.  The Interim Unbundling Decision required each utility to separate its last authorized rate base and revenue requirement into generation, transmission, and distribution, consistent with the then imminent October 30, 1996 FERC order, and to clearly explain any changes from the last authorized rate base and revenue requirement.


On November 8, 1996, Commissioner Duque issued an Assigned Commissioner’s Ruling extending from November 15, 1996, to December 6, 1996, the deadline for filing the unbundling applications.


On December 20, 1996, the Commission issued the Cost Recovery Plan Decision (D.96�12�077), which approved (with some limitations) the cost recovery plan submitted by PG&E on October 15, as supplemented on November 8, pursuant to Section 368.  PG&E’s cost recovery plan for the most part had been before the Commission since June 12, 1996, in the consensus document titled Restructuring Rate Settlement (see Section 368(h)).  As required by Section 368(a), PG&E’s approved cost recovery plan provides, among other things, (1) that rates are to remain frozen at the levels set on June 10, 1996, except (2) that rates for residential and small commercial customers will be reduced at least 10 percent effective January 1, 1998, with financing provided by rate reduction bonds, and (3) that base revenue will increase in 1997 and 1998 to enhance transmission and distribution system safety and reliability in accordance with Section 368(e).


On December 20, 1996, the Commission also approved the Roadmap II decision (D.96�12�088).  Among other things, Roadmap II established that policy issues concerning the unbundling of revenue cycle services would be on a track separate from this Cost Separation Proceeding, at least for the time being (p. 27).  The Commission’s policy decision on this separate revenue cycle services unbundling track has not yet been issued.


On March 31, 1997, the ISO/PX Trustee filed tariffs and other documents at the FERC to create the ISO and PX by January 1, 1998.  PG&E, SCE, and SDG&E each filed its own information on costs, market power, and existing contracts.  PG&E’s filing (Docket No. ER97�2358�000) included the proposed 1998 revenue requirement for transmission service under FERC jurisdiction.


Procedural Background


On December 6, 1996, PG&E, SCE, and SDG&E filed their cost separation applications in their respective dockets.  The three dockets were consolidated by Administrative Law Judge (ALJ) Weissman at the first prehearing conference on January 14, 1997 (transcript (Tr.) p. 2).


On January 31, 1997, ALJ Weissman issued his Administrative Law Judge’s Ruling On Schedule, Scope, And Other Procedural Matters (January 31 ALJ Ruling).  In accordance with the January 31 ALJ Ruling, the utilities served supplemental testimony on February 14, other parties served testimony on February 28, all parties who so desired filed rebuttal testimony on March 12, the second prehearing conference was held March 18, and evidentiary hearings were held for 15 days from March 24 through April 14.  The evidentiary record consists of 82 exhibits containing the testimony of 53 witnesses representing 18 parties.  The 15 active parties other than the utilities have been Office of Ratepayer Advocates (ORA), California Energy Commission (CEC), Agricultural Energy Consumers Association (AECA), Bay Area Rapid Transit (BART), California City�County Street Light Association (CAL�SLA), California Farm Bureau Federation (CFBF), California Industrial Users (CIU), California Large Energy Consumers Association (CLECA) together with, California Manufacturers Association (CMA), California Mobilehome Resource & Action Association, Inc. (CMRAA), Cogeneration Association of California (CAC) together with Energy Producers And Users Coalition (EPUC), Department of Defense/Department of the Navy/Federal Executive Agencies (DOD), Enron and its affiliate Enron Capital and Trade Resources (Enron), Southern Energy Retail Trading and Marketing (Southern Energy), The Utility Reform Network (TURN) together with Utility Consumers Action Network (UCAN), and Western Mobilehome Parkowners Association (WMA).


On March 19, 1997, the utilities, ORA, CIU, CLECA, CMA, and DOD filed and served in this Cost Separation Proceeding their Joint Motion For Adoption Of Retail Transmission Rate Stipulation, together with the Retail Transmission Rate Stipulation dated March 18.  Apparently no party filed comments within the prescribed 30�day comment period (Rule 51.4), which ended April 18.  


SCOPE AND OBJECTIVES OF PROCEEDING


Objectives of Proceeding


As stated in the January 31 ALJ Ruling (p. 2), this Cost Separation Proceeding is being conducted in the context of the Policy Decision, Roadmap I, May 8 ACR, June 21 ACR, Interim Unbundling Decision, Cost Recovery Plan Decision, and Roadmap II.  The objectives of this proceeding have emerged through these orders, the January 31 ALJ Ruling itself, and rulings by ALJ Weissman during the evidentiary hearings.


The Policy Decision declared that its proposal “unbundles traditional utility services into generation, transmission, and distribution services” (p. 84).  This Cost Separation Proceeding is in effect the implementation phase of the Policy Decision’s cornerstone determination to separate utility costs into these three basic functions.  Thus the primary purpose of this proceeding is to separate the three utilities’ electric revenue requirements into major functions in order to enable customer choice for electric generation beginning January 1, 1998.


Roadmap I first set forth in general terms the three steps needed to unbundle electric services:  identify the components of electric services; establish costing methodologies and perform cost studies for each service; and price the component services (p. 35).  The June 21 ACR echoed these steps in requiring the cost separation filings then scheduled to be filed November 15 to provide implementation level details on the functional unbundling of generation, transmission, and distribution, on cost allocation among classes, and on rate design (pp. 2�3).  With the passage of AB 1890, it became clear that public benefit programs (which PG&E refers to as public purpose programs, or PPP) should be added as a fourth major function for cost separation purposes, distinct from generation, transmission, and distribution (e.g., Section 368(b)).


A secondary objective of this proceeding is to determine the bill formats for the utilities’ bills when direct access begins on January 1, 1998.  A key element of this objective is the need to adequately inform electricity consumers about the choices they will have when direct access begins (see Section 392).  Another secondary objective of this proceeding is to provide certain information necessary to complete PG&E’s generation performance�based ratemaking (PBR) proceeding (Exh. 1, p. 1�1).


All issues that properly fall within the scope of this proceeding are subsidiary to these primary and secondary objectives.  


Scope of Proceeding


The Commission Should Approve PG&E’s Proposed Generation Performance�Based Starting Points, 1998 Sales Forecast, and 1998 Revenue at Present Rates


Numerous findings of fact and conclusions of law will need to be made in this proceeding to achieve the objectives described above.  In addition, there are two issues that need to be decided in this proceeding which are not directly related to the achievement of those objectives.  


First, the Commission should approve in this proceeding the starting points for PG&E’s generation PBR proposal for hydroelectric and geothermal plants in Application (A.)96�07�018.  These amounts are $160,458,000 for geothermal generation and $383,778,000 for hydroelectric generation including the Helms Pumped Storage Project, for a total of $544,236,000 for geothermal and hydroelectric generation combined (Exh. 1, p. 2�37; Tr. 551, PG&E, Prudhomme).  


Second, the Commission should approve in this proceeding PG&E’s 1998 electric sales forecast and revenue at present rates.  Following the January 31 ALJ Ruling (p. 3), PG&E presented in this proceeding its 1998 sales forecast and revenue at present rates for the 1998 test year (Exh. 2, Appendix 2D).  In the past PG&E has presented its electric sales forecast for the following year in the forecast portion of its Energy Cost Adjustment Clause (ECAC) application.  Due to electric industry restructuring, on February 5, 1997, PG&E filed its Petition to Modify Decision 89�01�040 (the Commission’s Rate Case Plan decision) to waive the requirement that PG&E file a 1998 ECAC Forecast Phase.  At this time PG&E’s petition is pending before the Commission.


No party took issue with PG&E’s showing in these two areas either in testimony or through cross�examination.  On this record, the Commission should adopt these figures as presented by PG&E.


Several Issues Raised in Intervenors’ Testimony are Beyond the Scope of this Proceeding and Should Not Be Addressed in the Commission’s Decision


Adjustments to the Utilities’ Authorized Revenue Requirements


In the Interim Unbundling Decision the Commission declared that the utilities “…should file their total ratebase and base rate revenue requirement based on our last authorization and should separate this total between transmission and distribution, consistent with Federal Energy Regulatory Commission orders” (Ordering Paragraph 1, pp. 19�20).  In the decision each utility was told to “show its total ratebase and revenue requirement as last authorized in our decisions with clear explanations for any changes since last authorized and explain rules used to allocate this ratebase and revenue requirement between transmission and distribution” (p. 10).  The Commission thus has ordered the utilities to submit cost separation filings reflecting prior Commission orders as well as applicable statutes, and not revenue requirements filings which would determine a changed amount of revenue requirements.  


Since the decision in PG&E’s last general rate case (GRC) for test year 1996 (D.95�12�055) (1996 GRC Decision), the company has incurred many changes in costs for a host of reasons, including electric restructuring.  Among these many changes in costs, there are both increases and decreases (Exh. 3, p. SJM�2).  Without a detailed analysis of all PG&E’s costs, the Commission cannot make a determination as to a reasonable change in revenue requirements (Tr. 314, PG&E, McCarty).  Therefore, any change in PG&E’s revenue requirements should take place in other proceedings, not in this Cost Separation Proceeding.  The primary proceeding for considering changes in PG&E’s revenue requirement will be the 1999 test year GRC, which PG&E must file by the end of 1997 in accordance with Section 368(e)(1) (see Exh. 2, p. 1�1).


In particular, TURN/UCAN have recommended in testimony that certain PG&E costs including load dispatching be removed from rates altogether (Exh. 65, p. 22).  This recommendation should not be considered here, because it would be inconsistent with the philosophy of the Rate Case Plan to selectively reduce the base revenue requirement between GRCs in areas where costs go down (D.96�12�066, p. 5, discussed in Exh. 3, p. SJM�2). 


Unbundling of Revenue Cycle Services


Roadmap II clearly established a procedural track for the unbundling of revenue cycle services that is separate from this Cost Separation Proceeding, at least for the time being (p. 27).  ALJ Weissman affirmed this distinction during the evidentiary hearings (Tr. 982, 1255).  In accordance with these rulings, the Commission’s decision on this evidentiary record should not make any findings or reach any conclusions regarding the unbundling of revenue cycle services.


Cost Separation within the Distribution Function


In the same vein as revenue cycle services unbundling, recommendations have been made on the record to separate distribution costs into sub�categories.  In particular, TURN/UCAN have called for the Commission to adopt in this proceeding a functional separation of distribution into the five categories of wires, meters, customer accounting, marketing, and information services, and perhaps into others as well (Exh. 63, pp. 5�6).  As with the revenue cycle services unbundling testimony, these distribution unbundling recommendations belong in the separate track established by Roadmap II, not in this phase of the Cost Separation Proceeding.  Revenue cycle services and distribution services at the very least overlap (Exh. 63, p. 11) and may be nearly synonymous, so to address their unbundling on both tracks would be both inappropriate and confusing.  CEC came to much the same conclusion when it agreed that its recommendation to separate wires costs from other distribution costs (Exh. 56, pp. 16�17) should not be at issue in this proceeding (Tr. 714, CEC, Jubien).  As ALJ Weissman made clear during the hearings, distribution unbundling is a different matter from the question of what costs are properly categorized in the distribution function, a question that certainly needs to be answered in this proceeding (see Tr. 722, 982).


Load Profiling Methodologies


The January 31 ALJ Ruling states (p. 3), “The determination of whether to use load profile information for direct access customers will be addressed in the direct access proceeding.  Once that determination is made, the Commission will provide further procedural guidance concerning methodologies for load profiling.”  Nevertheless, testimony in this proceeding was submitted by both ORA (Exh. 41, pp. 34�35, 39�40) and CEC (Exh. 56, pp. 25�30) regarding development of statistical load profiles for use by the utility in developing load forecasts.  ORA (Exh. 41, p. 39) and CEC (Exh. 56, p. 25) both indicated that they are responding to proposals by the utilities for use of a single load profile for the entire class.  Yet PG&E has not made such a showing (see Tr. 1641, CEC, Jaske; 1703, ORA, Price), in reliance on the January 31 ALJ Ruling.  PG&E plans to file such testimony once guidance is finalized (Exh. 2, p. 4�4).  The Commission should defer consideration of load profiling methodology to the appropriate forum designated in the upcoming direct access decision.


Settlement Protocols


SCE (Exh. 12, pp. 33�41), ORA (Exh. 1, pp. 31�38), and CEC (Exh. 56, pp. 35�37) discuss settlement protocols in their respective testimony.  Some discussion of settlements in this proceeding is reasonable to show how the market clearing prices, settlements, and PX-related services will be reflected in PX prices shown on customer bills in such a way to ensure that direct access customers pay the proper amount.  These issues are addressed in this Opening Brief at section VI.A.2.  The Commission should recognize, however, that issues raised by significant portions of the testimony provided by these parties are FERC jurisdictional (Exh. 3, p. DRP�13).  While many of these FERC issues have not yet been decided, PG&E believes that preliminary guidance from the Commission in this proceeding on the narrow issues described will help ensure eventual consistency between the two jurisdictions (Tr. 1604).


Tenant Eligibility for Direct Access in Master Meter Situations


WMA (Exh. 51, p. 5) and CMRAA (Exh. 52, p. 4) have addressed the eligibility of mobilehome park tenants for direct access.  ALJ Weissman ruled that the eligibility question is a direct access issue and is outside the scope of this Cost Separation Proceeding (Tr. 124).  In section V of this Opening Brief, PG&E addresses questions regarding implementation of submetered direct access, should it be approved.


 SEPARaTION OF REVENUE REQUIREMENT/COST RECOVERY


Comments Common to All Applicants


Cost separation into functions should be achieved by separating each utility’s estimated Commission-authorized revenue requirements or rates for 1998 into generation, distribution, transmission, and public purpose programs.  The generation revenue requirement or rate should be determined as the residual between tariff revenues or rates and the sum of distribution, transmission, and public purpose program charges.  The transmission revenue requirement will be determined by FERC.  The distribution revenue requirement or rate should be determined residually by subtracting the FERC�approved transmission revenue requirement or rate from the total Commission�approved transmission and distribution revenue requirement or rate.  The public purpose program revenue requirement or rate should be determined by summing the approved costs for renewable resource technologies, energy efficiency programs, public purpose research and development programs, and California Alternate Rates for Energy (CARE).


PG&E


PG&E’s Estimated 1998 Electric Revenue Requirement, Including Balancing Account Balances, are Separated into the Four Major Functions of Generation, Transmission, Distribution and Public Purpose Programs, Based on Cost Causation to the Extent Possible


For PG&E, the revenue requirement that needs to be separated is its Commission�authorized electric revenue requirement for 1997, estimated revenue requirement changes for 1998, and estimated balances in its balancing accounts at year�end 1997.  The total amount is currently estimated to be $7,814 million.  This total is separated into the four major functions:  (1) generation, which includes power (valued at the PX price) and the competition transition charge (CTC); (2) transmission, which will be under FERC jurisdiction; (3) distribution, over which this Commission will retain jurisdiction; and (4) public purpose programs (PPP), which are recovered through a nonbypassable charge, also under the jurisdiction of this Commission (Sections 381 and 382).  The results of this cost separation are currently estimated to be as follows (Exh. 2, Table 2�3 Revised on p. 2�3):
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(For ease of reference, Table 2�3 Revised is attached to this Opening Brief at Appendix A.)


As shown in Table 2�3 Revised, PG&E’s starting point for estimating the total 1998 Commission�authorized revenue requirement is the base revenue requirement of $3,202 million adopted in the 1996 GRC decision (Appendix D).  PG&E functionalizes this amount into the four categories.  Then, to get to the level of 1997 revenues, PG&E functionalizes the 1997 base revenue requirement increase and the energy-related and other non-GRC revenue requirements from the 1997 consolidated ECAC decision (see D.96�12�080, Appendix B, p. 5).  (The amount shown for the generation function will change when the Commission issues a decision in PG&E’s Diablo Canyon/Rate Freeze filing (A.96�03�054), but the revenue requirements for the three non�generation functions will not be affected.)


Next, to get to the 1998 revenue level of $7,814 million, PG&E functionalizes the estimated revenue requirement changes for 1998.  Section 368(e) authorizes a base revenue increase for 1998 of inflation plus 2 percent for safety and reliability programs which PG&E estimates will increase revenue requirements by $172 million.  In addition, Section 381(c)(3) requires funding of renewable resource technologies at $48 million for PG&E, an amount which is not covered by PG&E’s currently authorized revenue requirements.  As shown on Table 2�3 Revised, these increases are partially offset by revenues from increased sales and partially offset by a decrease in transition cost recovery.  The actual amount of transition cost recovery will be determined residually through PG&E’s proposed Transition Revenue Account using recorded revenues and authorized or recorded costs.  The final determination of functionalized revenue requirements for 1998 should include the results from all of the Commission’s related restructuring proceedings.  Therefore, as the last step in this cost separation process, the implementation phase of this proceeding should consolidate all of the restructuring decisions into 1998 tariffs.


To the extent possible, costs should be assigned to the functions on the basis of cost causation.  The Commission has recognized cost causation as a key element in both long�run marginal cost (LRMC) and long�run incremental cost (LRIC) methodology.  With respect to LRMC, the Commission has stated:  “One of the central principles of marginal cost pricing is cost causation” (Re Rate Design for Unbundled Gas Utility Services, 47 Cal. P.U.C.2d 438, 456 (1992), D.92�12�058 mimeo at 26).  With respect to LRIC, the Commission has stated, “Cost causation is a key concept in incremental costing” (D.95�12�016, Appendix C, Principle No. 2, discussed in Exh. 1, Appendix 2A, p. 2A�8).  The basic principle of cost causation is that only those costs that are caused by a cost object in the long run should be directly attributable to that cost object.  Costs are considered to be caused by a cost object if the costs are brought into existence as a direct result of the cost object or, in the long run, can be avoided when the company ceases to provide the cost object (D.95-12-016, Appendix C, discussion following Principle No. 2, discussed in Exh. 1, Appendix 2A, p. 2A-8).  


PG&E assigned its costs to the four functions based on cost causation to the extent possible.  Over 90 percent of the 1996 base revenue requirement was directly assignable to the four functions, and for the most part, these assignments were undisputed on the record (Exh. 1, pp. 2�2 to 2�9; Tr. 397, PG&E, Irwin).


PG&E assigned to the distribution category the costs of interconnection facilities associated with retail customers that are served directly from the transmission system (Exh. 1, pp. 2�11 and 2�14).  This functionalization is consistent with FERC’s definition in its October 30, 1996 order (Exh. 3, p. GKI�3; Tr. 397, PG&E, Irwin).  For cost separation purposes, these interconnection facilities should not be classified as transmission facilities, because their use is dedicated to specific customers (Exh. 73, p. 16).


Administrative and General (A&G) costs such as Accounts 920 (salaries), 921 (office supplies), and 923 (outside services) by definition belong to the utility as a whole.  To assign as much of those costs as possible to the functions, PG&E conducted an A&G Study in 1996.  The A&G Study used an incremental cost method which assigns costs to the basic functions, wherever possible, based on cost causation.  The study utilizes a survey of A&G departments to determine the costs they would avoid were PG&E to divest specified lines of business.  (The study methodology is described in Exh. 1, Appendix 2A, and the survey form used in the study is presented in Exh. 1, Appendix 2B.)  PG&E’s A&G Study resulted in the assignment of about 40 percent of the roughly $182 million of authorized electric A&G expenses in Accounts 920, 921, and 923 (Exh. 1, Appendix A, p. 2A�7).  The A&G Study provides the best available information for assigning to the four functions costs which otherwise would be considered residual.


In addition, there are several regulatory accounts through which PG&E is recovering costs as a result of past Commission decisions and that need to be assigned to functions separately.  PG&E’s assignments are based on cost-causation, whenever possible (Exh. 1, pp. 2�29 to 2�32).  In the very few instances where cost-causation is not clear (e.g., the Tax Equity and Fiscal Responsibility Act of 1982, or TEFRA, account), PG&E has assigned the balances to distribution, precisely because it is distribution that is more sure of recovery (Tr. 592�596, PG&E, Smith).  The fact that these accounts cannot be linked directly to distribution facilities or services should not serve to keep them out of the distribution category.


The Residual Costs Which Cannot Be Separated on a Cost�Causation Basis are Correctly Allocated to Transmission, Distribution, and Public Purpose Programs, Not to Generation


PG&E’s Allocation of Residual Costs is Consistent with Sound Economic Principles and Commission Precedent


All costs which PG&E can avoid by divesting any of the four major electric functions have been identified by the A&G Study and assigned to those functions accordingly (Exh. 1, p. 2�18), including the amount of $78.3 million assigned to generation (Exh. 17, p. 2�134).  


PG&E was unable to assign on a cost causation basis about $108 million of A&G expense (Exh. 1, Appendix A, p. 2A�7).  Certain common plant (e.g., office space, computer equipment) is associated with this residual A&G expense.  None of these residual costs could be avoided if PG&E divests any of its electric functions.


Up to this point in the cost separation process, the four major cost categories of generation, transmission, distribution, and PPP are treated symmetrically.  That is, the same methods are used to identify cost causation for each of the four functions (Exh. 1, p. 2�18).  For allocation of the residual costs, a fundamental asymmetry is introduced into the cost separation process due to two distinguishing characteristics of the generation function:  (1) the pending partial (and potentially total) divestiture of non�nuclear generation assets (Exh. 1, p. 2�18); and (2) the competitive market in generation which the Commission intends to establish on January 1, 1998 (Exh. 3, p. RDL�12).  


Since the residual shared cost would remain with the regulated utility (consisting of the transmission, distribution and PPP functions) if generation assets are divested, the economic principle of cost causation would preclude allocating residual shared costs to generation (Exh. 1, p. 2�18).  PG&E acknowledges, however, that it may retain certain generation assets, at least temporarily.


Aside from the divestiture of generation, the competitiveness of generation provides an independent basis for allocating residual costs to transmission, distribution, and PPP, but not to generation.  In its adoption of the consensus costing principles for telecommunications, the Commission has stated that the allocation of residual costs in total service LRIC studies will be a pricing issue (D.95�12�016, Appendix C, Principle No. 5, discussed in Exh. 1, Appendix 2A, p. 2A�8).  To the extent that allocations of shared overheads translate to prices for services, economic theory instructs that some allocations are better than others in that they are more likely to result in prices that are sustainable in the market.  This economic principle is described on the record in the following exchange between ALJ Weissman and PG&E’s consulting economist (Tr. 1019�1020, PG&E, Parsons):


Q  From an economic standpoint is it your opinion that PG&E and the other electric utilities should be pricing their generation at the incremental cost level?


A  No.  The key would be that for any market, that incremental cost represents the lower bound for pricing.  Obviously, a firm has to recover all of its costs in total.  In markets in general, however, one can observe very typical characteristics in that if I am a multi�product firm, I will price very close to incremental cost for that segment of my business is most competitive.


The example in electric power would be generation.  So that I will have a relatively small margin above incremental cost in providing a contribution to the residual and common cost of the company from the most competitive services.


Less competitive services would have relatively large margins above their incremental cost. That is what happens in real markets that are unregulated.


Consistent with the economic principle stated by Dr. Parsons, PG&E allocates none of its residual costs to generation.  To do otherwise would be inconsistent with the “lower margin of contribution” expected for generation, as a competitive service, relative to that provided by transmission and distribution.  If the Commission declines to adopt PG&E’s cost separation, and allocates residual costs to generation, then to recover those allocated costs PG&E would be required to set prices which may not be sustainable in the competitive generation market (Tr. 1005, PG&E, Parsons).


PG&E’s proposed allocation is consistent with the Commission’s treatment of similar costs for telephone services.  In telephone terminology, the generation function in 1998 will be analogous to “Category III” (fully competitive service), or at a minimum “Category II” (partially competitive service).  The Commission has decided that incumbent telephone utilities are not required to allocate common overhead costs (i.e., residual costs) to Category II or Category III services (Re Alternative Regulatory Frameworks for Local Exchange Carriers, 56 Cal. P.U.C.2d 117, 151-152 (1994), D.94�09�065 mimeo at 32-34, discussed in Exh. 3, pp. RDL�10 to RDL�12).


PG&E’s Allocation of Residual Costs is Consistent with the Requirements of AB 1890


Through its A&G Study, PG&E identified about $22 million of A&G expenses in Accounts 920, 921, and 923 which are incremental to the generation function and therefore are assigned to generation (Exh. 3, p. RDL�3).  These expenses are included in the approximately $78 million of A&G expense which PG&E proposes, based on cost causation, to assign to generation (Exh. 17, p. 2�134).  This is entirely consistent with Section 367(c), which provides in part as follows:


…All “going forward costs” of fossil plant operation, including operation and maintenance, administrative and general, fuel and fuel transportation costs, shall be recovered solely from independent Power Exchange Revenues or from contracts with the Independent System Operator…


The record establishes that “going forward costs” of generation are exactly those costs that are causally related to generation, i.e., the incremental cost of generation (Exh. 3, pp. RDL�3 to RDL�4; Tr. 1018�1019, PG&E, Parsons).  Since residual costs are not “going forward costs” of fossil plant operation, Section 367(c) does not mean that residual costs must be allocated to generation.  


PG&E’s Allocation of Residual Costs Promotes Competition


PG&E’s proposed separation of residual costs is designed to provide a “level playing field” for a competitive generation market.  In deciding whether to enter a new market, a potential entrant would not allocate existing residual costs to the contemplated expansion (Exh. 3, p. RDL�7; Tr. 326, PG&E, McCarty; 1016�1017, PG&E, Parsons; 1324�1325, CIU, Chalfant; 1699, ORA, Price).  Therefore, a level playing field can be achieved only if the Commission does not allocate PG&E’s residual costs to the newly competitive generation function.


With a level playing field, competition in the generation market properly will pit the utility’s incremental cost of generation (which PG&E fully assigns on a cost�causation basis) against potential entrants’ incremental costs.  If a generation market entrant has a lower incremental cost of generation than PG&E’s, its entry will be economically efficient and it will likely enter (Exh. 3, p. RDL�9).  PG&E’s cost separation is competitively neutral because, in assigning only incremental costs—not residual costs— to generation, it mirrors the rational economic decision of potential competitors, who would compete based on their incremental cost of generation.


PG&E’s Allocation of Residual Costs is Consistent with the Commission’s Intent to Encourage the Utilities to Reduce their Costs


Two types of potential cost reductions are discussed on the record:  the “GRC type,” which deals with savings which are potentially achievable through greater efficiency but are not tied to generation divestiture; and the “divestiture type” which deals with savings which are potentially achievable specifically as a result of divestiture of generation assets (Exh. 45, p. 11; Tr. 1324, CIU, Chalfant; 1416�1417, DOD, Brubaker; 1580, ORA, Clemons).  These two types of savings have very different implications for cost separation, and for utility regulation in general. 


First, “GRC type” cost reductions, while important, are beyond the scope of this Cost Separation Proceeding and should be examined in PG&E’s 1999 GRC (Tr. 293, PG&E, McCarty).  Second, the cost�cutting suggestions on this record are too general to provide useful information about assigning residual costs to functions.  Third, only divestiture�specific savings are assignable to generation based on cost causation, and those have been identified and assigned by PG&E’s A&G Study (Exh. 3, p. RDL�4 to RDL�5).  TURN/UCAN recognized this distinction by proposing no allocation of residual costs to generation in 1998 (Exh. 63, p. 12), and by acknowledging in the case of PG&E that allocation of residual costs to generation in 1999 may not be proper (Tr. 1767�1768, TURN/UCAN, Marcus).


PG&E’s cost separation—and in particular the allocation of residual costs to functions other than generation—therefore does not in any way run counter to the Commission’s intent to encourage PG&E to cut costs.  PG&E’s 1999 GRC will be the forum for determining the appropriate level of PG&E’s costs, however they are allocated.  Furthermore, PBR will provide a continuing mechanism to encourage cost-cutting.


The Separated Revenue Requirements for Transmission and Distribution Should Sum to the Bundled Transmission/Distribution Revenue Requirement Authorized by this Commission


In this proceeding the utilities set the unbundled distribution revenue requirements as the residual after removing the 1998 FERC authorized level of transmission revenue requirements from the total transmission and distribution revenue requirements for 1998. The residual method carries out the determination of the Commission that PG&E should have a reasonable opportunity to recover the total transmission and distribution revenue requirement it has authorized.  Only the residual method assures that the authorized revenue requirements and regulatory mechanisms previously litigated before this Commission are maintained.  If FERC approves smaller revenue requirements than the Commission removes, then PG&E will suffer a shortfall.  If FERC approves greater revenue requirements than the Commission removes, then PG&E will receive a windfall.  PG&E does not believe that cost separation should have the effect of creating either a shortfall or a windfall for the utility (Exh. 2, p. 2-1).


For PG&E, the total authorized 1998 bundled transmission and distribution revenue requirement for setting rates is estimated to be $2,284 million (Exh. 2, Table 2-3 Revised on p. 2-3; Exh. 71), and the requested FERC jurisdiction transmission revenue requirement is $295.5 million (Exh. 71).  Therefore, if FERC approves PG&E’s request, PG&E’s distribution revenue requirement should be $1,988.5 million.


However, PG&E has provided ample information to support a determination of the distribution revenue requirement on a stand-alone basis, regardless of the FERC outcome (Exh. 2, p. 2-1).  On a stand-alone basis, PG&E’s 1998 distribution revenue requirement is estimated to be $2,003 million (Exh. 2, Table 2-3 Revised on p. 2-3).  Therefore, if FERC approves the transmission revenue requirement of $295.5 million filed by PG&E, or for that matter anything greater than $281 million, then that amount plus the stand-alone distribution amount of $2,003 million would be greater than the estimated 1998 Commission-authorized bundled transmission/distribution revenue requirement of $2,284 million.


PG&E’s Proposed Generation Sub-Categories and Transition Revenue Account Fulfill the Requirements of AB 1890


After separating all of PG&E’s estimated 1998 revenue requirement into the four functions of generation, transmission, distribution, and public purpose programs, it is necessary to separate the generation cost category into five sub-categories to fulfill the requirements of AB 1890.  The first three sub-categories are (1) payments to the ISO for services (e.g., must�run generation units) necessary for transmission support, (2) nuclear decommissioning costs, and (3) Diablo Canyon ICIP.  The nuclear decommissioning amount of $33 million (Exh. 2, Table 2-3 Revised on p. 2-3), which is the amount of $36 million approved in the 1996 GRC Decision (Appendix B, p. B�2) less a $3 million adjustment for 1997 (see Advice 1614�E), needs to be accounted for separately under Section 379.  The Diablo Canyon Incremental Cost Incentive Price (ICIP) amount will be equal to the ICIP times Diablo Canyon generation, and the amount of ICIP which is above market will be known when PX prices are known.  The fourth sub�category is the PX payment amount which will be owed to the PX for power that PG&E’s customers obtain from the PX through PG&E.  The amount in the fifth generation sub-category, CTC, will be determined residually in order to maintain the rate freeze.


For revenue accounting during the transition period, PG&E proposes to replace the ECAC and Electric Revenue Adjustment Mechanism (ERAM) balancing accounts with a single balancing account, the Transition Revenue Account (TRA).  The TRA will be used to match the amount of billed revenues against the amount of separated revenue requirements on a monthly basis.  The separated revenue requirements will be recovered first for public purpose programs, distribution, transmission, the ISO payments, nuclear decommissioning, ICIP, and PX payments, and the amount of remaining revenue will be credited to the CTC revenue account (Exh. 1, pp. 2�33 to 2�37).  The TRA will fulfill the requirements of AB 1890 to maintain the rate freeze, separate costs, and apply residual revenues to the recovery of CTC.


SCE


For this and the other sections of the Opening Brief that deal only with SCE and/or SDG&E, PG&E has no comments.


SDG&E


 REVENUE ALLOCATION AND RATE DESIGN


Comments Common to All Applicants


Electric rates for the utilities’ retail customers are frozen for the transition period, except that residential and small commercial customers will receive rate reductions of at least 10 percent on January 1, 1998.  In order to maintain the rate freeze and realize the residential/small commercial rate reduction, the utilities all propose that generation revenues and CTC be allocated to each class and schedule residually and that the rate reduction be in the form of a bill credit.


PG&E


Revenue Allocation 


Principles


PG&E’s proposed revenue allocation satisfies Commission and legislative mandates prohibiting cost shifting; allocates transmission and distribution costs according to long�standing marginal costs principles; allocates public purpose program and nuclear decommissioning costs in accordance with the allocations in current rates; and residually allocates CTC to ensure that the legislative mandate for a rate freeze is met.


PG&E’s revenue allocation also complies with AB 1890 requirements.  First, rates for the larger non�residential customers are frozen at June 10, 1996 levels until the sooner of March 31, 2002, or the time when utility CTC is fully recovered (Section 368(a)).  Second, residential and small commercial customers’ rates (those effective June 10, 1996) will be reduced by at least 10 percent on January 1, 1998, and frozen through no later than March 31, 2002 (Section 368(a)).  Third, CTC, above-market ICIP, nuclear decommissioning costs, and public purpose program (PPP) costs are nonbypassable and will be collected in conformance with AB 1890 (Exh. 1, p. 3�1).


Given the AB 1890 guidelines and the rate freeze approved by the Commission in the Cost Recovery Plan Decision, CTC must be calculated for customer classes, rate schedules, and customers on a residual basis.  Only use of the residual method will enable PG&E to comply with the cost shifting prohibitions stated in Section 368(b).


Procedure


PG&E allocates the distribution revenue requirement based on a full equal percent of marginal cost (EPMC) allocation.  PG&E’s proposal to use marginal costs underlying rates effective June 10, 1996, complies with AB 1890 cost recovery requirements.  The EPMC allocation factor is equal to a schedule’s distribution marginal cost revenue divided by the total distribution marginal cost revenue.  A schedule’s distribution cost allocation equals the product of the distribution revenue requirement and the schedule’s EPMC allocation factor (Exh. 1, p. 3�2).


As with the allocation of distribution revenue requirements, PG&E allocates the transmission revenue requirement based on a full EPMC allocation.  The EPMC allocation factor is equal to the schedule’s transmission marginal cost revenue divided by the total transmission marginal cost revenue.  A schedule’s transmission allocation equals the product of the transmission revenue requirement and the schedule’s EPMC allocation factor (Exh. 81, pp. 10-12).  This allocation was supported by several active parties in this proceeding in the Joint Motion for Adoption of Retail Transmission Rate Stipulation filed on March 19, 1997 (Exh. 81), which apparently has not been contested by any party.


The PPP revenue requirement recovers the nonbypassable costs of CARE, renewable resource technologies, public interest research and development, and customer energy efficiency (CEE) programs.  Currently, the CARE surcharge revenue requirement is allocated on an equal cents per kWh basis (D.95�12�051, Appendix E, p. 1; Exh. 30, p. SRH�15).  PG&E proposes that the CARE surcharge revenue requirement continue to be allocated on an equal cents per kWh basis.  PG&E allocates the remaining PPP revenue requirement to each rate schedule by a factor equal to the proportion of the schedule’s present revenue relative to the total system present revenue (Exh. 1, p. 3�3).  This method is often referred to as the system average percent (SAP) method.  The SAP method results in a revenue allocation for the remaining PPP revenue requirement that reflects PG&E’s most recent capped�EPMC allocation in Decision 95�12�051 (Exh. 1, p. 3�3), and therefore should be adopted for these programs.


Section 379 requires that nuclear decommissioning costs be recovered as a nonbypassable charge.  PG&E allocates these costs and ICIP revenue requirements to rate schedules using the SAP method, because only this method reflects the allocation in rates effective June 10, 1996 of costs now separated into nuclear decommissioning and ICIP (Exh. 1, pp. 3�3 to 3�4).  PG&E did not provide on the record a revenue allocation proposal for ISO payments, but PG&E recommends using the SAP method to allocate ISO payments to be consistent with the allocation of nuclear decommissioning and ICIP.  


The Commission should adopt PG&E’s proposal to allocate CTC on a residual basis after the allocation of distribution, transmission, PPP, nuclear decommissioning, ICIP, and ISO and PX payments.  As described above, Section 368(b) freezes rates at June 10, 1996 levels (Exh. 1, p. 3�1; D.96�12�077, p. 7).  Section 368(b) also prohibits cost shifting during the transition period.  In addition, Section 367(e)(1) requires that CTC collection through rates reflect substantially the proportion of CTC collected through June 10, 1996 rates (see Cost Recovery Plan Decision, p. 8).  To maintain the rate freeze and prevent the shifting of costs during the transition, the CTC allocated to each rate schedule is equal to the difference between a schedule’s revenues at June 10, 1996 rates and the sum of allocated distribution, transmission, PPP, nuclear decommissioning, ICIP, and ISO payments, plus PX energy charges (Exh. 1, p. 3�4).


Rate Design


Bill Calculations


The key element of PG&E’s rate design proposal in this Cost Separation Proceeding is the rate freeze that the Commission approved in its Cost Recovery Plan Decision.  Every rate component (e.g., customer, energy and demand charges) on each rate schedule will remain unchanged until the earlier of the end of March 31, 2002, or when utility CTC is amortized (i.e., the end of the “transition period”).


For full service customers, PG&E proposes calculating, on a schedule average basis, the portion of each customer’s bill required to pay for the individual functions of transmission, distribution, and PPP.  For each rate schedule, the current average cost of energy from the PX for the most recent calendar month will be used to divide the remainder of the bill between PX energy and CTC and other nonbypassable charges.  


For direct access customers, bills will be determined by calculating the customer’s bill on the otherwise�applicable full service schedule (OAS) and subtracting the current cost of energy from the PX.  The charges on a direct access customer’s bill will be broken down in the same manner as the charges on a full service customer’s bill.  However, the PX cost for direct access customers will be calculated differently than for full service customers.  For direct access customers, the implied cost of energy from the PX is determined using customer�specific hourly loads rather than the schedule’s hourly loads as is the case with full service customers.  This more exact method to determine the direct access customer’s cost of energy from the PX ensures that the proper price signal is established for direct access customers; that is, direct access customers benefit only to the extent they obtain energy at a cost lower than the PX price.


Finally, PG&E proposes that virtual direct access (VDA) bills be computed in a manner similar to that of direct access.  A VDA customer will receive a bill equal to the charges on the OAS, less an implied cost of energy from the PX, plus the actual energy charge. The amount of the actual energy charge and the amount of the implied cost of energy are the same, because the source of energy is the same.  It follows that a VDA customer’s total bill will equal the customer’s charges on the OAS.  As a result, during the transition period, the VDA option can provide the customer only greater information, not a lower bill.


PG&E’s rate proposal meets three important objectives.  First, it complies with AB 1890.  Second, it provides customers with the information they need to make decisions as the energy supply market develops.  Third, PG&E’s proposal is feasible to implement and bill by the direct access implementation date of January 1, 1998.


Several parties recommend using functional rates (i.e., those shown in Exh. 2, Appendix 4B, and Exh. 3, Chapter 4A, Attachment B) for billing purposes eventually, but none of these parties recommend delay of the introduction of direct access in order to provide adequate time to develop the billing system necessary for PG&E to bill with functionalized rates.  As PG&E testified, “PG&E does not believe it is possible to meet a direct access implementation date of January 1, 1998, if billing with functionalized rates is mandated” (Exh. 3, p. DLH�1).  Because PG&E is committed to making direct access a reality, it embarked upon a method of unbundling bills that was feasible to implement in a timely manner.  Since PG&E is already working toward this goal, any change in PG&E’s current proposal has the disadvantage of slowing work (Tr. 81, 88, PG&E, Harrison).  PG&E must continue its current plan to implement direct access in order to provide the best opportunity to meet the January 1, 1998 deadline (Tr. 45, PG&E, Pease).  PG&E acknowledges, however, that these constraints do not need to exist indefinitely.  To this end, PG&E has offered to report on its billing system capabilities in April 1998.  PG&E welcomes input from others once this internal report is completed (Tr. 74�75, PG&E, Harrison).


Direct Access Bill Credit


The utilities propose that the CTC component of rates be determined as the residual of the customer’s generation charges less the PX�related charges. Consistent with the stipulation reached among parties in the CTC proceeding, the PX charges will be based on real time prices from the PX, not based on a forecast of these prices (Exh. 3, p. DER�4).  The non�energy portion of the bill which must still be paid to the utility shall be based on the actual hourly meter reads and the hourly PX price for a customer’s specific usage (Exh. 1, p. 4�7).  (PG&E has acknowledged that where the Commission requires direct access be made available to small customers for whom hourly meters are not cost effective, average load templates may be used to estimate hourly consumption.)


Enron and Southern Energy initially proposed in their respective prepared testimony (Exh. 37 and 39) to develop the CTC component of rates based on a forecast of the PX for selected customers (direct access and VDA customers).  The Enron/Southern Energy proposal to forecast PX prices suffers from a number of serious defects and should be rejected.  First, this proposal unnecessarily substitutes a cumbersome administrative process where a robust market mechanism is expected to exist.  Second, this proposal requires a complicated set of balancing accounts to attempt to ensure that costs are not shifted between customers selecting direct access and those remaining on bundled service rates.  It is not clear that PG&E could implement Enron’s initial proposal (Tr. 525, PG&E, Rubin).  During hearings, both Enron and Southern essentially disavowed the positions described in their original testimony, and offered alternative approaches which endorse the validity of using real time PX prices (Tr. 1156, Enron, Tabors; 1258-1259, Southern Energy, Muller).


Even with hourly PX prices based on actual hourly meter reads, ORA (Exh. 41, p. 26) and Southern Energy (Tr. 1259, Southern Energy, Muller) propose that CTC should be based on an average for a group of customers.  An average PX price would be applied to determine the CTC responsibility for all direct access customers.  PG&E’s method of determining CTC is superior to that proposed by ORA and Southern Energy both because it provides the customer the proper price incentive and because it provides the greatest consistency with AB 1890.


First, customers should elect direct access if they think they can achieve a lower price for power than that which can be provided through the PX (Tr. 1032, PG&E, Pease).  The credit used to determine the non�energy portion of the bill for a customer with an hourly meter must be developed based upon the actual hourly loads of the customer (Exh. 3, pp. DRP�3 to DRP�5).  To do otherwise creates the undesirable outcome that a customer with a better than class�average load profile could benefit by simply electing direct access and installing an hourly meter, since its energy choice will be based on its actual load profile, while its PX credit (and consequently CTC) would be based on the class average.  This would produce an inappropriate incentive to elect direct access that runs counter to the basic rationale for electric restructuring—fair competition in the electric supply market.  Southern acknowledged this result (Tr. 1289, Southern Energy, Muller).  PG&E’s proposal, however, removes this perverse incentive by ensuring that the credit to a customer’s bill is based on its actual load profile, thus preserving the appropriate basis for competition—the actual cost of energy.  It is remarkable that at a time when increased accuracy through hourly meters is universally considered desirable so that customers fully understand their cost of service, parties would consider basing a bill credit on an average—even though the desired hourly information is available.  PG&E believes that an averaging approach serves to mask the actual cost of energy—specifically, by creating a different total bill for a direct access customer who had not obtained a different cost of the power from that offered by the PX.  Further, such an effort during the transition sets a poor precedent as hourly meters become more common (Exh. 3, p. DRP�5).


Second, the averaging proposal of ORA and Southern Energy conflicts with the dictates of AB 1890.  Section 368(b) requires that direct access customers pay the same non�energy amounts as full service customers.  This provision ensures that direct access customers are not treated in such a way that costs might be shifted from either group (Tr. 1056, PG&E, Pease).  Under the average bill credit, low�cost customers would receive a lower non�energy charge, allowing the supplier to offer a lower total price even when that supplier’s cost of the energy is the same as that of the PX (Exh. 7, pp. 68�69, 73).  By allowing this lower�cost�to�serve�customer to pay too low a contribution to CTC, CTC costs are shifted to other customers.  This results in a longer period of time to pay CTC or absorption of uncollected CTC by shareholders at the end of the transition period.  


Virtual Direct Access


The ALJ’s January 31 ALJ Ruling provides in part as follows (p. 4):


In the Policy Decision, the Commission discussed the availability of a virtual direct access option for customers that are not relying on direct access.  In this proceeding, we will address the ratesetting implications of the virtual direct access option.


To avoid discrimination, VDA customers should be treated the same as direct access customers (Tr. 1061, PG&E, Pease).  Because they both have hourly meters, the bill credit should be determined in the same manner for VDA customers as for direct access customers.  Using the method described in section IV.B.2.a above for direct access customers, VDA customers will receive bills equal to charges on the OAS, less the implied cost of energy from the PX, plus the actual energy charge.  Since the amount of the implied cost of energy equals the actual energy charge, VDA customers’ total bills during the rate freeze will equal their bills on the OAS.  In other words, during the transition period customers’ bills are not different under VDA then they would be under full service (Exh. 1, pp. 4�8 to 4�10).  


Continued use of PG&E’s proposed direct access credit methodology for VDA not only creates consistency between direct access and VDA, it is also consistent with the dictates of AB 1890.  Specifically, Section 367(e)(2) provides:


Individual customers shall not experience rate increases as a result of the allocation of transition costs.  However, customers who elect to purchase energy from suppliers other than the Power Exchange through a direct transaction, may incur increases in the total price they pay for electricity to the extent the price for energy exceeds the Power Exchange price.  (emphasis added)


PG&E’s proposal ensures that the non-energy charge is established hourly based on the customer’s hourly usage.  Southern Energy (Tr. 1259, Southern Energy, Muller), ORA (Exh. 41, p. 25), and CEC (Exh. 56, pp. 6�8) disagree, arguing that CTC should be set on an average basis (much in the same way ORA and Southern Energy suggested to set these rates for direct access customers, above).  Their proposals would reallocate CTC to allow VDA customers an opportunity to win or lose.  However, Section 367(e)(2) precludes customers from the opportunity to lose by taking VDA service, because the utilities must acquire energy to serve their customers from the PX.  Accordingly, without an opportunity to lose, a symmetrical rate option which provides the opportunity to win or lose cannot be structured.  Additionally, the version of VDA offered by CEC in which savings are shared also fails to comply with the legislation (Tr. 1138�1139, SDG&E, Hansen).


MASTER METER ISSUES


Minimum Average Rate Limiter


The Minimum Average Rate Limiter (MARL) establishes a minimum level for recovery of energy costs and the Commission fee.  WMA states that if tenants are eligible for direct access then the utilities will no longer be serving energy tenants who choose direct access, so the MARL should be eliminated (Exh. 51, p. 5).  Further, WMA indicates this is identical to the decision to eliminate the MARL (except for the Commission fee) on similar PG&E gas schedules.  Upon further examination, WMA admitted that master meter customers who elect direct access should be responsible only for the portion of the MARL that was made up of CTC (Tr. 1527-1529, WMA, Hairston).  PG&E disagrees (Exh. 3, DRP�17).  Regardless of the composition of the MARL, electric rates in effect on June 10, 1996, remain unchanged in accordance with AB 1890.  PG&E should treat master�meter customers electing direct access in exactly the same manner as all other customers:  (1) PG&E will calculate the master�meter customer bill; (2) if the MARL is invoked, that charge will be determined; and (3) if the customer is a direct access customer, the PX energy cost component will be subtracted from the bill derived with the MARL.  Accordingly, a direct access customer that invokes the MARL will never pay 100 percent of the amount dictated by the otherwise�applicable schedule, but will pay the MARL less the PX energy cost component.  To charge less would be inconsistent with the rate freeze mandates of AB 1890.


Funding for the Costs to Implement Direct Access for Tenants


Should the Commission determine that tenants are eligible for direct access, WMA requests funding for the costs to implement that program (Exh. 51, pp. 7-11).  PG&E disagrees (Exh. 3, pp. DRP�17 to DRP�20).  WMA argues that since the utility revenue requirement may be changing through AB 1890 or through adopted Commission revenue requirements, compensation must be provided to master meter customers.  However, nowhere in AB 1890 is funding granted to master�meter customers for implementation of direct access.  It is clear that the limit of master�meter customer cost recovery is the submeter discount provided in Section 739.5.  In approving a change to the discount, the Commission must take into consideration all relevant costs associated with utility direct service to mobilehome park tenants (which costs shall not exceed the average cost that the corporation would have incurred in providing comparable services directly to users of the service), not just those argued by WMA to be incremental.  In addition, the Commission must take into consideration the implications of the rate freeze on changes to the submeter discount.  WMA has not demonstrated either:  (1) a change to the overall cost of providing service to tenants, or (2) whether a change in the submeter discount is consistent with AB 1890.  The Commission therefore should reject WMA’s request for funding because it would violate the freeze of rates in place on June 10, 1996, as prescribed by AB 1890.  And, AB 1890 aside, WMA’s showing of relevant costs is not nearly adequate to support its request.


 BILL FORMAT


Comments Common to All Applicants


Rate Reduction Bond Credits


The ALJ’s January 31 ALJ Ruling provides in part as follows (p. 3):


As of this time, the treatment of the 10% rate reduction mandated by AB 1890 will be addressed exclusively in this proceeding.  Any applicant that has failed to propose a means for reflecting the 10% reduction in rates starting January 1, 1998 must augment its application to do so.


PG&E proposes to implement the rate reduction as a bill credit (Exh. 2, pp. 4�7), similar to the proposals of the other utilities.  TURN/UCAN expressed concern that the reduction be accounted for strictly as CTC (Exh. 63, p. 15).  PG&E agrees to capture the 10 percent reduction strictly as CTC (Exh. 2, p. 4�7).  Otherwise, PG&E’s proposal was uncontested on the record.


Issues that go beyond how the 10 percent reduction is reflected in rates should be deferred to the upcoming rate reduction bond application.  Specifically, in that proceeding PG&E expects to address eligibility as well as the treatment of customers that shift from eligible to non�eligible schedules (Exh. 2, p. 4�7).


Power Exchange Prices


Provision of PX Prices on Bills


Each utility agrees that information adequate to allow customers to make reasonable choices between energy suppliers should be presented on bills (Exh. 1, pp. 4�4 to 4�8; Tr. 111, SCE, Jazayeri; Exh. 8, p. V�12).  PG&E proposes that for direct access customers served with the use of statistical load profiles and full service customers, the price that appears on the bill will be a schedule�average PX price for the most recent calendar month (Tr. 5�6, PG&E, Pease).  For direct access customers, the price will be based on the hourly PX price and the hourly�specific loads for the customer in question for the specific billing period (Exh. 1, pp. 4�6 to 4�7).  This treatment of the PX price provides the greatest accuracy possible while being within the constraints of PG&E’s billing system.  PG&E’s proposal is uncontested on the record.


Determination of PX Price


The settlement period for purchases of power from the PX is generally expected to be up to 60 days.  Therefore, the utility’s cost of power from the PX will not be available in real time.  Accordingly, the utilities have proposed that the PX price must be a combination of the forward market costs of power and the settlement cost (Exh. 3, pp. DRP�13 to DRP�15; Exh. 12, p. 36; Exh. 8, p. I�13).  The issue raised by parties in this proceeding is how best to reflect settlements in the PX price that are shown on a customer’s bill.


In PG&E’s view, the best alternative is one which keeps the true�up as close as possible to the actual date the cost is incurred.  This approach will minimize the need to carry a balance to a future period and improve the likelihood that such balances are not allocated to customers that did not contribute to the settlement.  The only more precise method to ensure customers pay for only the portion of settlement they incur would require the utility to maintain a separate balancing account for each and every customer; this type of true�up is not feasible (Tr. 525�527, PG&E, Rubin; 1278�1279, Southern Energy, Muller).  Since a settlement cannot be known in real time, and since customer�by�customer balancing accounts are not a reasonable alternative, PG&E has proposed an adjustment which keeps the adjustment as close to real time as possible, thus minimizing the potential for customers to receive the costs or benefits incurred by others. 


PG&E proposes that settlement costs be estimated for each calendar month as a percentage of the forward PX prices, based on the actual PX costs as developed for utility accounting purposes.  By its very nature, this process includes some estimates of incurred costs for a calendar month when all bills for charges have not been received.  Consistent with accrual accounting practices, any estimated amounts would be subject to true�up in the following month.  By applying an estimate of settlement costs in the current month and maintaining an ongoing true�up in the following month, PG&E’s PX price matches its estimate of PX costs used for utility accounting and brings the adjustment as close to real time as possible (Exh. 3, pp. DRP�13 to DRP�14).


As SCE has testified, however, the magnitude of settlements may lead it to revise the methodology as proposed (Tr. 1444, SCE, Jazayeri).  PG&E agrees and will remain open to considering other options should its proposed method of addressing settlements prove to be unreasonable.


PX Pricing and Related Services


If the direct access customer is self-providing a service or is paying the ISO directly for that service, then the customer should receive a credit through the PX price for those services (Tr. 18, PG&E, Pease).  Currently, PG&E anticipates that losses (Tr. 998, PG&E, Pease), ancillary services (Exh. 1, p. 4�7) and unaccounted for energy, or UFE (Exh. 3, pp. DRP�14 to DRP�15) will be self�provided by a direct access customer or will be provided by the ISO.  (PG&E cannot state conclusively how these elements will be treated, because they are a subject of the March 31 filing at FERC.)


Other


PG&E


Section 392(c)(1) states as follows:


(c)(1)  Electrical corporations shall disclose each component of the electrical bill as follows:


The total charges associated with transmission and distribution, including that portion comprising the research, environmental, and low income funds.


The total charges associated with generation, including the competition transition charge.  


PG&E’s proposed bill format goes beyond the mandates of Section 392(c)(1).  Specifically, PG&E proposes to present charges for PX energy and schedule averages for transmission, distribution, public purpose programs, and CTC and other nonbypassable charges on customer bills (Exh. 1, pp. 4-1 to 4-7).  This additional information will help customers make appropriate choices as the marketplace opens on January 1, 1998 (Tr. 1512, PG&E, Pease; see Section 392(b)(1)).


Much of PG&E’s bill format proposal is based on the company’s billing capabilities, as well as compliance with AB 1890 (Tr. 8-9, PG&E, Pease).  The various revisions and modifications suggested by parties to this proceeding would place PG&E at serious risk of not being capable to meet the January 1, 1998 deadline for direct access (Tr. 88, PG&E, Harrison).  However, recognizing that the bill format adopted for January 1, 1998 need not continue indefinitely (Tr. 45, PG&E, Pease), PG&E will report on its billing capabilities by April 1, 1998 (Exh. 3, p. DLH�1).  For the time being, though, PG&E requests the Commission to approve the bill format proposal as presented.


SCE


SDG&E


	CONCLUSION


PG&E’s positions and proposals set forth in its Application, in the evidentiary record, and in this Opening Brief achieve the primary objective of this Cost Separation Proceeding to separate the utility’s electric revenue requirements into the four major functions of generation, transmission, distribution, and public purpose programs in order to enable customer choice for electric generation beginning January 1, 1998.  PG&E’s showing also achieves this proceeding’s secondary objectives to determine the bill formats for January 1, 1998, and to provide information necessary for PG&E’s generation PBR proceeding.  PG&E’s case complies with Commission decisions and AB 1890 and is consistent with FERC rulings.  Timely Commission approval of PG&E’s positions and proposals will allow PG&E to complete necessary implementation tasks, �
including tariff development, by the end of 1997 so customer choice for electric generation can begin on schedule.
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