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REPLY BRIEF OF PACIFIC GAS AND ELECTRIC COMPANY


INTRODUCTION


PG&E submits this Reply Brief pursuant to Rule 75 of the Commission’s Rules of Practice and Procedure.  (This Reply Brief continues to use the same reference conventions as PG&E’s Opening Brief.)  PG&E is responding to arguments made in the Opening Briefs of CAL-SLA, CEC, CFBF, CIU, CLECA/CMA, CAC/EPUC, DOD, Enron, Merced Irrigation District (Merced), ORA, Southern Energy, and TURN/UCAN, to the extent they differ from positions taken by PG&E.  PG&E offers no response here to the Opening Briefs of BART, California Building Industry Association, CMRAA, SDG&E, SCE, or WMA.  PG&E is not commenting directly on positions taken by SCE and SDG&E for their companies or on criticisms of those positions by others except as they also apply to PG&E.  PG&E’s recommendations remain unchanged from its Opening Brief (Summary of Recommendations, pp. vi-ix).  For ease of reference, this Reply Brief  follows the common outline used in the Opening Briefs. 


On May 6, 1997, the Commission issued two electric restructuring decisions that are pertinent to this consolidated Cost Separation Proceeding.  First, the Commission issued D.97-05-039 setting policy on the unbundling of revenue cycle services (Revenue Cycle Unbundling Decision).  Second, the Commission issued D.97-05-040 on the implementation of direct access (Direct Access Decision). 


In another development since Opening Briefs were filed, on April 30 the Energy Division issued its report, entitled Energy Division’s Recommendation On Streamlining Issues, in compliance with the Cost Recovery Plan Decision (Energy Division Report).  The Energy Division Report was accompanied by ALJ Cragg’s Administrative Law Judge’s Ruling On Comments, which sets the dates of May 20 and May 30 for parties’ comments and reply comments on the document.  


SCOPE AND OBJECTIVES OF PROCEEDING


Adjustments to the Utilities’ Otherwise Authorized Revenue Requirements For 1998 Are Outside the Scope Of This Proceeding.


TURN/UCAN argues at length in its Opening Brief (OB) that the utilities’ otherwise authorized revenue requirements for 1998 should be adjusted in this Cost Separation Proceeding to reflect changes in the services and activities they will be providing in 1998 (TURN/UCAN OB, pp. 6-18).  CFBF and CIU make similar claims (CFBF OB, pp. 6-8; CIU OB, pp. 2-3).  The Commission should reject these positions on the basis that adjustments to the utilities’ otherwise authorized revenue requirements for 1998 are outside the scope of this Cost Separation Proceeding.  (PG&E addresses these claims further in section III.B.1. below.)


In the Interim Unbundling Decision, the Commission declared that the utilities “…should file their total ratebase and base rate revenue requirement based on our last authorization and should separate this total between transmission and distribution, consistent with Federal Energy Regulatory Commission orders” (Ordering Paragraph 1, pp. 19�20).  The decision instructed each utility to “show its total ratebase and revenue requirement as last authorized in our decisions with clear explanations for any changes since last authorized and [to] explain rules used to allocate this ratebase and revenue requirement between transmission and distribution” (p. 10).  The sensible reading of this language is that the Commission ordered each utility to submit a cost separation filing to separate into functions its last authorized revenue requirement, adjusted to reflect other Commission decisions (issued or expected) affecting the utility’s authorized revenue requirement for 1998.  This is the approach PG&E has taken in this proceeding.  PG&E has not asked the Commission in this case to authorize a change in the company’s total revenue requirement for 1998, but has asked only that the expected 1998 revenue requirement be separated into functions.  When the 1998 revenue requirement is authorized by the Commission, the separation should be adjusted accordingly.  (See PG&E OB, pp. 8-9.)


TURN/UCAN strains to find support for its assertion that this Cost Separation Proceeding should reset the utilities’ revenue requirement levels, but it cannot overcome the sensible reading of the Interim Unbundling Decision.  After conceding that the Policy Decision “is notably silent on unbundling issues,” TURN/UCAN tries to read its desired meaning into Roadmap I’s use of the term “revenue requirements” (TURN/UCAN OB, pp. 9-10).  In context, though, Roadmap I clearly is referring to the revenue requirements of the various unbundled components of electric service which result from the cost separation process and which sum to the bundled revenue requirement (Roadmap I, pp. 33-36).  With regard to the Cost Recovery Plan Decision, TURN/UCAN posits a dubious corollary to an out-of-context phrase for the purpose of drawing an inference -- thin reasoning indeed (TURN/UCAN OB, p. 11).  As for AB 1890, the best TURN/UCAN can do is claim that the legislation is silent on the issue of whether the legislation prohibits making revenue requirement changes in this proceeding (TURN/UCAN OB, pp. 12-13).


TURN/UCAN finally asks, “if not here then where?” (TURN/UCAN OB, p. 15).  For PG&E, the answer to this question is plain:  the 1999 test year GRC.  For all of the changes being brought about by restructuring, the fact is that PG&E at this time is in the middle of a “traditional” three-year general rate case cycle.  Having to wait until 1999 to make comprehensive changes in the revenue requirement last set in 1996 is no different than the situation was in 1994, when comprehensive changes in the 1993 revenue requirement had to await the outcome of the 1996 GRC.  Moreover, any mid-cycle revenue requirement adjustments that are selective -- as are those proposed by TURN/UCAN -- would be inconsistent with the philosophy of the Rate Case Plan (PG&E OB, p. 9; Exh. 3, p. SJM-2; D.96-12-066, p. 5).


For these reasons, the Commission should conclude that adjustments to the utilities’ otherwise authorized revenue requirements for 1998 are outside the scope of this Cost Separation Proceeding.


Separation Of the Distribution Function Costs Into Sub-Categories Is Outside The Scope Of This Phase Of This Proceeding.


Several parties have recommended separating distribution costs into sub-categories such as monopoly “wires” service versus potentially competitive customer services (TURN/UCAN OB, pp. 13-14; CLECA/CMA OB, pp. 20-21).  Further functionalization of distribution in this phase of the Cost Separation Proceeding is not supported by the record and would serve no useful purpose for the introduction of competition in generation on January 1, 1998.  The Revenue Cycle Unbundling Decision establishes a further phase of this proceeding to identify net cost savings for non-utility provision of billing, metering, and related services, with unbundled credits to be approved by January 1, 1999 (Ordering Paragraph 5, p. 32).  Since revenue cycle services and distribution services at the very least overlap, the Commission would need to coordinate any further functionalization of distribution with the scheduled revenue cycle unbundling phase.  To attempt to functionalize distribution at this time on the record in this phase would be counterproductive.  (See PG&E OB, p. 10.)


The Development Of Load Profiling Methodologies And Detailed Settlement Protocols Belongs In The Direct Access Proceeding.


ORA and CEC call on the Commission to approve load profiling methodologies in this Cost Separation Proceeding (ORA OB, pp. 38-43; CEC OB, p. 13).  Yet the January 31 ALJ Ruling states (p. 3), “The determination of whether to use load profile information for direct access customers will be addressed in the direct access proceeding.  Once that determination is made, the Commission will provide further procedural guidance concerning methodologies for load profiling.”  The Direct Access Decision now has provided that guidance, instructing the Energy Division to hold a workshop in June 1997 to develop statistical load profile methodologies and requiring workshop participants to file a report soon after, with the provision that evidentiary hearings on load profiling issues, if needed, will begin in July 1997 (Ordering Paragraph 7.b., pp. 96-97).  Clearly, load profiling methodologies belong in those workshops and (if needed) hearings, not here.  (See PG&E OB, pp. 10-11.) 


Similarly, ORA apparently is asking the Commission to address settlement protocols in detail in its decision here (ORA OB, pp. 38-43).  However, the Direct Access Decision instructs the Energy Division to hold a workshop in July 1997 to address the settlement and information flow issues and requires the workshop participants to file a report soon after (Ordering Paragraph 7.c., p. 97).  PG&E believes the Commission should address settlement protocols in detail in the direct access proceeding after the workshop report is filed.  (See PG&E OB, p. 11.)


SEPARaTION OF REVENUE REQUIREMENT/COST RECOVERY


Comments Common to All Applicants


Since PG&E is responding in this Reply Brief only to the arguments made in other parties’ Opening Briefs as they pertain to PG&E, PG&E’s comments in sections III, IV, and VI are contained entirely under the subsection entitled “B.  PG&E.”


PG&E


There Is No Credible Evidence For The Exclusion Of Costs.


As set forth in section II.A. above, PG&E believes that adjustments to the utilities’ otherwise authorized revenue requirements for 1998 are outside the scope of this proceeding.  However, even if the Commission does not reach this conclusion, there is no credible evidence on this record to exclude otherwise approved costs and thereby reduce PG&E’s revenue requirement.  TURN/UCAN assumes that PG&E will no longer need to perform load dispatching functions after January 1, 1998, and it therefore removes $12,059,000 in costs (Exh. 63, p. 21).  Yet, a senior transmission planning engineer in PG&E’s Transmission Planning Department testified that PG&E will not realize a reduction in resources in the load dispatching area even after the ISO becomes operational (Tr. 545-548, PG&E, Benevides), and TURN/UCAN has offered nothing but conjecture to the contrary.  TURN/UCAN also claims that PG&E’s revenue requirement should not include marketing costs in the amount of $9,151,000 (Exh. 63, p. 21).  This recommendation fails to address the fact brought out in PG&E’s rebuttal testimony that the Commission denied ratepayer funding of marketing and sales efforts in authorizing PG&E’s 1996 revenue requirement (Exh. 3, p. GKI-2, quoting PG&E’s 1996 GRC Decision (D.96-12-055), p. 42).


ORA Is Incorrect In Claiming That A&G Costs Should Be Separated On An Embedded Rather Than An Incremental Basis.  


Contrary to the assertion of ORA, PG&E has properly applied incremental cost methodology to assign its A&G costs by function.  ORA argues that “the Commission has determined that fully-allocated cost methodology is the appropriate one to allocate embedded cost between regulated and competitive businesses”  (ORA OB, p. 15).  ORA claims that Decision 89-10-031 is applicable because the Commission is unbundling an embedded revenue requirement (ORA OB, pp. 4-5).  ORA is incorrect because D.95-12-016, reflecting the evolution of Commission policy as well as sound economic theory and practice, indicates that the Commission should separate A&G costs for electric restructuring on an incremental basis, not on a fully allocated cost basis.  Moreover, there is near-universal recognition among economists that fully allocated costs are arbitrary and should not be used to set prices for competitive services (Exh. 1, Appendix 2A, p. 2A-7). 


In D.95-12-016 the Commission adopted incremental cost methodology for cost studies and determination of price floors for competitive telephone services.  (PG&E quotes extensively from this decision in Exhibit 3 (pp. RDL-10 to RDL-12).)  The principles adopted in D.95-12-016 are applicable here because the situation of electric generation in 1998 will be akin to the situation of Category II and Category III telephone services in 1995:  there will be no officially sanctioned revenue requirement associated with the competitive provision of those services.  Therefore D.95-12-016, which calls for no mandatory allocation of common overhead costs to competitive services, is fully applicable to electric generation and does indeed supersede D.89-10-031.


Furthermore, assignment of A&G costs on an incremental basis is consistent with avoided-cost credits associataed with industry restructuring.  For the transition period, direct access customers will pay the current fully-bundled rate, less a credit based on the PX price (Exh. 1, p. 4-6).   The PX price represents the utilities’ avoided cost resulting from direct access.  PG&E agrees with TURN/UCAN that costs which are avoidable when utilities no longer provide generation service should be excluded from transmission and distribution rates (TURN/UCAN OB, p. 11).  However, the logical corollary is that transmission and distribution rates should include those authorized A&G costs that are not avoidable when utilities no longer provide generation service.  This principle underlies the revenue cycle services avoided-cost credit  provided for in the Revenue Cycle Unbundling Decision (p. 18):  “There is no persuasive reason to cause customers to pay for costs that are not incurred just as there is no persuasive reason to excuse customers from paying for costs incurred on their behalf.”  The avoided-cost credits for the PX price and for revenue cycle services are consistent with PG&E’s incremental A&G cost separation; they are not consistent with the intervenors’ proposed full allocation of A&G costs (Exh. 3, p. RDL-10). 


Parties Have Failed to Support Their Assertions That PG&E Has Not Made An Adequate Showing For The Functional Assignment Of Costs On A Cost-Causation Basis.


PG&E’s Direct Assignment of Costs Is Fully Documented.


TURN/UCAN claims that PG&E did not present “anything approaching” an adequate analysis of distribution costs (TURN/UCAN OB, p. 4).  The truth is very different.  PG&E has affirmatively described every cost item that is assigned to the distribution category (Exh. 1, p. 2-14).  PG&E’s documentation includes an accounting of every dollar of costs assigned to the distribution function (Exh. 17).  For A&G and operations and maintenance (O&M), all costs and accounts that are assigned to the distribution category are itemized in PG&E’s workpapers categorized by labor and non-labor (Exh. 17, pp. 2-33, 2-35).  For capital�related costs and common and general plant, PG&E documents every item assigned to the distribution category and explains the reason for the assignment, including, for example, plant�in�service, depreciation reserve, and deferred taxes (Exh. 1, pp. 2-6 to 2-7, 2�14; Exh. 17, p. 2-37).   The distribution plant�in�service, for instance, is itemized as $8,902,586,000.  The method of assigning common and general plant to the distribution category is also fully documented (Exh. 1, pp. 2-6 to 2-9).  For example, the common and general plant�in�service assigned to distribution is $1,365,517,000 and the corresponding depreciation reserve is $443,284,000 (Exh. 17, p. 2�38).  


PG&E has assigned the customer accounts costs, including costs for services such as billing and metering, to the distribution function (Exh. 1, p. 2�14; Exh. 17, p. 2�33).   CLECA/CMA claims that the Interim Unbundling Decision prohibits the assignment of revenue cycle services such as billing and metering exclusively to the distribution category (CLECA/CMA OB, p. 20).  The Interim Unbundling Decision in fact does agree with the distinction in Commissioner Duque’s May 8 ACR between revenue cycle service costs and distribution costs (pp. 8-9).  However, in the same decision, the Commission orders the utilities to file their cost separation applications “consistent with Federal Energy Regulatory Commission orders” (Interim Unbundling Decision, Ordering Paragraph 1, pp. 19-20).  PG&E’s filing here is consistent with FERC orders (Exh. 1, p. 2-14).  More specifically, PG&E follows the usual approach of assigning customer accounts to the distribution function described in the NARUC Cost Allocation Manual.   In its March 31, 1997 filing at FERC, as in its past filings, PG&E consistently follows this approach by not including customer accounts in the transmission or generation category.


The Design and Administration of PG&E’s A&G Study Were Not Biased. 


Contrary to assertions by DOD and TURN/UCAN (DOD OB, p. 6; TURN/UCAN OB, p. f), PG&E’s 1996 A&G Study was unbiased in its design and administration.  It was unbiased in its design because it treated each of the major electric functions symmetrically (Exh. 1, p. 2-18).  It was unbiased in its administration because PG&E took considerable care to ensure that responses were as accurate as possible (Tr. 461, 481-484, PG&E, Levin).  The unbiased design and administration of the A&G Study ensure as much as possible in a survey like this that the results neither favored nor disfavored the assignment of costs to the generation function. 


Residual Costs Should Not Be Allocated To The Generation Function. 


TURN/UCAN’s Fundamental Assumption Of “Proportionality” Is Inconsistent With Economic Reality. 


The fundamental assumption underlying TURN/UCAN’s recommendation to phase in an allocation of residual costs to generation is that residual costs should shrink “proportionally” to the “size” of the utility, with size measured by labor dollars (Exh. 63, p. 12; Tr. 1758-1760, TURN/UCAN, Marcus; TURN/UCAN OB, p. g).  Based on this assumption, TURN/UCAN recommends allocating the utility’s residual costs among the functions in proportion to their contribution to the size of the utility, as measured by an O&M labor allocator or a multi-factor allocator (TURN/UCAN OB, p. h). This proportional allocation of residual costs is advocated by numerous other intervenors (CEC OB, p. 11; Enron OB, p. 6; DOD OB, p. 4; CFBF OB, p. 15; CIU OB, p. 8; CAC/EPUC OB, p. 15; CLECA/CMA OB, p. 6; ORA OB, p. 16).  


If the TURN/UCAN  proportionality assumption is not valid, then a proportional allocation of residual costs is not appropriate.  As the record shows, TURN/UCAN’s proportionality assumption is inconsistent with the economic reality of the existence of fixed costs, economies of scale, and economies of scope in utility operations.


Under TURN/UCAN’s assumption, there simply would be no residual or fixed costs, since all costs would shrink proportionately as the company became smaller.  The existence of fixed costs is acknowledged in Commissioner Duque’s May 8 ACR:  “The vertically integrated utility undertakes many activities which have no unique relationship to any of the three functional areas.  As the most prominent example, the utility undertakes administrative and general activities with substantial fixed and variable costs to manage its operations” (emphasis added).  In addition, the record in this case also amply supports the existence of utility fixed costs (Exh. 12, Appendix C, p. 11; Tr. 246-250, SCE, Fielder; Tr. 298, PG&E, McCarty).


TURN/UCAN’s proportionality assumption is inconsistent with the existence of economies of scale.  TURN/UCAN’s witness acknowledged that PG&E has economies of scale (Tr. 1763, TURN/UCAN, Marcus).  Economies of scale are closely related to fixed costs.  For example, a payroll system currently serving 14,000 employees would certainly experience less than a 50 percent reduction in operating costs if the number of employees were to decline by 50 percent (due to divestiture or any other cause), because much of its costs (e.g., for hardware and software) are fixed (Tr. 249, SCE, Fielder; Tr. 298, PG&E, McCarty).  That is, the reduction in cost would be less than proportional, or subproportional, to the reduction in company size.  Similarly, an increase in cost would be subproportional to any increase in labor (due to a merger or any other cause).  This subproportionality of costs with respect to size is what economists mean by economies of scale.  The existence of economies of scale in utility operations means that costs shrink or grow subproportionally as the utility gets smaller or bigger, not proportionally as TURN/UCAN assumes.


TURN/UCAN’s proportionality assumption also is inconsistent with the existence of economies of scope.  PG&E’s testimony (Exh. 1, Appendix 2A, p. 2A-1 to 2A-2) refers to economies of scope in its A&G function.  As an example, PG&E cites its Tax Department, which prepares and files tax returns for the combined gas and electric departments at the company.  If the gas function were divested, the Tax Department’s cost of preparing and filing PG&E’s tax returns would not be materially reduced (Exh. 1, Appendix 2A, p. 2A-2, see also Tr. 1417).   (Some support costs borne by PG&E’s accounting departments could be eliminated (Tr. 475-476, PG&E, Levin).)  A similar result would be true if PG&E divested generation (Exh. 3, p. RDL-6).  The existence of  economies of scope in utility operations is incompatible with TURN/UCAN’s proportionality assumption, since these costs will shrink subproportionally, if at all, as the utility gets smaller by divestiture.


The illogic of TURN/UCAN’s proportionality assumption is highlighted in the case of mergers.  TURN/UCAN’s witness stated that his proportionality assumption is valid for companies which are growing in size, as well as shrinking, but found an exception in the case of mergers (Tr. 1762, TURN/UCAN, Marcus):  “And, again, I would draw the exception of mergers that I drew earlier in our discussion where you may find that by combining two things in companies, you may find efficiencies in savings” (emphasis added).  As the witness indicated, it is well known that savings (due to economies of scope and scale) are almost always expected when companies merge.  This implies that the growth in residual costs is subproportional to growth in size, when there is a merger.  Since divestiture is in effect a merger in reverse, logic says that a reduction in residual costs will be subproportional to a reduction in size for divestiture, just as growth in residual costs will be subproportional to growth in size for a merger.


Since this invalid assumption is fundamental to TURN/UCAN’s recommendation, the Commission should reject TURN/UCAN’s proposal to impose a proportional allocation of residual costs to generation.  To the extent other parties’ proposals to allocate residual costs to generation implicitly rely on TURN/UCAN’s invalid assumption, the Commission should reject their recommendations also.


PG&E’s Allocation Of Residual Costs Is Not Anticompetitive.


PG&E’s allocation of residual costs is designed to provide a “level playing field” for the competitive generation market.  CLECA/CMA, DOD and ORA allege that PG&E’s approach is anticompetitive; i.e., it provides PG&E’s generation with an unfair advantage over potential generation competitors (CLECA/CMA OB, p. 8; DOD OB, p. 5; DFBF OB, p. 15; ORA OB, p. 6).  These allegations are refuted by ample record evidence that PG&E’s allocation of residual costs mirrors the behavior of potential entrants to the competitive generation market and does not create a cross-subsidy from transmission and distribution to generation, and that these realities are not altered by the fact that PG&E’s transmission and distribution functions will continue to be regulated.  


A potential entrant into a new market would not allocate its residual costs to a potential expansion in deciding whether to enter the new market (Exh. 3, p. RDL-7; see also Tr. 326, PG&E, McCarty).  A similar conclusion applies to most new firms, as well as existing ones (Tr. 1016-1017, PG&E, Parsons; Tr. 1324-1325, CIU, Chalfant), despite CLECA/CMA’s assertion to the contrary (CLECA/CMA OB, p.12).  Further corroboration that potential entrants would not allocate the fixed costs of their existing business to a new service or product is provided by ORA’s witness, who testified that it would “probably” be a sound economic decision for a potential non-utility competitor to enter the generation market if it could cover its incremental costs, plus a small additional return (Tr. 1699, ORA, Price).  By not allocating residual costs to generation, PG&E is mirroring the behavior of potential entrants to the competitive generation market.


CLECA/CMA and CFBF claim that PG&E’s allocation of residual costs would result in a cross-subsidy from transmission and distribution to generation (CLECA/CMA OB, pp. 7, 11; CFBF OB, p. 15).  CLECA/CMA’s witness did not contest the standard economic definition of a subsidy, provided by PG&E’s consulting economist with citations to the economics literature (Tr. 1844, CLECA/CMA, Yap; Exh. 3, pp. SGP-1 to SGP-7).  Based on that definition, PG&E’s allocation of residual costs does not result in any cross-subsidy from transmission and distribution to generation (Tr. 1004, PG&E, Parsons).  If anything, PG&E’s generation cost estimates are conservatively large and overstate the forward-looking incremental cost of generation (Tr. 1005, PG&E, Parsons). 


CLECA/CMA and DOD suggest that regulated utilities’ greater assurance of cost recovery in a regulated environment alters the competitive neutrality of PG&E’s proposed allocation and justifies allocating residual costs to PG&E’s competitive generation function (CLECA/CMA OB, pp. 5, 14; DOD OB, p. 5).  However, continued regulation of distribution and transmission confers both advantages and disadvantages on the utilities, and it is not at all clear that the advantages outweigh the disadvantages.  While regulated utilities may have greater assurance of cost recovery than other firms, they also have inherent disadvantages vis-à-vis unregulated competitors in the form of earnings caps and the obligation to serve (Tr. 426, PG&E, Levin; Tr. 764, SCE, Ziegler).  And, contrary to CLECA/CMA’s claim that the utilities’ CTC coverage “guarantees them coverage of their fixed costs” (CLECA/CMA OB, p. 14; Tr. 1845, CLECA/CMA, Yap), CTC provides only the opportunity for cost recovery, not a guarantee.  In any event, any greater assurance of cost recovery by regulated utilities does not alter the economic principle that residual costs should not be allocated to competitive lines of business.  An allocation of residual costs to the competitive generation function runs the risk of establishing a level which is simply not sustainable in the marketplace.  That has the long-term effect of causing economic harm either to PG&E’s customers or to its shareholders, or to both (Tr. 1020-1021, PG&E, Parsons).     


PG&E’s Allocation Of Residual Costs Does Not Discourage Legitimate Cost-Cutting.


Contrary to several intervenors’ assertions (CFBF OB, p. 20; DOD OB, pp. 9-10; CIU OB, p. 10), PG&E’s allocation of residual costs is consistent with the Commission’s intent to encourage the utilities to reduce their costs.  Two types of potential cost reductions are discussed on the record:  the “GRC type,” which deals with savings which are potentially achievable through greater efficiency but are not tied to generation divestiture; and the “divestiture type,” which deals with savings which are potentially achievable specifically as a result of divestiture.  ORA acknowledged this distinction (Tr. 1580, ORA, Clemons), which is crucial to the assignment of A&G costs.  


Several intervenors suggested cost-cutting measures such as “renting out unused building space or outsourcing work” (CFBF OB, p. 20) and “establishing service companies” (DOD OB, p. 10).  To a large extent, the suggested cost-cutting measures are not logically tied in any way to divestiture of functions.  Instead, they are of the “GRC type” and should therefore be examined in a GRC or PBR proceeding, not a cost separation proceeding.  A case in point is the tax preparation example suggested by DOD (Exh. 45, p.11).  DOD’s witness conceded that if outsourcing of the utility’s tax function occurred prior to a divestiture, there would be no further savings associated with the divestiture (Tr. 1416-1417, DOD, Brubaker).  It is precisely this type of savings -- the “GRC type” -- which is the proper subject of general rate cases and/or PBR proceedings (Exh. 3, p. RDL-5; Tr. 293, PG&E, McCarty).  For PG&E, the Commission will have the opportunity to consider such savings quite soon, in the 1999 test year GRC to be filed this year.


It is the divestiture-type savings, and only those savings, that are the A&G costs assignable to generation based on cost causation (PG&E, Exh. 3, p. RDL-4), and these costs have been assigned to generation by PG&E’s A&G Study.  These savings constitute all the savings that can be expected as a result of generation divestiture (PG&E, Exh. 3, p. RDL�4).  Residual costs then cannot be reduced by divestiture.  Non-utility support for this proposition, at least in the short run, comes from  TURN/UCAN (Exh. 63, p. 12):


“First, it is reasonable to expect that even if these costs may be fixed in the short run (e.g., a year), they are more likely to be variable in the longer run (e.g., five years).  In the short run it may not be possible to react immediately to cut costs...”  


It is for this reason that TURN/UCAN recommends that residual costs not be allocated to generation in the near term.  PG&E believes that in taking this thoughtful position, TURN/UCAN is recognizing that allocation of residual costs to generation is, at least in the near term, a backdoor method of disallowing “GRC type” costs that parties believe should be cut, when the legitimate approach is through the front door of PG&E’s 1999 GRC.


PG&E’s Allocation Of Residual Costs Does Not Violate Any Provision Of AB 1890.


CFBF (CFBF OB, pp. 16-18) and CAC/EPUC (CAC/EPUC OB, pp. 15-17), allege that PG&E’s allocation of residual costs is inconsistent with the requirements of Section 367 (c), which states in part as follows: 


All “going forward costs” of fossil plant operation, including operation and maintenance, administrative and general, fuel and fuel transportation costs, shall be recovered solely from independent Power Exchange Revenues or from contracts with the Independent System Operator,…


The intervenors’ allegations clearly depend on the definition of “going forward costs” of generation.  It is apparent to PG&E that “going forward costs” of generation must be those costs that are causally related to generation, i.e., the incremental cost of generation (Exh. 1, p. 2-17; Tr. 1018-1019, PG&E, Parsons).  CFBF and CAC/EPUC assert that “going forward costs” should include an allocation of costs which are not causally related to generation (CFBF OB, p. 19; CAC/EPUC OB, pp. 15-16), but such an interpretation of  “going forward costs” is illogical (Exh. 3, pp. RDL-3 to RDL-4).  Furthermore, AB 1890 provides no indication there was any legislative intent for “going forward costs” to include an allocation of costs to generation which are not causally related to that function (CAC/EPUC OB, p. 16).  The “going forward costs” of generation -- namely the incremental costs of generation -- are exactly the A&G costs which PG&E assigns (not allocates) to generation through its A&G Study.  Since residual costs by definition cannot be assigned to any function (including generation) based on cost causation, none of PG&E’s residual costs can be defined as “going forward costs” of generation as that term is used in Section 367(c).  Therefore, PG&E’s allocation of residual costs is fully consistent with Section 367(c).


Enron alleges that PG&E’s allocation of residual costs results in prohibited cost shifting (Enron OB, pp. 6-8).  PG&E’s current retail electric rates are fully bundled and are not based on an allocation of residual costs among generation, transmission, and distribution (Exh. 3, p. RDL-2; Tr. 429, PG&E, Levin).  Commission-jurisdictional costs, including residual costs, are being functionalized in this manner for the first time in this proceeding.  The “shift” that Enron is alleging is only the difference between PG&E’s and Enron’s proposed residual cost allocations.  The Commission should address this matter as it truly is -- namely, a difference in approaches to the allocation of residual costs -- and not be misled into a discussion of non-existent “cost shifting.”


In Any Event, None Of PG&E’s Residual Costs Should Be Allocated To Generation Before The Year 2000.


PG&E’s position is that no residual costs should be allocated to generation in the near term or the longer term.  As noted in section III.B.4. above, TURN/UCAN agrees with PG&E that no residual costs should be allocated to generation in 1998 (Exh. 63, p. 2).  Under TURN/UCAN’s phase-in proposal, 25 percent of the eventual residual cost allocation to generation would be allocated to generation in 1999.  When asked whether this would be appropriate for PG&E given that the reasonable level of PG&E’s costs will be reset in its 1999 GRC, TURN/UCAN’s witness acknowledged that “we can do some specific fine-tuning to make sure we don’t take some costs out twice,” and that one possible find-tuning approach that could be done would be to start the phase-in in the year 2000 (Tr. 1767-1768, TURN/UCAN, Marcus).  PG&E therefore recommends that the Commission decide that, in any event, there should be no allocation of residual costs to generation for PG&E before the year 2000.


If Residual Costs Are Allocated To Generation, They Should Be Reallocated In The Event Of Divestiture.


CLECA/CMA recommends that residual costs allocated to generation “follow” generation assets that are divested (CLECA/CMA OB, p. 12; Exh. 73, p. 8).  In other words, the residual costs associated with divested plants would no longer be recoverable by the utility.  PG&E requests the Commission to reject their recommendations and to declare that such residual costs should be reallocated to the utilities’ non-generation functions at the time of divestiture (Exh. 3, pp. RDL-6 to RDL-7).


Since the utility costs in question here are residual, by definition they will not go away when the generation assets leave the utility.  This means that they simply will be unrecoverable, absent reallocation.  Under these circumstances, a utility would take into consideration the associated loss in deciding whether to divest a generating asset.  The effect of not reallocating, then, would be to create a disincentive for the utility to divest.  The disincentive to divest a generation asset would be stronger as more residual costs are allocated to generation and the potential unrecoverable amounts grow.  If the Commission does choose to allocate residual costs to generation, PG&E urges the Commission to establish a reallocation process to remove the disincentive for generation asset divestiture.


The Separated Revenue Requirements for Transmission and Distribution Should Sum to the Bundled Transmission/Distribution Revenue Requirement Authorized by this Commission.


The utilities propose to determine the distribution revenue requirement through what is now called the “residual” or “subtraction” method.  Under this method, PG&E’s distribution revenue requirement is determined by subtracting the company’s FERC-approved transmission revenue requirement from the sum of the Commission-approved transmission-plus-distribution revenue requirement.  The purpose of this method is to ensure that PG&E neither enjoys a windfall nor suffers a shortfall simply as a result of the cost separation process (Exh. 2, p. 2-1).  PG&E also provided on this record ample support for determining its distribution revenue requirement on a “stand-alone” basis, independent of FERC’s determination of PG&E’s transmission revenue requirement. 


The parties opposing the subtraction method generally favor the stand-alone approach, but some offer as an alternative a variation on the subtraction method whereby the amount to be subtracted would be the amount filed at FERC rather than the amount FERC eventually approves.  Both the stand-alone approach and the subtraction variation would frustrate the underlying purpose of this proceeding to separate into functions the utility costs that this Commission has found to be just and reasonable (Tr. 293, PG&E, McCarty).  Under the stand-alone approach, the sum of PG&E’s FERC-authorized transmission revenue requirement and Commission-authorized distribution revenue requirement equal the Commission-authorized transmission-plus-distribution revenue requirement only by coincidence.  Under the subtraction variation approach, the sum would almost certainly be lower than the Commission-authorized transmission-plus-distribution revenue requirements, as explained below.  Only the subtraction method as proposed by the utilities guarantees the Commission that the costs it has authorized are not altered (up or down) by the cost separation process.


CLECA/CMA and CAC/EPUC argue that the subtraction method results in a transfer of authority from this Commission to FERC (CLECA/CMA OB, p. 18; CAC/EPUC OB, p. 6).  On the contrary, keeping the transmission-plus-distribution revenue requirement level unchanged through the utilities’ subtraction method maintains this Commission’s authority by ensuring that this Commission’s revenue requirements decision will stand regardless of what FERC decides.  This reasoning applies as well to the argument for selective changes in PG&E’s revenue requirements.  DOD gives the example of return on equity:  FERC may approve a different return on equity for transmission assets than the return adopted by this Commission for PG&E’s bundled revenue requirement (DOD OB, p. 10).  However, this potential difference actually argues in favor of the Commission adopting the utilities’ subtraction method, which would ensure that any changes in return for transmission-plus-distribution would be made by this Commission and not as the result of a FERC decision.


CLECA/CMA and TURN/UCAN assert that the utilities’ subtraction method does not permit an examination of the distribution function and its associated costs (CLECA/CMA OB, p. 15; TURN/UCAN OB, p. 4).  This assertion ignores the fact that PG&E’s workpapers (Exh. 17) lay out in great detail all the costs in the accounts that make up the distribution functions (see section III.B.3.a. above). 


CFBF maintains that PG&E and the other utilities recommended the subtraction method solely to benefit their shareholders (CFBF OB, pp. 11-12).  This claim flies in the face of the fact that the utilities’ subtraction method results only in a transmission-plus-distribution revenue requirement exactly equal to that authorized by this Commission -- no less and no more.  If FERC approves a transmission revenue requirement for PG&E above $281 million (out of the requested amount of $295.5 million), then PG&E’s combined revenue requirement would be lower under the subtraction method than under the stand-alone approach (PG&E OB, p. 21).  (PG&E believes that arguments are not constructive when they impugn parties’ motives rather than analyze proposals’ merits.) 


As noted above, a number of parties make the argument that the transmission revenue requirement should be based on PG&E’s FERC transmission filing.  The very design of this subtraction variation would use the cost separation process to force utility shareholders to absorb the difference between the transmission revenue requirement filed at FERC and the amount eventually approved by FERC.  The shareholder risk here is far from symmetrical, since it is extremely unlikely that the FERC will set transmission rates higher than the utilities have requested (CFBF OB, p. 14).  Moreover, the amount absorbed by shareholders will represent costs which were already found reasonable by this Commission.  The subtraction variation approach therefore would create a regulatory crack between the two jurisdictions through which authorized dollars almost certainly would fall.  In its design, then, the subtraction variation is an inherently flawed proposal.  


If the Commission chooses not to adopt the utilities’ subtraction method, then PG&E recommends that, for PG&E, it approve the stand-alone approach.  PG&E urges the Commission not to approve the flawed subtraction variation proposal.


PG&E’s Transition Revenue Account Should Be Approved In This Proceeding.


For revenue accounting during the transition period, PG&E proposes to replace the ECAC and ERAM balancing accounts with a single balancing account, the TRA (Exh. 1, pp. 2-33 to 2-37; PG&E OB, p. 22).  The only objection to PG&E’s proposed TRA came in ORA’s Opening Brief (ORA OB, p. 20).  ORA appears to reason that since ERAM is a subject of the Energy Division Report, and since TRA is the functional equivalent of ERAM, the Commission in this proceeding should reject the proposed TRA if it decides in the Energy Division Report process to eliminate ERAM for non-generation functions.  ORA offers no alternative to TRA for revenue accounting during the transition period.


The Energy Division Report, dated April 30, 1997, was not available before Opening Briefs were filed.  It concludes generally for the utilities that ERAM can be eliminated in the short term, but it does not specifically address PG&E’s existing ERAM or proposed TRA (p. 8, Table-2).  With regard to the next procedural steps, the Energy Division Report does not recommend a new procedure to implement its streamlining efforts and instead recommends that the streamlining issues be pursued in this and other proceedings already underway or scheduled.  Therefore, there is no basis in the Energy Division Report for ORA’s assertion that TRA belongs in some proceeding other than this Cost Separation Proceeding.


Moreover, while TRA is similar in many respects to ERAM, it also differs in important respects (Exh. 1, pp. 2-33 to 2-37).  Most significantly, under TRA any variation in billed revenues due to sales fluctuations will not be subject to balancing account treatment and will affect recovery of CTC (Exh. 1, p. 2-34).  PG&E would not have this risk of CTC recovery under ERAM.  In proposing to replace ERAM and ECAC with TRA, then, PG&E clearly is not proposing to keep ERAM in its current form, as ORA seems to imply.


The Commission Should Reject TURN/UCAN’s Proposal That Cost Of Capital Be Made Retroactive.


TURN/UCAN has proposed that utilities should unbundle the cost of capital in a future proceeding, and that the result of that proceeding be applied retroactively to January 1, 1998 (TURN/UCAN OB, pp. 25-27; Exh. 63, p. 17).  While PG&E agrees that the cost of capital should be unbundled in some future proceeding, PG&E opposes the retroactive feature of the TURN/UCAN recommendation.  That recommendation would require PG&E and other parties to litigate the cost of capital for 1998 two times (Exh. 3, p. RAP-1).  PG&E filed its regular “bundled” cost of capital request for 1998 on May 8, 1997.  After some process of settlement and/or litigation, the Commission will render a decision in 1997 setting the cost of capital for 1998.  Under TURN/UCAN’s proposal, the parties would come back, presumably sometime in 1998, and go through the process all over again on an unbundled basis so the Commission could render another decision again setting the cost of capital for 1998.  Although TURN/UCAN assumes that the result of this second cost of capital proceeding would result in a decrease in the utility revenue requirement (Exh. 63, p. 18), unbundling the cost of capital could also result in a higher revenue requirement (Tr. p. 640, PG&E, Patterson).  In fact, the uncertainty caused by TURN/UCAN’s proposal would require an initial cost of capital higher than without the retroactive provision (Exh. 3, p. RAP-1; Tr. pp. 538-541, PG&E, Patterson).  For these reasons, the Commission should deny the TURN/UCAN proposal and should continue to determine the cost of capital prospectively, as the Commission has done for many years.


SCE


SDG&E


REVENUE ALLOCATION AND RATE DESIGN


Comments Common to All Applicants


PG&E


The Retail Transmission Rate Stipulation Expresses ORA’s Position On This Subject.


On March 19, 1997, the utilities, ORA, CIU, CLECA, CMA and DOD filed and served in this Cost Separation Proceeding their joint Motion for Adoption of Retail Transmission Rate Stipulation, together with the Retail Transmission Rate Stipulation dated March 18 (Exh. 81).  One of the Stipulation’s three areas of agreement states as follows (Exh. 81, p. 9): 


The CPUC should adopt in this proceeding the retail transmission revenue allocation and rate design methodologies reflected in the utilities’ December 6, 1996 filings, as supplemented by Appendix A to this proposed stipulation, for use in developing unbundled transmission rates for retail customers under the new industry structure.


The transmission revenue allocation method for PG&E is expressly set forth in the Stipulation as follows (Exh. 81, p. 10; see Exh. 1, p. 3-3):


PG&E is allocating the transmission revenue requirement based on a full percentage of marginal cost (“EPMC”) allocation.  The EPMC allocation factor is equal to a rate schedule’s transmission marginal cost revenue divided by the total transmission marginal cost revenue.


Under these circumstances, PG&E does not understand how the discussion of transmission revenue allocation in ORA’s Opening Brief can have any bearing on its recommendation in this proceeding (ORA OB, pp. 26-27).  The Stipiulation should serve to nullify any suggestion by ORA that retail transmission revenue allocation and rate design methodologies for PG&E should be anything other than those proposed by PG&E in its December 6, 1996 Cost Separation Application.


The Commission Should Adopt PG&E’s Proposal To Allocate Nuclear Decommissioning Costs And ICIP Revenue Requirements Using The SAP Method.�


Section 379 requires that nuclear decommissioning costs be recovered as a non-bypassable charge.  PG&E allocates nuclear decommissioning costs and ICIP revenue requirements to rate schedules using the SAP method, which reflects the current allocation of nuclear decommissioning costs in rates effective June 10, 1996 (Exh. 1, pp. 3-3 to 3-4).  In contrast, ORA proposes to allocate nuclear decommissioning costs to rate schedules on an equal-cents-per-kilowatthour basis (ORA OB, p. 28). 


As set forth in D.95-04-050 (p. 76), the Commission adopts non-cost based allocation methods (including equal-cents-per-kWh) for costs that are “end-use oriented and not directly related to the ongoing production, transmission, distribution or access functions of the utility”  (emphasis added).  Costs that meet these criteria include power factor adjustments, streetlighting facilities, and non-firm credits which can be “assigned directly to rate groups.”  Additionally, the Commission applies “equal cents per therm or kWh allocations to costs associated with a societal good or service” such as the CARE discount.  Clearly, nuclear decommissioning and ICIP revenue requirements do not meet these definitional criteria.  These costs are not end-use oriented, are related to the ongoing production function of the utility, cannot be assigned directly to rate groups, and do not provide a societal good or service (Exh. 41, p. 18; Tr. 973, PG&E, Haertle; Exh. 3, pp. SRH-1 to SRH-2). 


PG&E’s allocation using the SAP method maintains the capped-EPMC allocation in rates effective June 10, 1996 (Exh. 1, pp. 3-3 to 3-9).  Applying an equal-cents-per-kWh method to allocate nuclear decommissioning revenue requirements may violate cost-shifting prohibitions (Exh. 3, p. SRH-2; Exh. 11, p. 19; Exh. 40, p. 2; Exh. 73, p. 21; Exh. 45, p. 2).


For these reasons, the Commission should allocate nuclear decommissioning costs and ICIP revenue requirements to rate schedules using the SAP method, rather than on an equal-cents-per-kWh basis.


The Commission Should Adopt PG&E’s Proposal For Bill Calculation And Should Not Require Rate Functionalization On January 1, 1998.


PG&E has proposed a simplified method of dividing bills into functions based upon the schedule average percentage allocation for transmission, distribution, and public purpose programs.  The remainder of the bill would be divided between CTC and other nonbypassable charges and the PX energy cost, based upon the recent PX energy cost.  Though PG&E has made this proposal primarily due to limitations in its billing system, this approach meets or exceeds legislative mandates (Tr. 8-9, PG&E, Pease).


Several parties contend rates should be developed by function and used for billing as soon as possible (DOD OB, p. 20; CIU OB, pp. 11-13; CAC/EPUC OB, p. 26).  However, PG&E simply is not able to functionalize rates for billing on January 1, 1998.  CIU and CAC/EPUC request that PG&E justify why its billing system cannot be modified to be able to bill functionalized rates by January 1, 1998 (CIU OB, pp. 11-13; CAC/EPUC OB, p. 26).  PG&E presented prepared testimony and a witness specifically on the topic of billing considerations (Exh. 1, p. 4-13).  PG&E’s witness, the company’s director of application software maintenance, testified that PG&E’s proposal minimizes the risk of a billing system failure which would impair PG&E’s ability to continue to meet the needs of its customers, and that PG&E would not be able to bill using functionalized rates by January 1, 1998 (Exh. 3, p. DLH-1).  Thus PG&E already has shown that its billing system is constrained, giving parties ample opportunity in this proceeding through discovery and cross-examination to question PG&E’s ability to make billing modifications by January 1, 1998.  The Commission should not grant parties’ request for a another showing by PG&E.  (PG&E’s billing constraint is also addressed in section VI below.)


CAC/EPUC seems to be recommending that PG&E be required to functionalize rates on January 1, 1998, even though the functionalized rates would not be used for billing purposes (CAC/EPUC OB, pp. 25-26).  Such a requirement would serve no useful purpose.  Worse, adopting both PG&E’s bill calculation proposal and functionalized rates could confuse customers by showing on the tariffs both the percentages for dividing bills and the functionalized rates (Tr. 1076, PG&E, Pease).  CAC/EPUC’s point that bills for departing customers would be different under the two methods has no practical, purposeful application (CAC/EPUC OB, pp. 24-25).  PG&E therefore urges the Commission to reject CAC/EPUC’s request to adopt functionalized rates on January 1, 1998, even though they would not be used for billing.


Functionalized rate design is far from a simple issue and has been actively debated in the past (ORA OB, pp. 30-32).  For PG&E, debating the issue at this time makes little sense, because PG&E is unable to use functionalized rates for billing on January 1, 1998.  Also, PG&E agrees with SCE that revenue allocation and rate design must be fully revisited before the end of the transition period (SCE OB, p. 70).  Therefore, PG&E requests that the Commission declare that the issue of functionalized rate design for PG&E be addressed in Phase 2 of PG&E’s 1999 GRC.


PG&E’s Above-Market ICIP Charge Fully Complies With AB 1890 And The Cost Recovery Plan Decision.


PG&E proposes to include a nonbypassable charge that would collect the amount of Diablo Canyon ICIP above the market price of power (Exh. 1, p. 4-5, footnote 5; Tr. 1112-1117, PG&E, Pease).  TURN/UCAN claims there is no basis for PG&E’s request and that the Commission should reject PG&E’s proposal.  TURN/UCAN’s claim is unfounded.


Section 367 provides in pertinent part as follows:


The commission shall identify and determine those costs and categories of costs for generation-related assets and obligations, consisting of generation facilities, generation-related regulatory assets, nuclear settlements, and power purchase contracts, including, but not limited to, restructuring, renegotiations, or terminations thereof approved by the commission, that were being collected in commission-approved rates on December 20, 1995, and that may become uneconomic as a result of a competitive generation market, in that these costs may not be recoverable in market prices in a competitive market ... . These uneconomic costs shall be recovered from all customers on a nonbypassable basis ...


Above-market ICIP, a category of uneconomic generation-related costs clearly encompassed by this provision, therefore “shall be recovered from all customers on a nonbypassable basis.”  The only issue then for this proceeding is the appropriate form of the recovery of above-market ICIP on a nonbypassable basis.


Pursuant to Section 368, the Commission’s Cost Recovery Plan Decision approved PG&E’s cost recovery plan, subject to certain limitations not relevant here (Ordering Paragraph 1, p. 35).  PG&E’s cost recovery plan consisted of the document entitled “Restructuring Rate Settlement “ (with minor revisions) that had been submitted to the Commission on June 12, 1996 (see Section 368(h)).  In the section on Diablo Canyon Pricing, the Restructuring Rate Settlement and the later cost recovery plan provide that Diablo Canyon’s incremental costs would be recovered through an ICIP mechanism, not through the CTC mechanism.  Therefore, to comply with Section 367 and to be consistent with the cost recovery plan, PG&E in this proceeding has proposed that Diablo Canyon generation costs be recovered through the ICIP as a nonbypassable charge separate from the CTC nonbypassable charge.


However, the Commission may conclude (possibly for administrative convenience) that under Section 367 the above-market ICIP should be recovered in the CTC charge rather than as a separate nonbypassable charge.  If so, this would be consistent with its own ruling in the Cost Recovery Plan Decision:  “To the extent that any element of the plans or of this decision is inconsistent with 368 or any other provision of AB 1890, the language of the statute prevails” (Conclusion of Law 3, p. 34).  In that event, Section 367 would prevail over the cost recovery plan decision so that above-market ICIP is recovered in the nonbypassable CTC charge rather than as a separate nonbypassable charge.


Whether the Commission adopts PG&E’s proposal to recover above-market ICIP as a separate nonbypassable charge or as part of CTC, it is clear that Section 367 requires recovery of above-market ICIP on a nonbypassable basis and that TURN/UCAN’s claim is groundless.


The Commission Should Not Adopt Proposals To Calculate CTC On A Customer Average Basis.


Southern Energy, ORA, and CEC recommend that CTC be set on a customer average basis (Southern Energy OB, p. 2; ORA OB, p. 35; CEC OB, p. 17).  The Commission should not adopt these proposals because they conflict with Section 368(b) and they would impede competition on the price of energy supply.


In prepared testimony, Southern Energy proposed to forecast PX prices to determine the CTC component of rates (Exh. 39, pp. 4-5).  In hearings, Southern Energy then introduced a new proposal for determination a fixed average CTC component (Tr. 1258-1259, Southern Energy, Muller), acknowledging the flaws in its original proposal to forecast PX prices (Tr. 1276, Southern Energy, Muller).  In its Opening Brief, Southern Energy attempts to revive its original PX-forecasting proposal, but the flaws its own witness acknowledged still remain (Southern Energy OB, pp. 6-8).  Moreover, Southern Energy’s original proposal runs counter to the stipulation reached among parties in the CTC proceeding, in which it was agreed that the CTC charges will be based on real time prices from the PX, not based on a forecast of these prices (Exh. 3, p. DER-4).  


Southern Energy also recommends the proposal it introduced in hearings for a fixed average CTC, which at least does not require forecasting (Southern Energy OB, pp. 7-8).  However, Southern Energy’s second proposal does clearly result in a customer paying a different non-energy charge by choosing direct access than it would pay by remaining a bundled service customer.  This result directly conflicts with Section 368(b), which provides in pertinent part as follows:


... The separation of rate components required by this subdivision shall be used to ensure that customers of the electrical corporation who become eligible to purchase electricity from suppliers other than the electrical corporation pay the same unbundled component charges, other than energy, a bundled service customer pays. ...


This provision refers to individual customers (“a bundled service customer”), not to classes of customers or average customers.  Southern Energy’s fixed average CTC proposal must be rejected because it conflicts with Section 368(b), if for no other reason.


CEC and ORA allege their customer average CTC proposals will ensure that direct access customers pay the same non-energy charges as full service customers, because non-energy charges for both are based on the schedule average non-energy charges (CEC OB, pp. 20- 21; ORA OB, p. 36).  This argument is misguided.  Simply fixing these charges on an average basis for both sets of customers does not mean CTC is being assessed properly in compliance with Section 368(b).  Indeed, any proposal which would set CTC on a schedule average basis would not ensure that direct access and full service customers pay the same non-energy charges, as required by Section 368(b). 


Aside from this legal issue, however, fixing CTC on an average basis would be wrong for customers with an hourly meter because it would only mask the customer’s true contribution to CTC.  The actual cost to serve energy to that customer is based on the actual cost of energy, not on the schedule average.  Once an hourly meter is installed, the customer’s contribution to CTC can be calculated and should be assessed accordingly.  The primary objective of electric restructuring is to allow customers to achieve a lower cost energy supply by electing direct access.  PG&E’s proposal to calculate CTC hourly provides precisely this incentive.  It ensures that the benefit of the lower cost power, and nothing else, is passed directly to the customer (PG&E OB, pp. 28-29).  Enron correctly reflects this in its Opening Brief (Enron OB, p. 10):


Enron believes direct access customers should be allowed to directly and immediately benefit from the lower prices that Enron offers--but to do this the customers must be permitted to receive the price savings resulting from the difference between their lower price from Enron and the higher price they would have been charged had they purchased power through the PX.


Basing a CTC calculation on an average encourages the customer to make choices that are not based on an overall cost of energy, but are instead based upon arbitrage created by the PX credit methodology  (Exh. 3, pp. DRP-2 to DRP-5; Exh. 7, p. 68).   PG&E urges the Commission to adopt PG&E’s credit methodology, which provides the proper incentive for direct access customers to obtain a lower overall cost of energy.


ORA proposes that the average CTC rate for direct access customers be determined by TOU period for the schedule average load based on an actual, rolling PX price (ORA OB, p. 35).  PG&E believes ORA’s proposal is constructive but unacceptable.  PG&E agrees that development of a CTC rate by TOU period would more accurately determine non-energy costs that are not differentiated by TOU, but PG&E would need to develop a CTC rate for every billing cycle for every schedule.  PG&E has investigated its ability to make this modification and found it cannot maintain a rolling PX price for billing purposes for a January 1, 1998 implementation date (Tr. 30-31, PG&E, Pease).   This concern aside, it is unreasonable to use a proxy for a CTC rate based on the schedule average (even when it is based on a schedule average by TOU period) when hourly information is available to determine the customer’s CTC contribution accurately (PG&E OB, p. 29).


ORA and CEC claim that CTC must be determined on an average basis to ensure that VDA is a viable option (ORA OB, pp. 34-35; CEC OB, p. 17).  PG&E recognizes the limits of its proposal regarding VDA (Exh. 1, p. 4-8).  There is no question that the Policy Decision viewed hourly pricing (or TOU pricing, which the Policy Decision seems to use almost interchangeably) as an important element of restructuring, but the ratemaking implications of a VDA option were unclear at the time of the Policy Decision.  The Commission should not rely on the state of knowledge in 1995 to formulate policy in 1997, and the Commission should not formulate a VDA option today solely because the Policy Decision said to.


PG&E Endorses Enron’s Proposal To Provide Options To Direct Access Customers.


Enron proposes to calculate CTC for each of its direct access customers esentially as PG&E proposes, but to take upon itself as energy service provider the responsibility for paying those amounts to PG&E regardless of how it structures rates for its customers (Tr. 1155-1156, Enron, Tabors; Enron OB, pp. 11-12).  In PG&E’s view, Enron’s approach eliminates the conflict with Section 368(b) that rules out other parties’ customer average CTC proposals. Enron’s approach also allows energy service providers to structure rate alternatives which best meet their and their customers’ needs.  The Enron approach could be available on January 1, 1998, now that consolidated energy supplier billing has been ordered by that date (Revenue Cycle Unbundling Decision, Ordering Paragraph 1, p. 31).  PG&E endorses Enron’s proposal but observes that its implementation will require considerable work by the stakeholders.  Areas that will require further discussion include Enron’s requirements for consolidated energy supplier billing and regulatory involvement in the contractual relationship between Enron and PG&E (Tr. 1193-1194, Enron, Tabors).  PG&E recommends that the Commission endorse the Enron proposal in concept in this proceeding, with details to be worked out thereafter.


The VDA Rate Option Proposal Is Flawed.


CEC, ORA, and Southern Energy suggest that a VDA rate option is allowable under AB 1890 because Section 367(e)(2) prohibits only increases to the bills of customers purchasing energy from the PX (CEC OB, p. 18; ORA OB, p. 35; Southern Energy OB, pp. 9-10).  Thus, they maintain, the Commission may approve an option that reallocates CTC to produce a lower bill to a customer.  In order for a rate option to be cost based, the customer must have the ability to benefit based on a better than average load profile as well as lose if the load profile is worse than average.  CEC states that the VDA option is consistent both with Section 367(e)(2), because it can be structured only to benefit customers, and with Section 378, because it is a cost-based option consistent with Section 378 (CEC OB, pp. 18-19).  PG&E submits that the proposed VDA rate option cannot be consistent with both provisions.  


With Regard To Merced’s Request, PG&E Questions Its Reasoning.


In its Opening Brief, Merced argues that a customer served by a utility as of December 20, 1995, which subsequently takes service from an irrigation district over facilities owned or leased by that district, should not pay the utility’s nonbypassable public purpose program charge.  Merced’s reasoning is as follows:  (1) the customer would be paying twice for the same programs, since irrigation districts, falling within the category of a local publicly owned electric utility, are required to establish similar programs per Section 385(a); and (2) the public purpose program is specified as an element of local distribution service, and since the customer would no longer be taking service from the utility’s distribution system, the public purpose program would not apply.


PG&E is inclined to agree with Merced’s first point, that it would be inappropriate to assess a public purpose program charge on those customers departing utility service for that of an irrigation district, given that these districts are now required to institute programs similar to those of the utilities, and to charge their customers accordingly.  This would be true whether or not the customer is the recipient of a CTC exemption. 


However, PG&E disagrees with Merced’s second rationale that, since the public purpose program charge is “an element of local distribution service” (Section 381(a)), that charge should not apply to customers departing the utility’s distribution system.  This rationale ignores the word preceding the quoted excerpt from Section 381(a):  “nonbypassable.”  If departing customers are not responsible for paying those charges, as this rationale provides, then the charge in fact is not nonbypassable, in violation of Section 381(a).  Thus, PG&E recommends that if the Commission finds Merced’s request to be reasonable, it do so on the basis of Merced’s first rationale only.
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MASTER METER ISSUES


PG&E has reviewed the parties’ Opening Briefs on master meter issues and does not find reason to reply further.  


BILL FORMAT


Comments Common to All Applicants


Rate Reduction Bond Credits


Parties do not appear to hold differing opinions on how to reflect rate reduction bonds in bills.  Specifically, all parties either endorse or do not oppose (1) reflecting the rate reduction in bills as a bill credit, and (2) applying the rate reduction to a customer’s bill before any direct access credit is applied.  PG&E requests that the Commission adopt these two requirements in this proceeding and leave all other details for decision in the rate reduction bond proceeding.  


Power Exchange Prices


Other


PG&E


Requiring Changes By January 1, 1998 In PG&E’s Bill Format Proposal Will Jeopardize The Timely Implementation Of Direct Access.


In addition to incorporating rate functionalization into the bill calculation as discussed above, some parties request PG&E to revise its bill format for implementation of direct access on January 1, 1998.  CFBF calls for implementation no later than January 1, 1999 (CFBF, Exh. 60, p. 9), CAL-SLA calls for implementation no later than June 1, 1998 (CAL-SLA OB, pp. 5-10), and TURN/UCAN and CEC call for implementation on January 1, 1998 (TURN OB, pp. 36-41; CEC OB, pp. 30-34).


TURN/UCAN states that because PG&E has started to work on implementing its proposed bill format, it has effectively precluded alternatives from consideration for bills to be issued on January 1, 1998 (TURN/UCAN OB, p. 40).  Unfortunately, due to the constraints imposed by PG&E’s billing system, TURN’s assertion is generally true.   The fact is that if PG&E had waited for a Commission decision concerning the appropriate information to be presented on a bill, PG&E would certainly be unable to complete changes in its billing system in time for direct access to be implemented on January 1, 1998.  PG&E’s priority was, and continues to be, successful implementation of direct access on January 1, 1998.  Bill format considerations have had to be viewed in light of this overarching goal.  


TURN/UCAN goes on to state that if PG&E had chosen to work on TURN/UCAN’s proposal rather than on PG&E’s, PG&E could have implemented TURN/UCAN’s proposal (TURN/UCAN OB, p. 40).  However, TURN/UCAN acknowledges PG&E’s proposal forms the starting point for its own proposal (TURN/UCAN OB, p. 35), so it is not clear how PG&E could have anticipated TURN/UCAN’s proposal.


TURN/UCAN claims that implementing PG&E’s proposal for producing schedule average PX prices on bills is far more labor intensive than implementing TURN/UCAN’s bill format.  This claim is based entirely on speculation by TURN/UCAN.  In fact, schedule level PX prices will be determined outside the current billing system.  Changes from system average to schedule average PX price are a very different matter from billing format changes.   


Finally, TURN/UCAN claims that PG&E’s proposal to implement a 10 percent rate reduction for customers on Schedule E-19 voluntary creates an excessive amount of work that could be better spent on developing TURN/UCAN’s proposal.  However, PG&E has not “proposed” that E-19 voluntary customers receive the discount; rather, AB 1890 requires that these customers receive the discount if they are less than 20 kW.  PG&E must comply with the legislation in this regard and provide the discount to those customers on the schedule that are eligible.  


Paraties’ Proposals Are Not Necessary For The Successful Implementation Of Direct Access On January 1, 1998.


PG&E should not be required to make improvements to its proposed bill format by January 1, 1998, because increased work will increase the risk of not being able to implement direct access on January 1, 1998.  The Commission should reject all such proposals for January 1, 1998 implementation because PG&E’s proposal already provides a reflection of the PX energy cost that is as accurate as PG&E is capable of producing by that time.  PG&E strongly believes that information on the bill should enable customer choice and that PG&E’s bill format proposal does that.  


TURN/UCAN asks that each nonbypassable charge be identified separately and that the wires and distribution function be separated (TURN/UCAN OB, pp. 36-37).  The fact is, though, that a customer would pay each in total whether they elected direct access or not.  Accordingly, PG&E sees little reason that they should be a priority for producing on bills on January 1, 1998.  Further, PG&E disagrees with TURN/UCAN’s interpretation that nonbypassable charges need be shown separately on the bills in accordance with AB 1890.  PG&E notes that only in one place in AB 1890 are the requirements to be shown on the bill defined, and that is Section 392(c).   This Section clearly calls for only two line items: (1) generation including CTC and energy, and (2) all other.  


CEC has a lengthy list of requests including hour-ahead PX costs, day-ahead PX costs and settlement costs, nuclear decommissioning, CTC, transmission, distribution, and any other nonbypassable surcharges listed separately (CEC OB, pp. 30-31).  In addition, CEC calls for an indication of peak and off-peak PX costs, and comparisons with other similarly situated customers.  In response, first PG&E disagrees that PX costs need be broken down to the level of day-ahead and hour-ahead and settlement.  When a customer seeks a competitive cost from a supplier other than a utility, the customer will seek a combined price to beat the PX.  While customers may find this additional information interesting, it its by no means necessary to facilitate competition on January 1, 1998.  Second, nonbypassable charges do not need to be broken down to component pieces to facilitate competition.  As stated above with regard to TURN/UCAN’s proposal, nonbypassable charges will be paid by customers whether or not they elect direct access, so it is important the customer knows these amounts in total, not individually.  Finally, with regard to providing customer comparisons and on-peak and off-peak PX prices, PG&E does not believe this information is necessary to facilitate knowledgeable choices of a direct access provider.  Customer comparisons would only serve to inform a customer about the overall cost of energy for other similar customers.  On-peak and off-peak PX prices would only serve, as CEC suggests, to inform customers about variations in prices for TOU and hourly price options.  Again, this information would not facilitate a customer’s choice of a direct access provider, and it will be available from other sources.


CAL-SLA requests several items that have no bearing on a customer’s choice of energy supplier (Exh. 11, Table 1), even though CAL-SLA adamantly stated that what streetlight customers really need to know is the cost of the competitive service (Tr. 159, CAL-SLA, Schmidt).  PG&E finds it difficult to understand why CAL-SLA is requesting, for example, that customer and facilities charges be listed separately, that transmission and distribution be separated, and that nonbypassable charges be separately stated.  By providing the PX price for energy, PG&E’s proposal addresses CAL-SLA’s principal need as articulated in hearings.  Therefore, PG&E requests that CAL-SLA’s other proposals be denied.


PG&E urges the Commission to adopt PG&E’s proposal for bill format and disregard requests for information beyond that necessary to implement direct access on January 1, 1998.  The Commission should take care not to impose a requirement for unnecessary information on the bill that would put at risk successful implementation of direct access on January 1, 1998.    


SCE


SDG&E


CONCLUSION


PG&E respectfully requests the Commission to approve the recommendations made in PG&E’s Opening Brief, and PG&E endorses the proposal made by Enron to provide options to customers.  This Reply Brief responds to parties’ Opening Briefs to the extent they oppose the recommendations made by PG&E.
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